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EPAct 2005 SEC. 1817. STUDY OF DISTRIBUTED GENERATION. 
(a) Study-  

(1) IN GENERAL-  

(A) POTENTIAL BENEFITS- The Secretary, in consultation with the Federal Energy Regulatory Commission, shall 
conduct a study of the potential benefits of cogeneration and small power production. 

(B) RECIPIENTS- The benefits described in subparagraph (A) include benefits that are received directly or 
indirectly by-- 

(i) an electricity distribution or transmission service provider; 

(ii) other customers served by an electricity distribution or transmission service provider; and 

(iii) the general public in the area served by the public utility in which the cogenerator or small power producer is 
located. 

(2) INCLUSIONS- The study shall include an analysis of-- 

(A) the potential benefits of-- 

(i) increased system reliability; 

(ii) improved power quality; 

(iii) the provision of ancillary services; 

(iv) reduction of peak power requirements through onsite generation; 

(v) the provision of reactive power or volt-ampere reactives; 

(vi) an emergency supply of power; 

(vii) offsets to investments in generation, transmission, or distribution facilities that would otherwise be recovered 
through rates; 

(viii) diminished land use effects and right-of-way acquisition costs; and 

(ix) reducing the vulnerability of a system to terrorism; and 

(B) any rate-related issue that may impede or otherwise discourage the expansion of cogeneration and small power 
production facilities, including a review of whether rates, rules, or other requirements imposed on the facilities are 
comparable to rates imposed on customers of the same class that do not have cogeneration or small power 
production. 

(3) VALUATION OF BENEFITS- In carrying out the study, the Secretary shall determine an appropriate method of 
valuing potential benefits under varying circumstances for individual cogeneration or small power production units. 

(b) Report- Not later than 18 months after the date of enactment of this Act, the Secretary shall-- 

(1) complete the study; 

(2) provide an opportunity for public comment on the results of the study; and 

(3) submit to the President and Congress a report describing-- 

(A) the results of the study; and 

(B) information relating to the public comments received under paragraph (2). 

(c) Publication- After submission of the report under subsection (b) to the President and Congress, the Secretary 
shall publish the report. 
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Executive Summary 
 
Background 

 Section 1817 of the Energy Policy Act (EPACT) of 2005 calls for the Secretary of Energy to conduct a 
study of the potential benefits of cogeneration and small power production, otherwise known as 
distributed generation, or DG. The benefits to be studied are described in subpart (2)(A) of Section 1817. 
In accordance with Section 1817 the study includes those benefits received “either directly or indirectly 
by an electricity distribution or transmission service provider, other customers served by an electricity 
distribution or transmission service provider and/or the general public in the area served by the public 
utility in which the cogenerator or small power producer is located.” Congress did not require the study to 
include the potential benefits to owners/operators of DG units.1  The specific areas of potential benefits 
covered in this study include: 

• Increased electric system reliability (Section 2 of the Study) 

• An emergency supply of power (Section 2 and 7 of the Study) 

• Reduction of peak power requirements (Section 3 of the Study) 

• Offsets to investments in generation, transmission, or distribution facilities that would otherwise 
be recovered through rates (Section 3 of the Study) 

• Provision of ancillary services, including reactive power (Section 4 of the Study) 

• Improvements in power quality (Section 5 of the Study) 

• Reductions in land-use effects and rights-of-way acquisition costs (Section 6 of the Study) 

• Reduction in vulnerability to terrorism and improvements in infrastructure resilience (Section 7 of 
the Study) 

Additionally, Congress requested an analysis of “…any rate-related issue that may impede or otherwise 
discourage the expansion of cogeneration and small power production facilities, including a review of 
whether rates, rules, or other requirements imposed on the facilities are comparable to rates imposed on 
customers of the same class that do not have cogeneration or small power production.” (Section 8 of the 
Study) 

The full study may be found at http://www.oe.energy.gov. 

A Brief History of DG 

DG is not a new phenomenon. Prior to the advent of alternating current and large-scale steam turbines - 
during the initial phase of the electric power industry in the early 20th century - all energy requirements, 

                                                      

1 While there are many documented examples of how DG (particularly from those systems that use renewable 
energy and combined heat and power technologies) could enhance environmental conditions, Section 1817 does not 
include an analysis of the potential environmental benefits of DG. As such, the study does not address this issue. 
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including heating, cooling, lighting, and motive power, were supplied at or near their point of use. 
Technical advances, economies of scale in power production and delivery, the expanding role of 
electricity in American life, and its concomitant regulation as a public utility, all gradually converged to 
enable the network of gigawatt-scale thermal power plants located far from urban centers that we know 
today, with high-voltage transmission and lower voltage distribution lines carrying electricity to virtually 
every business, facility, and home in the country. 

At the same time this system of central generation was evolving, some customers found it economically 
advantageous to install and operate their own electric power and thermal energy systems, particularly in 
the industrial sector. Moreover, facilities with needs for highly reliable power, such as hospitals and 
telecommunications centers, frequently installed their own electric generation units to use for emergency 
power during outages. Traditionally, these forms of DG were not assets under the control of electric 
utilities. However, in some cases, they produced benefits to the overall electric system by supplying 
needed power to those consumers in lieu of the local electricity provider. In such cases, utility investment 
for facilities and/or system capacity that would have been used to supply those customers could be re-
directed to expand/upgrade the network.   

Over the years, the technologies for both central generation and DG improved by becoming more efficient 
and less costly. Implementation of Section 210 of the Public Utilities Regulatory Policy Act of 1978 
(PURPA) sparked a new era of highly energy efficient and renewable DG for electric system applications. 
Section 210 established a new class of non-utility generators called “Qualifying Facilities” (QFs) and 
provided financial incentives to encourage development of cogeneration and small power production. 
Many QFs have since provided energy to consumers on-site, but some have sold power at rates and under 
terms and conditions that have been either negotiated or set by state regulatory authorities or non-
regulated utilities. 

Today, advances in new materials and designs for photovoltaic panels, microturbines, reciprocating 
engines, thermally-activated devices, fuel cells, digital controls, and remote monitoring equipment 
(among other components and technologies) have expanded the range of opportunities and applications 
for “next generation” DG, and have made it possible to tailor energy systems to the specific needs of 
consumers. These technical advances, combined with changing consumer needs, and the restructuring of 
wholesale and retail markets for electric power and natural gas, have opened even more opportunities for 
consumers to use DG to meet their own energy needs.  

At the same time, these circumstances can allow electric utilities to explore the possibilities of utilizing 
DG to help address the requirements of a modern electric system. The U.S. Department of Energy (DOE) 
has supported research and development in an effort to make these “next generation” DG devices more 
energy efficient, reliable, clean and affordable. The aim of these efforts has been to accelerate the pace of 
development of “next generation” energy systems, and promote greater energy security, economic 
competitiveness, and environmental protection.  These “next generation” systems are the focus of this 
study. 

Public Input 

Wherever possible, this study utilizes existing information in the public domain, including, for example, 
published case studies, reports, peer-reviewed articles, state public utility commission proceedings, and 
submitted testimony. No new analysis tools have been explicitly created for this study.  This study 
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attempts to reflect all points of view based on public input and existing materials and publications. In 
several instances the public inputs offered opposing points of view. In these cases the varying 
perspectives are presented in the study.   

A Federal Register Notice published in January 20062 requested all interested parties to submit case 
studies or other documented information concerning DG as it relates to EPACT 1817.  Forty-one 
organizations responded with studies, reports, data, and suggestions. A second Federal Register Notice 
was published in March 20073 and requested public comments on the draft study. Fifteen individuals and 
organizations submitted written comments on the draft report. DOE has reviewed all of this information 
and is grateful to those individuals and organizations that provided data, reports, comments, and 
suggestions. 

Major Findings 
• Distributed generation is currently part of the U.S. energy system. There are about 12 million DG 

units installed across the country, with a total capacity of about 200 GW. Most of these are back-
up power units and are used primarily by customers to provide emergency power during times 
when grid-connected power is unavailable.4 This DG capacity also includes about 84 GW5 of 
energy efficient, consumer-owned, combined heat and power (CHP) systems, which provide 
electricity and thermal energy for certain manufacturing plants, commercial buildings, and 
independently-owned district energy systems that provide electricity and/or thermal energy for 
university campuses and urban areas. While many electric utilities have (in the course of normal 
planning and operations) evaluated the costs and benefits of DG, only a small fraction of the DG 
units in service are used for providing benefits to the electric system. The vast majority of DG 
units installed in the U.S. today are customer owned/operated and used primarily to supply energy 
services to their owners. 

• There are several economic, regulatory, and institutional reasons why electric utilities have not 
installed much DG. For example, the economics of DG (as an alternative to investment in 
traditional infrastructure) are such that financial attractiveness is largely determined on a case-by-
case basis, and is very site-specific. As a result, many of the potential benefits of DG are most 
readily available to consumers since the incentives for customer-owned DG are often far greater 
than those for utility-owned DG. This has led to the present situation where standard business 
model(s) for electric utilities to invest profitably in DG have not emerged. In addition, in 
instances where financially attractive DG opportunities for electric utilities have been identified, 
lack of experience with DG technologies has contributed to a perception of added risks and 
uncertainties, particularly when DG is compared to conventional energy solutions. This lack of 
experience has also contributed to a lack of standardized equipment, operational data, models or 
similar analytic tools for evaluating DG-grid interoperability, and standard interconnection 

                                                      
2 71 FR 4904 (Jan. 30, 2006). 
3  72 FR 9318 (March 1, 2007). 
4  These back-up power units mostly use diesel engines and are very rarely called into service. While the total amount of this back-up capacity 

is impressive, these units do not play a significant role in providing energy services to their owners, and when they are used their relatively 
poor environmental performance raise issues for local air emission regulations. This back-up power form of DG has not been a significant 
target of research and development by the U.S. Department of Energy because improving their efficiency and environmental performance 
would not yield much benefit because of their low level of use. 

5  Paul Bautista, Patti Garland, and Bruce Hedman, 2006 Action Plan, Positioning CHP Value: Solutions for National, Regional, and Local 
Energy Issues, Presented at 7th National CHP Roadmap Workshop, Seattle, Washington, September 13, 2006. 
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practices, and is part of the justification for utility reluctance to install DG on their electric 
systems. 

• Nevertheless, DG offers potential benefits to the electric system if integrated into utilities’ 
planning and operations processes. On a local basis there are opportunities for electric utilities to 
use DG to supplement a distribution system’s ability to supply sufficient power during periods of 
peak demand, provide ancillary services such as reactive power and voltage support, and improve 
power quality. Using DG to meet these local system needs can enhance overall electric system 
reliability. For example, several utilities provide financial incentives to customer owners of 
emergency DG to make the units available during peak demand periods, and at other times of 
system need. In addition, several regions have employed demand response (DR) programs, where 
financial incentives and/or price signals are provided to customers to reduce their electricity 
consumption during peak periods. Some customers who participate in these programs also use 
DG to maintain near-normal operations while they reduce their use of grid-supplied power.6 

• Several of the public comments on the draft of this study pointed out that certain forms of DG 
(e.g., those that use renewable energy resources such as photovoltaics, and energy efficient 
engines and turbines, and heat recovery equipment, such as those used in combined heat and 
power systems) often have environmental benefits. There are many documented examples of how 
these forms of DG can help lower emissions of air pollutants and greenhouse gases.7 However, 
Section 1817 did not include environmental benefits as an area of discussion, and so they were 
not addressed in this study. 

• In addition to the potential benefits for an electric system, DG can help decrease the vulnerability 
of users of the electric system to threats from terrorist attacks, and other forms of potentially 
catastrophic disruptions. In other words, DG has the potential to increase the resiliency of the grid 
and other critical infrastructure sectors [as defined in the National Infrastructure Protection Plan 
(NIPP) issued by the Department of Homeland Security], such as telecommunications, chemicals, 
agriculture and food, and government facilities. There are many examples of owners and 
operators of such facilities using DG to maintain “normal” operations when the grid is down 
during weather-related outages and regional blackouts. However, for a variety of factors, many of 
these units cannot be relied upon by electric utilities to help the system recover from such events.  

• Under certain circumstances, and depending on the assumptions, DG can also have beneficial 
effects on land use by reducing the size/amount of rights-of-ways that would otherwise be needed 
to build or upgrade power stations, electric transmission, and electric distribution lines.  

• Regulation by the States of electric rates; Federal, State and local environmental siting and 
permitting; and grid interconnection policies and practices can have significant impacts on the 
financial attractiveness of DG projects. The fact that these rules, regulations and interconnection 
policies vary by state and utility service territory can, in itself, be an impediment to the expanded 
use of DG. Satisfying these myriad requirements typically involves a customized approach to the 
planning, design and siting of DG installations which can increase DG project costs beyond 
economic viability. In addition, utilities, with the approval of regulators, adopt practices and 

                                                      
6  U.S. Department of Energy, Benefits of Demand Response in Electricity Markets and Recommendations for Achieving Them: A Report to 

the U.S. Congress Pursuant to Section 1252 of the Energy Policy Act of 2005,  February 2006 
7  See for example: Regulatory Assistance Project “Emissions Rates for New DG Technologies” May 2001; U.S. Department of Energy :Gas-

Fired Distributed Energy Resource Technology Characterizations” October 2003; U.S. Environmental protection Agency “Base Case 2006” 
http://epa.gov/airmarkets/progsregs/epa-ipm/index.html#docs 
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charges that discourage customers and developers from installing DG. However, there have been 
actions in recent years to address some of these issues. An example of such an effort is the work 
of the Institute of Electrical and Electronic Engineers (IEEE) to implement uniform DG 
interconnection standards. In addition, Subtitle E – Amendments to PURPA of the Energy Policy 
Act of 2005, contains provisions for state public utility commissions to consider adopting time-
based electricity rates, net metering, smart metering, uniform interconnection standards, and 
demand response programs, all of which have the potential to encourage greater use of DG.  

• Another key for making DG a viable resource option for electric utilities entails the successful 
integration of DG into electric system planning and operations processes. Often this depends on 
whether or not grid operators can readily affect or control operation of the DG units (especially 
during times of system need). Besides the potential benefits, it is important to point out that under 
certain circumstances DG could produce undesirable consequences to electric system operations, 
particularly when units are not dispatchable, when local utilities are not aware of DG operating 
schedules, or when the lack of proper interconnection and protective equipment causes potential 
safety hazards. These instances depend on local system conditions and needs and should be 
properly assessed by a full review of all operational data. 

Conclusions 

Distributed generation may continue to be a viable source of energy for certain types of consumers, 
particularly those with needs for emergency power, uninterruptible power, and combined heat and power. 
DG can also be the source of a variety of benefits (e.g., peak load reduction, voltage support, and power 
quality improvements) for the Nation’s electric grid. However, there will need to be a concerted and 
cooperative effort for the numerous benefits of DG to be realized and for more DG to be deployed on the 
grid. This effort may require cooperation among electric system planners, operators, and industry groups; 
Federal, State, and local government agencies; equipment manufacturers; electricity consumers; and 
academic, research, and public interest organizations. 

There are several conclusions that can be drawn from this study:  

• State utility commissions as well as local and regional electric system planning processes, 
models, and analytical tools could be modified to include DG as potential resource options, and 
thus provide a mechanism for identifying opportunities for integrating DG into the modern 
electric system. 

• Expanding the role of DG in the grid of the future may require development of better data on the 
operating characteristics, costs, and the full range of potential benefits (including environmental) 
of various DG systems so that they are comparable – on an equal and consistent basis – with 
central generation and other conventional electric resource options.  

• Calculating DG benefits is complicated, and ultimately requires a complete dataset of site-
specific operational characteristics and circumstances. This renders the possibility of utilizing a 
single, comprehensive analysis tool, model, or methodology to estimate national or regional 
benefits of DG highly improbable. However, methodologies exist for accurately evaluating 
“local” costs and benefits (such as DG to support a distribution feeder). It is also possible to 
develop comprehensive methods for aggregating local DG costs and benefits for substations, 
local utility service areas, states, regional transmission organizations, and the nation as a whole.  
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• Efforts by the States to implement the requirements posed by Subtitle E – Amendments to PURPA 
of the Energy Policy Act of 2005 could affect the consideration of DG by the electric power 
industry, particularly those provisions that promote smart metering, time-based rates, DG 
interconnection, demand response, net metering, and fossil fuel generation efficiency. In addition, 
a number of States have mandates that require utilities to increase the amount of renewable and 
alternative energy sources in their generation portfolios.  

• The National Action Plan for Energy Efficiency (Action Plan) was started by the U.S. Department 
of Energy and the U.S. Environmental Protection Agency to address Section 138 of the Energy 
Policy Act of 2005, which calls for a study of policies and practices to promote greater use of 
energy efficiency programs and strategies by the Nation’s electric and natural gas utilities. The 
Action Plan8 contains recommendations for modifying policies to align utility incentives with the 
delivery of cost-effective energy efficiency programs, and modifying ratemaking practices to 
promote greater levels of energy efficiency investments by electric and natural gas utilities. New 
policies and ratemaking practices by electric and natural gas utilities can be used to improve the 
financial attractiveness of energy efficient and renewable energy DG to utilities and their 
customers. 

 
 

                                                      
8  A group of more than 50 leading privately, publicly, and cooperatively owned electric and gas utilities, utility regulators, state agencies, 

large energy users, consumer advocates, energy services providers, and environmental and energy efficiency organizations participate in the 
Leadership Group that developed the Action Plan. More information is available at http://www.epa.gov/eeaction plan. 
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Definitions and Terms 

alternative fuels:  Fuels produced from waste products or biomass that are used instead of fossil fuels. 
Alternative fuels can be in gas, liquid, or solid form.  

ancillary services:  Necessary services that must be provided in the generation and delivery of electricity. 
As defined by the Federal Energy Regulatory Commission, they include coordination and scheduling 
services (load following, energy imbalance service, control of transmission congestion); automatic 
generation control (load frequency control and the economic dispatch of plants); contractual agreements 
(loss compensation service); and support of system integrity and security (reactive power, or spinning and 
operating reserves).  

ASIDI:  Average System Interruption Duration, reliability measure that includes the magnitude 
kVAsustained) of the load unserved during an outage of duration (Dsustained), and the number of customers 
served (Nserved). Expressed mathematically as: 

served

sustainedsustained

N
DkVA

ASIDI ∑=  

ASIFI:  Average System Interruption Frequency, reliability measure that includes the magnitude of the 
load unserved during an outage ( sustainedkVA ) and the total load served by the system (kVAserved). 
Expressed mathematically as: 

served

sustained

kVA
kVA

ASIFI ∑=  

availability:  Used to describe reliability. It refers to the number of hours the resource is available to 
provide service divided by the total hours in the year. 

avoided cost:  See marginal cost. The avoided cost is a form of marginal cost that is required to be paid 
to certain qualifying facilities under the Federal Energy Regulatory Commission’s regulations for 
qualifying facilities (18 C.F.R. Part 292). 

backup power:  Power provided to a customer when that customer's normal source of power is not 
available.  

base load:  The minimum amount of electric power delivered or required over a given period of time at a 
steady rate, or the portion of the electricity demand that is continuous and does not vary over a 24-hour 
period. 

base load capacity:  The generating equipment normally operated to serve loads on a 24-hour basis.  
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base load plant:  A plant, usually housing high-efficiency steam-electric units, which is normally 
operated to serve all or part of the minimum load of a system, and which consequently produces 
electricity at an essentially constant rate and runs continuously and therefore has a very high capacity 
factor. These units are operated to maximize system mechanical and thermal efficiency and minimize 
system operating costs, i.e., these units have the lowest variable costs in the system. 

black-start capability:  The ability to go from a shutdown condition to an operating condition delivering 
electric power without assistance from the electric system. 

bundled utility service:  All generation, transmission, and distribution services provided by one entity 
for a single charge. This would include ancillary services and retail services. 

CAIDI:  The customer average interruption duration frequency index. See power reliability for more 
information. 

CAIDI = SAIDI
SAIFI

=
Sum of all customer interruption durations

Total number of customer interruptions
 

capacitor:  A device that maintains or increases voltage in power lines and improves efficiency of the 
system by compensating for inductive losses.  

capacity:  The rated continuous load-carrying ability, expressed in megawatts or megavolt-amperes  of 
generation, transmission, or other electrical equipment. Other types of capacity are defined below.  

base load capacity:  Capacity used to serve an essentially constant level of customer demand. 
Baseload generating units typically operate whenever they are available, and they generally have a 
capacity factor that is above 60%. 

peaking capacity:  Capacity used to serve peak demand. Peaking generating units operate a limited 
number of hours per year, and their capacity factor is normally less than 20%. 

net capacity:  The maximum capacity (or effective rating), modified for ambient limitations, that a 
generating unit, power plant, or electric system can sustain over a specified period, less the capacity 
used to supply the demand of station service or auxiliary needs. 

intermediate capacity:  Capacity intended to operate fewer hours per year than baseload capacity but 
more than peaking capacity. Typically, such generating units have a capacity factor of 20% to 60%. 

firm capacity:  Capacity that is as firm as the seller's native load unless modified by contract. 
Associated energy may or may not be taken at option of purchaser. Supporting reserve is carried by 
the seller. 

capacity benefit margin:  The amount of transmission capability that is reserved by load-serving entities  
to ensure access to generation from interconnected systems to meet generation reliability requirements. 

capacity factor:  The amount of energy that an asset transmits (e.g., for a wire) or produces (e.g., for a 
power plant) as a fraction of the amount of energy that could have been processed if the asset were 
operated at its rated capacity for the entire year. 
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cascading outage:  The uncontrolled, successive loss of system elements triggered by an incident at any 
location. Cascading results in widespread service interruption that cannot be restrained. 

central power:  The generation of electricity in large power plants with distribution through a network of 
transmission lines (grid) for sale to a number of users. Opposite of distributed power. 

circuit:  A conductor or system of conductors through which an electric current is intended to flow. 

CMI:  Customer minutes of interruption, used as a measure of reliability. 

CMO:  Customer minutes of outage, used as a measure of reliability. 

cogeneration:  A process that sequentially produces electricity and serves a thermal load. 

cogenerator:  A generating facility that produces electricity and another form of useful thermal energy 
(such as heat or steam), used for industrial, commercial, heating, or cooling purposes. To receive status as 
a qualifying facility under the Public Utility Regulatory Policies Act of 1978, the facility must produce 
electric energy and “another form of useful thermal energy through the sequential use of energy,” and 
meet certain ownership, operating, and efficiency criteria established by the Federal Energy Regulatory 
Commission. (Code of Federal Regulations, Title 18, Part 292.) 

combined heat and power (CHP):  Any system that simultaneously or sequentially generates electric 
energy and utilizes the thermal energy that is normally wasted. Most CHP systems are configured to 
generate electricity, recapture the waste heat, and use that heat for space heating, water heating, industrial 
steam loads, air conditioning, humidity control, water cooling, product drying, or for nearly any other 
thermal energy need. This configuration is also known as cogeneration. Alternately, another CHP 
configuration may use excess heat from industrial processes and turn it into electricity for the facility. 

congestion:  The condition that occurs when actual or scheduled flows of electricity on a transmission 
line or a related piece of equipment are restricted below desired levels—either by the physical or 
electrical capacity of the line, or by operational restrictions created and enforced to protect the security 
and reliability of the grid. 

contingency reserve:  System capacity held in reserve adequate to cover the unexpected failure or outage 
of a system component, such as a generator or transmission line. 

cooperative electric utility:  An electric utility legally established to be owned by and operated for the 
benefit of those using its service. The utility company will generate, transmit, and/or distribute supplies of 
electric energy to a specified area not being serviced by another utility. Such ventures are generally 
exempt from Federal income tax laws. Most electric cooperatives have been initially financed by the 
Rural Electrification Administration, U.S. Department of Agriculture. 
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demand:  The rate at which energy is used by the customer, or the rate at which energy is flowing 
through a particular system element, usually expressed in kilowatts or megawatts. (Energy is expressed in 
kilowatt hours or megawatt hours; power is expressed in kilowatts or megawatts.)  The demand may be 
quoted on an instantaneous basis or may be averaged over a designated period of time. Demand should 
not be confused with load. Types of demand are defined below. 

instantaneous demand:  The rate of energy delivered at a given instant. 

average demand:  The electric energy delivered over any interval of time as determined by dividing 
the total energy by the units of time in the interval. 

integrated demand:  The average of the instantaneous demands over the demand interval. 

demand interval:  The time period during which electric energy is measured, usually in 15-, 30-, or 
60-minute increments. 

peak demand:  The highest electric requirement occurring in a given period (e.g., an hour, a day, 
month, season, or year). For an electric system, it is equal to the sum of the metered net outputs of all 
generators within a system and the metered line flows into the system, less the metered line flows out 
of the system at that particular point in time. 

coincident demand:  The sum of two or more demands that occur in the same demand interval. 

non-coincident demand:  The sum of two or more demands that occur in different demand intervals. 

contract demand:  The amount of capacity that a supplier agrees to make available for delivery to a 
particular entity and which the entity agrees to purchase. 

firm demand:  That portion of the contract demand that a power supplier is obligated to provide 
except when system reliability is threatened or during emergency conditions. 

billing demand:  The demand upon which customer billing is based as specified in a rate schedule or 
contract. It may be based on the contract year, a contract minimum, or a previous maximum and, 
therefore, does not necessarily coincide with the actual measured demand of the billing period. 

demand factor:  For an electrical system or feeder circuit, this is a ratio of the amount of connected 
load (in kVA or amperes) that will be operating at the same time to the total amount of connected 
load on the circuit. This is sometimes called the load diversity. 

demand-side management:  The term for all activities or programs undertaken by load-serving entity or 
its customers to influence the amount or timing of electricity they use. 

district energy: Systems that are installed, owned, and operated by third parties, utility companies, or 
customers. These systems are often used in municipal areas or on college campuses. They provide 
electricity and thermal energy (heat/hot water) to groups of closely located buildings.  

distributed generation:  Electric generation that feeds into the distribution grid, rather than the bulk 
transmission grid, whether on the utility side of the meter, or on the customer side.  

distributed power:  Generic term for any power supply located near the point where the power is used. 
Opposite of central power.  
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distributed systems:  Systems that are installed at or near the location where the electricity is used, as 
opposed to central systems that supply electricity to grids.  

distribution system:  The portion of an electric system that is dedicated to delivering electric energy to 
an end user. The distribution system starts inside a substation at the distribution bus, an array of switches 
used to route power out of the substation. Three-phase power flows from the bus into the distribution 
feeder circuits. The voltage on these circuits varies depending upon the length of the circuit, but is 
generally less than 69 kilovolts. Distribution transformers are located very near the customer and connect 
the distribution feeder to the primary circuit, which ultimately serves the customer. A distribution 
transformer, which may serve several residences or a single commercial facility, reduces the voltage of 
the primary circuit to the voltage required by the customer. This voltage varies but is usually 
120/240 volts single phase for residential customers and 480/277 or 208/120 three phase for commercial 
or light industry customers.  

diversity factor:  The ratio of the sum of the coincident maximum demands of two or more loads to their 
non-coincident maximum demand for the same period 

economic dispatch:  The allocation of demand to individual online generating units resulting in the most 
economical production of electricity. (See marginal cost.) 

electric service provider:  An entity that provides electric service to a retail or end-use customer. 

electric system losses:  Total electric energy losses in the electric system. The losses consist of 
transmission, transformation, and distribution losses between supply sources and delivery points. Electric 
energy is lost primarily due to transmission and distribution elements being heated by the flow of current. 

electric utility:  A corporation, person, agency, authority, or other legal entity or instrumentality that 
owns and/or operates facilities within the United States, its territories, or Puerto Rico for the generation, 
transmission, distribution, or sale of electric energy primarily for use by the public and files forms listed 
in the Code of Federal Regulations, Title 18, Part 141. Facilities that qualify as cogenerators or small 
power producers under the Public Utility Regulatory Policies Act are not considered electric utilities.  

emergency power units are installed, owned, and operated by customers themselves in the event of 
emergency power loss or outages. These units are normally diesel generation units that operate for a small 
number of hours per year and have access to fuel supplies that are meant to last hours, not days.  

Federal Energy Regulatory Commission:  An independent federal regulatory agency having 
jurisdiction over interstate electricity sales, wholesale electric rates, hydroelectric licensing, natural gas 
pricing, oil pipeline rates, and gas pipeline certification.  

Federal Power Act, 16 USC 791:  The act consists of three parts. Part I governs licensing of non-federal 
hydroelectric projects. Parts II and III govern the rates, terms, and conditions of interstate transmission of 
electrical energy and wholesale sales of electrical energy. The Federal Energy Regulatory Commission is 
charged with the administration of this law.  
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grid:  Layout of the electrical transmission system; a network of transmission lines and the associated 
substations and other equipment required to move power.  

ground fault circuit interrupter:  Functions to de-energize a circuit or portion thereof within an 
established period of time when a current to ground exceeds some predetermined value that is less than 
required to operate the overcurrent protection device of the supply circuit. 

interconnection:  The system that connects a distributed generation resource to the grid. (Interconnection 
also refers to how central power plants connect to the grid.) The components of the interconnection vary 
according to the distributed generation system characteristics, whether the local grid is networked or 
radial, and the local utility requirements. 

inverters:  Devices that convert direct current electricity into alternating current electricity (single or 
multiphase), either for stand-alone systems (not connected to the grid) or for utility-interactive systems. 

investor-owned utility:  A class of utility whose stock is publicly traded and which is organized as a tax-
paying business, usually financed by the sale of securities in the capital market. It is regulated and 
authorized to achieve an allowed rate of return. 

land-use effects:  Pertinent land-use issues include transmission line siting, power plant emissions, 
cooling water supply, and disposition. 

line losses:  Energy loss due to resistive heating in transmission lines, and to a lesser extent, in 
distribution feeder circuits. The energy loss is proportional to the square of the total current flow, which is 
in turn determined by both the real and reactive power flowing on the line. Line losses are also 
proportional to the resistance of the wire, which increases as the wire gets hotter. 

load:  An end-use device or customer that receives power from the electric system. Load should not be 
confused with demand, which is the measure of power that a load receives or requires. See demand. 

load duration curve:  A non-chronological, graphical summary of demand levels with corresponding 
time durations using a curve, which plots demand magnitude (power) on one axis and percent of time that 
the magnitude occurs on the other axis. 

load factor:  A measure of the degree of uniformity of demand over a period of time, usually one year, 
equivalent to the ratio of average demand to peak demand expressed as a percentage. It is calculated by 
dividing the total energy provided by a system during the period by the product of the peak demand 
during the period and the number of hours in the period. 

load following:  An energy-based ancillary service that is provided via a linear change in schedule 
through a period (typically one hour). 

locational marginal pricing:  Under locational marginal pricing, the price of energy at any location in a 
network is equal to the marginal cost of supplying an increment of load at that location.  
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loss-of-load probability:  The amount of time that generation is expected to be insufficient to meet 
demand at some point over a specific period of time, based upon a probabilistic analysis. A typical LOLP 
is “one day in ten years” or “0.1 days in a year.” 

marginal cost:  The cost of producing the last increment of power needed to serve the load, usually equal 
to the variable cost of the last power plant added to the grid. 

Momentary Average Interruption Frequency Index (MAIFI):  Indicates the average frequency of 
momentary interruptions. Mathematically expressed as: 

served customers ofnumber  Total
onsinterruptimomentary customer  ofnumber  Total   M ∑

=AIFI  

network:  A system of transmission or distribution lines cross-connected to permit multiple supplies to 
enter the system. Opposite of a radial system. Note that local interconnections are more complicated and 
costly for networked systems. 

non-spinning reserve:  1. That generating reserve not connected to the system but capable of serving 
demand within a specified time. 2. Interruptible load that can be removed from the system in a specified 
time. 

non-utility power producer:  A corporation, person, agency, authority, or other legal entity or 
instrumentality that owns electric generating capacity and is not an electric utility. Non-utility power 
producers include qualifying cogenerators, qualifying small power producers, and other non-utility 
generators (including independent power producers) without a designated franchised service area, and 
which do not file forms listed in the Code of Federal Regulations, Title 18, Part 141. 

off- and on-peak periods:  Time periods defined in rate schedules that usually correspond to lower and 
higher, respectively, levels of demand on the system. 

on-site distributed generation:  Includes photovoltaic solar arrays, micro-turbines, reciprocating 
engines, gas turbines, and fuel cells, as well as combined heat and power, which are installed on site.  

operating reserve:  That capability above firm system demand required to provide for regulation, load 
forecasting error, equipment-forced and scheduled outages, and local area protection. It consists of 
spinning and non-spinning reserve. 

peak load, peak demand:  The maximum load, or usage, of electrical power occurring in a given period 
of time, typically a day.  

peak load distributed generation: Is normally installed, owned, and operated by utilities, located at a 
substation, or in close proximity to load centers and is used to meet periods of high demand. These units 
are most often natural gas-fired engines or combustion turbines.  
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peak power:  Power generated by a utility unit that operates at a very low capacity factor; generally used 
to meet short-lived and variable high-demand periods. 

power conditioning equipment:  Electrical equipment, or power electronics, used to convert power into 
a form suitable for subsequent use. A collective term for inverter, converter, battery charge regulator, and 
blocking diode. 

power factor:  See real power, reactive power. 

power quality:   The IEEE Standard Dictionary of Electrical and Electronic Terms defines power quality 
as “the concept of powering and grounding sensitive electronic equipment in a manner that is suitable to 
the operation of that equipment.” Power quality may also be defined as “the measure, analysis, and 
improvement of bus voltage, usually a load bus voltage, to maintain that voltage to be a sinusoid at rated 
voltage and frequency.” 

power reliability:  “Power reliability can be defined as the degree to which the performance of the 
elements in a bulk system results in electricity being delivered to customers within accepted standards 
and in the amount desired. The degree of reliability may be measured by the frequency, duration, and 
magnitude of adverse effects on the electric supply. The three most common indices for measuring 
reliability are referred to as SAIFI, SAIDI, and CAIDI.” Realize that SAIFI and SAIDI are weighted 
performance indices. They stress the performance of the worst-performing circuits and the performance 
during storms. SAIFI and SAIDI are not necessarily good indicators of the typical performance that 
customers have. And, they ignore many short-duration events such as voltage sags that disrupt many 
customers. 

primary circuits:  These are the distribution circuits that carry power from substations to local load 
areas. They are also called express feeders or distribution main feeders.  

qualifying facility:  A cogeneration or small power production facility that meets certain ownership, 
operating, and efficiency criteria established by the Federal Energy Regulatory Commission pursuant to 
the Public Utility Regulatory Policies Act. 

RMS Voltage: An AC voltage follows a sinusoidal wave form that varies from –Vpeak to +Vpeak, so its 
average voltage is zero, which is not useful in determining the amount of power available. Therefore, a 
mathematical process is followed that squares the voltage, takes the average of the square, and then takes 
the square root of that average. This produces the root mean square voltage, which is also the DC voltage 
that would deliver the same power to a resistive load as would the sinusoidal AC waveform. For a 
sinusoidal wave form, the VRMS=0.707 × Vpeak. 

radial:  An electric transmission or distribution system that is not networked and does not provide 
sources of power, that is, a system designed for power to flow in one-direction only. Opposite of a 
networked system. 
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rated voltage:  The maximum or minimum voltage at which an electric component can operate for 
extended periods without undue degradation or safety hazard. Note that many components, including 
transformers and transmission lines can operate above or below their rated voltage for limited periods of 
time. 

real power, reactive power:  Both determined by voltage and current and are present in any electric line. 
The real power is available to do work (e.g., run motors and power lights) and the reactive power is 
needed to support the voltage on that line at the desired level. The power factor is the portion of the total 
power that is available to do useful work. The total power is also called the apparent power. 

Both voltage and current travel in the form of sine waves. These two waveforms travel over the same line 
but are never in perfect sync with each other. If they were in sync that would mean there would be no 
reactive power, and total power would equal real power. The angle between these two waveforms, or the 
degree to which they are out of sync, is important in determining how much of the total power is real and 
how much is reactive. A series of equations are helpful in understanding the relationship between real, 
reactive, and total power, and in defining the power factor. 

Real Power = (Voltage) × (Current) × cos(angle) 

Reactive Power = (Voltage) × (Current) × sin(angle) 

Total Power = (Real Power)2 + (Reactive Power)2  

Power Factor = Real Power
Total Power

= cos(angle) 

Inductive loads, such as motors, tend to reduce the voltage on a line so that reactive power is needed to 
sustain the voltage. Reactive power is also needed to overcome the voltage drop that would otherwise 
occur when power is transmitted over long distances. Generators can provide reactive power and 
capacitors and other transmission elements, such as FACTs devices, are often used to provide reactive 
power near the load. 

regulating reserve:  capacity controlled by an automatic control system, which is sufficient to maintain 
the voltage within the acceptable limits. 

reliability:  Electric system reliability has two components–adequacy and operational reliability. 
Adequacy is the ability of the electric system to supply to aggregate electrical demand and energy 
requirements of the customers at all times, taking into account scheduled and unscheduled outages of 
system facilities. Operational reliability is the ability of the electric system to withstand sudden 
disturbances, such as electric short circuits or unanticipated loss of system facilities. The degree of 
reliability may be measured by the frequency, duration, and magnitude of adverse effects on consumer 
services. Also see power reliability. 

reserve capacity:  The amount of generating capacity a central power system must maintain to meet peak 
loads. 
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SAIDI:  The system average interruption duration frequency index. SAIDI measures the total duration of 
interruptions. SAIDI is cited in units of hours or minutes per year. Other common names for SAIDI are 
CMI and CMO abbreviations for customer minutes of interruption or outage. Also see power reliability.  

servedcustomersofnumber Total
durationson interrupticustomer  all of Sum

=SAIDI  

SAIFI:  The system average interruption frequency index. Typically, a utility’s customers average 
between one and two sustained interruptions per year. See power reliability for more information. 

SAIFI = Total number of customer interruptions
Total number of customers served  

small power production (SPP):  Under the Public Utility Regulatory Policies Act, a small power 
production facility (or small power producer) generates electricity using waste, renewable (water, wind 
and solar), or geothermal energy as a primary energy source. Fossil fuels can be used, but renewable 
resource must provide at least 75% of the total energy input. (See 18 CFR 292. 2004. “Regulations Under 
Sections 201 and 210 of the Public Utility Regulatory Policies Act of 1978 with Regard to Small Power 
Production and Cogeneration.” Code of Federal Regulations, Federal Energy Regulatory Commission.)  

SARFIx:  System Average RMS Frequency Variation Index is a power quality metric that provides a 
count or rate of voltage sags, swells, and/or interruptions that occurred over the assessment period per 
customer served, where the specified disturbances are those with a magnitude less than x for sags or a 
magnitude greater than x for swells.  

spinning reserve:  Unloaded generation synchronized to the system and fully available to serve load 
within the specified time period following an unexpected outage or load fully removable from the system 
within that same time period.  

standby demand:  The demand specified by contractual arrangement with a customer to provide power 
and energy to that customer as a secondary source or backup for the outage of the customer’s primary 
source. Standby demand is intended to be used infrequently by any one customer. 

substations:  Equipment that switches, steps down, or regulates voltage of electricity. Also serves as a 
control and transfer point on a transmission system.  

supervisory control:  Supervisory control refers to equipment that allows for remote control of a 
substation's functions or a distributed generation resource from a system control center or other point of 
control. 

synchronous condensers:  A synchronous condenser is a synchronous machine running without 
mechanical load and supplying or absorbing reactive power to or from a power system. Also called a 
synchronous capacitor, synchronous compensator, or rotating machinery. These can be former power 
generators that have been converted to only produce reactive power. 
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total power:  See real power and reactive power. 

transmission constraint:  A limitation on one or more transmission elements that may be reached during 
normal or contingency system operations.  

transmission lines:  Transmit high-voltage electricity from the generation source or substation to another 
substation in the electric distribution system.  

overhead transmission lines:  Overhead alternating current transmission lines share one 
characteristic; they carry three-phase current. The voltages vary according to the particular grid 
system they belong to. Transmission voltages vary from 69 kilovolts up to 765 kilovolts.  

subtransmission lines:  These lines carry voltages reduced from the major transmission line system, 
usually 69 kilovolts. 

transmission reliability margin: This is reserved transmission capacity to address unanticipated system 
conditions such as normal operating margin, parallel flows, load forecast uncertainty and other external 
system conditions. It is the amount of transmission transfer capability necessary to provide a reasonable 
level of assurance that the interconnected transmission network will be operationally reliable. 

transmission system (electric):  An interconnected group of electric transmission lines and associated 
equipment for moving or transferring electric energy in bulk between points of supply and points at 
which it is transformed for delivery over the distribution system lines to consumers, or is delivered to 
other electric systems.  

variable costs:  Those costs needed to operate a power facility, including fuel and variable operations and 
maintenance. These costs do not include fixed operations and maintenance or fixed capital costs. 

Watt (W):  The unit of electric power, 1 Watt = 1 Joule/second. One ampere of current flowing at a 
potential of one volt produces one watt of power. 

voltage collapse:  An event that occurs when an electric system does not have adequate reactive support 
to maintain voltage stability. Voltage collapse may result in outage of system elements and may include 
interruption in service to customers. 

voltage control:  The control of transmission voltage through adjustments in generator reactive output 
and transformer taps and by switching capacitors and inductors on the transmission and distribution 
systems. 

Volt RMS:  see RMS Voltage 
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Section 1. Introduction 

Distributed generation (DG) systems are not new phenomena. Prior to the advent of alternating current 
and large-scale steam turbines, all energy requirements—heating, cooling, lighting, and motive power—
were supplied at or near their point of use. Technical advances, environmental issues, inexpensive fuel, 
the expanding role of electricity in American life, and its concomitant regulation as a public utility, all 
gradually converged around gigawatt-scale thermal power plants located far from urban centers, with 
high-voltage transmission and lower voltage distribution lines carrying electricity to every business, 
facility, and home in the country. 

As the centralized electricity system became ubiquitous, it 
seemed we had settled on a permanent delivery system for 
that portion of our energy needs. Electric utilities provided 
the force for a broad array of production-improving devices 
that helped drive the American industrial boom. Steam 
turbines leveraged America’s vast, inexpensive fuels that 
could be burned remotely (helping remove coal-blackened 
skies from city centers) to produce electricity at reasonable 
rates within broadly acceptable levels of reliability. Both the 
utility businesses and the quality of their services were 
overseen by appointed or elected regulatory officials in every 
state. At the federal level, the Federal Energy Regulatory 
Commission (FERC), successor to the Federal Power 
Commission, was chartered to oversee wholesale markets and 
the sale of electricity over the interstate transmission network. 
The network itself grew out of a need to improve individual 
plant reliability (multiple power plants connected by 
transmission lines provide a higher level of service reliability 
than any single generator) and load factor. This complex 
network of generators, transmission and distribution systems 
provided the United States with electricity from low-cost 

fuels for decades.  

During the latter part of the century, smaller-scale electric power technologies also advanced. For 
example, improved materials and engineering designs for photovoltaic panels, microturbines, fuel cells, 
digital controls, and remote monitoring made it possible to tailor energy supplies for specific customers.  

The savings realized from mass production (i.e., building ever bigger power plants and using modern 
materials to increase their operating temperature and efficiency) reached its peak in the 1960s, and the 
economic benefits of mass customization (smaller, modular systems sized for the energy required) 
eventually began to outpace the production cost savings of legacy technologies (Hirsh 1989). A modern 
example of this might be an energy customer with a substantial heating or cooling requirement, or 
continuous power quality needs beyond the service standard established by the state regulatory 
commission. In such cases, the cost of using grid-supplied electricity, additional heating and/or cooling 

Economies of Scale #1:  
Central Generation 

The electricity generator of choice 
for early utilities was the 
reciprocating engine. But steam 
turbines (circa 1884) were more 
energy efficient, smaller, and 
quieter than reciprocating engine 
generators. More importantly, 
turbines could be scaled up far 
beyond the physical limits of 
reciprocating engines and could 
produce more power with 
proportionally less investment in 
material. The concept of 
“economies of scale”—increasingly 
larger units producing electricity at 
successively lower unit costs—was 
also shown to apply to turbines. 



 

 1-2 

equipment, and voltage or harmonic regulation equipment on site may indeed be more expensive than 
providing those services either themselves or from a third party provider.  

In such instances, it is often the case that DG is a 
financially attractive option that can be installed and 
operated safely and in concert with the grid, thus 
producing benefits both for the consumer and the 
electric power system overall (Kingston et al. 2005).  

1.1 Limits to Central Power Plant 
Efficiencies 

From 1900 to 1960, utilities continuously increased the 
thermal efficiency in steam turbines and squeezed more 
kilowatt-hours from each unit of fossil fuel. In the 
1950s, manufacturers could theoretically achieve 40% 
thermal efficiency. But at this level, problems began to 
become apparent (see Figure 1-1). 

When super-heated pressurized steam pressed against 
the turbine blades and boiler tubes, metallurgical 
fatigue increased substantially, decreasing the reliability 
of huge power plants (and increasing maintenance 
costs). Plant managers realized that operating at lower 
efficiencies (and lower temperatures) might be more 
economical. While making economic sense, though, the 
decision to stop pushing thermal efficiencies meant that 
utilities could no longer expect to see significant cost 
declines from this aspect of their industry’s 
technological progress. 

In addition, while progress was made between 1900 and 
1960 in improving the efficiency of the power plant itself, the level of waste heat utilization declined 
substantially. As a result, even during this period of power plant efficiency gains, the overall energy 
efficiency of the facility declined as the waste heat was vented into the atmosphere or local rivers, instead 
of being put to use in local manufacturing plants, or commercial and residential complexes, for heating 
and cooling, as occurs with combined heat and power systems. 

Economies of Scale #2:  
Long-Distance Transmission 

The advent of alternating current (AC) 
transformers overcame direct current’s 
early technical limitations, and enabled 
electricity to flow for tens or even 
hundreds of miles without significant 
voltage degradation. However, this 
network of high-voltage lines and 
transformers would have its own 
limitation, including thermal line losses 
and the need for reactive power.  

This combination of steam turbines and 
alternating current created the vast 
complex of power plants and 
transmission lines that we know today–
far from urban centers. The air 
pollution, rail congestion, and visual 
hallmarks of the U.S. electricity industry 
have been removed from most 
constituents’ view.  

Today, technology advances make it 
possible to relocate generators within 
urban centers, thus enabling the capture 
of benefits from improved system 
resiliency and improved performance of 
local power. 

  (Source: Hirsh 1989) 



 

 1-3 

Figure 1-1. Average U.S. Fossil Power Plant (Fleet) Efficiencies, 1900-2000 (Electricity only; does not include 
heat recovery) 
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                                  Source:  Energy Information Administration 2004. 

1.2 Changing Energy Requirements Affect Transmission and Distribution 
Economics 

As steam turbine systems began to realize thermal efficiency limits, the composition of electricity demand 
in the United States began to shift. Centralized air conditioning, virtually non-existent in homes built 
before the 1960s, began to enter the residential market. By 2000, most new homes built in America 
included central air conditioning (Cooper 1998).  

• In 1978, 23% of U.S. housing units had central air conditioning; by 1997, the share had more than 
doubled, to 47%.  

• By 1997, 93% of the housing units in the South had some type of air conditioning (Hoge 2006). 

Air conditioning made possible the dramatic migration of Americans to the western and southwestern 
United States. But it also changed the nature of electricity demand. Central air conditioning systems 
generally require 1 kW of capacity when operating, for every ton of cooling.9 Historically, air 
conditioners have been sized to provide a ton of cooling capacity for every 500 square feet of home 
interior. Some state energy efficiency regulations have abolished this arbitrary figure (i.e., California’s 
Title 24), but in many parts of the country contractors still adhere to this earlier assumption, accelerating 
peak electricity demand growth without any specific correlation to personal comfort. 

                                                      
9 Although new federal standards mandate an efficiency of 13 SEER or better for central air conditioners, virtually all residential a/c units 

installed to date are 10 SEER, which, when improperly sized for the building, require up to twice as much energy per unit of cooling. For 
more information comparing air conditioner demand by size, appliance age, and SEER rating, see 
http://www.fsec.ucf.edu/bldg/pubs/effhvac/index.htm. 
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The expansion of central air conditioning accelerated electricity demand growth in residential markets, 
but that demand occurs in “needle peaks” of short duration on the grid. This in turn forced utilities to 
expand electricity distribution capacity to power air conditioning systems during hot afternoons, but that 
expanded capacity came with a very poor “load factor.” There were very few hours each day in which 
those kilowatt-hours of electricity were being purchased, but revenues were needed to pay for the 
additional wire, transformer, and substation capacity (Figure 1-2).  

Figure 1-2.  U.S. Market Penetration of Air Conditioning Equipment, 1978-1997 

 
                       Source:  Energy Information Administration 2000. 

1.3 Electricity Consumption versus Peak Load Growth Trends 

1.3.1 National 

According to U.S. Department of Energy, Energy Information Administration data from the year 2000 
onwards, peak load for the contiguous United States is growing slightly faster relative to the net 
generation needed to meet base loads in both the electric power sector (alone) and the net generation from 
the electric, commercial, and industrial sectors (combined total) on the tail end of the trend. Yet patterns 
of growth deviation are not visibly significant at this level.  

1.3.2 Regional 

The North American Electric Reliability Council (NERC) consists of Regional Reliability Councils 
representing NERC regions across the country. By comparing annual peak demand to annual average 
demand10 in one region, the Electric Reliability Council of Texas, Inc. (ERCOT), it can be seen that the 
two factors track in a fairly proportional manner, with peak demand growing slightly faster than average 
(Figure 1-3).   

                                                      
10  The average annual demand was calculated by dividing the annual consumption by 8766 hours/year. 
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Figure 1-3. Average Versus Peak Electricity Demand in ERCOT, 1996-2005. 

 

1.3.3 State 

As noted above, the measure of the relative strength of the electric system’s peak energy use is load 
factor, which is calculated by dividing average annual hourly consumption by annual peak consumption. 
If peak demand grows faster than annual average consumption, the load factor decreases. Figure 1-4 
shows that California’s weather-adjusted load factors have dropped 2.5% (from 56.4% in 1993 to 55.0% 
in 2004) over the 11-year period from 1993-2004 as air conditioner loads have increased (Gorin 2005). 

Figure 1-4.. Statewide Annual Load Factor, Actual and  
Weather-Adjusted, 1993-2004 

 
                                            Source:  Gorin 2005. 
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The trends are not uniform across utility service areas. Declining load factors are evident for Pacific Gas 
and Electric Company (PG&E) and Southern California Edison (SCE). SCE’s service area load factor has 
declined more than PG&E’s over the past 34 years. SCE’s load factor is currently near 55, while PG&E is 
just below 60 (as shown in Figures 1-5 and 1-6, below). 

 

Figure 1-5. SCE Historic Load Factors 1960-2004 

 
     Source:  Gorin 2005. 

 

Figure 1-6. PG&E Historic Load Factors 1970-2004  

       Source:  Gorin 2005. 

Various reasons could explain the declining load factors and the varying rates of decline. In the 1970s and 
early 1980s, the spread of central air conditioning in both hotter and coastal areas increased peak summer 
usage as more floor space was cooled. This trend tended to lower the load factor for both PG&E and SCE. 
Demand analysts hypothesized that as more houses were built inland, as house size increased, and as 
electricity bills declined as a percent of total income, more air conditioning would be used, and the 
residential load factor would decline. The utilities collected data to document how central air conditioning 
affected load factors. In PG&E’s service area, only 7% of homes had central air conditioning in 1970 
compared to 26% in 1990 and 30% in 2004. During that period, the load factor dropped from 0.63 in 
1970 to 0.60 in 1990.  

1.4 The Era of Customized Energy 

Until recently, every electric motor, windup clock, and light bulb was virtually insensate to minor voltage 
fluctuations. Most people recall the occasional “brown out” from earlier eras, when the lights would 
flicker or dim momentarily as the electricity grid rode through a brief voltage anomaly. But the 
introduction of integrated circuits into everything from washing machines and televisions to alarm clocks 
has dramatically reduced the ability of most loads—equipment or processes requiring electricity—to ride 
through voltage anomalies without disruption. DG, particularly when it employs battery energy storage, 
provides site-specific electricity management options for load-sensitive customers. 

Distributed generation systems also enable customers to design their energy supply to be more closely 
aligned with their physical needs. For example, space heating and cooling require thermal as well as 
electric energy. By employing a combined heat and power (CHP) system on site, commercial or industrial 
customers can capture the waste heat and use it for local thermal needs.  
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1.5 Distributed Generation Defined 

Solar panels installed on homes are distributed generation. An emergency generator sitting behind a 
convenience store is DG. A farmer using the waste from his own animals to generate electricity is DG. 
A hospital using a gas turbine for electricity and recycling the waste heat to wash bedding or provide hot 
showers is DG. 

The EPACT 2005, Section 1817, terms “cogeneration” or “small power production” are used to describe 
types of this broader industry term “distributed generation,” which applies to energy systems that produce 
electricity and/or thermal energy at or near the point of use. This study will encompass all forms of DG 
technologies, ranging from those that produce only electricity (photovoltaic systems and wind turbines) to 
those that produce a combination of heat and power—with engines or turbines—installed at or near the 
point of use. The basis for this assumption is the EPACT section title, which uses the term “Distributed 
Generation (71 FR 4904- 4905).” 

The enhanced efficiencies gleaned from the “free” fuels of solar or wind energy and the recycled energy 
of CHP are central to the DG proposition. Among central thermal power plants, as explained earlier, 
maximum efficiency is limited by metallurgical considerations, which limit the maximum temperature 
within the system, and by the need to reject heat to the environment. However, in a CHP system, much of 
that rejected heat is put to useful work, so the overall efficiency can be greater than 75%. Considering the 
fuel that would have otherwise been consumed to provide that thermal service by some other means 
(i.e., water heating or electric air conditioning), the net cost of electricity service from a CHP system is 
much reduced.11 

• On-site DG includes photovoltaic solar arrays, micro-turbines, and fuel cells, as well as CHP, 
which are installed on site, and owned and operated by customers themselves to reduce energy 
costs, boost on-site power reliability, and improve power quality. 

• Emergency power units are installed, owned, and operated by customers themselves in the event 
of emergency power loss or outages. These units are normally diesel generation units that operate 
for a small number of hours per year and have access to fuel supplies that are meant to last hours, 
not days. 

• District energy systems are installed, owned, and operated by third parties, utility companies, or 
customers. These systems are often used in municipal areas or on college campuses. They provide 
electricity and thermal energy (heat/hot water) to groups of closely located buildings. 

1.6 Status of Distributed Generation in the United States Today 

More than 12 million DG units are installed across the United States today, with a total capacity over 
200 GW. In 2003, these units generated approximately 250,000 GWh.12 Over 99% of these units are small 
off-grid emergency reciprocating engine generators or photovoltaic systems, physically isolated from the 

                                                      
11 For a complete explanation of CHP system technologies and efficiencies, see Kaarsberg and Roop in Borbely, A. and J.Kreider, 2001, 

Distributed Generation: The Power Paradigm for the New Millennium, CRC Press: Boca Raton, Florida. 
12  Distributed generation is defined in a Resource Dynamics Corporation (RDC) report, “Case Study for Transmission and Distribution 

Support Applications Using Distributed Energy Resources,” as units producing power principally used on site and smaller than 60 MW in 
capacity. These data have been augmented with information on photovoltaic shipments from the Energy Information Administration’s 
“Renewable Energy Annual 2004.” 
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distribution grid and serving back-up or niche electricity needs. However, as shown in Figure 1-7, this 
large number of smaller installations represents a relatively small fraction of the total installed capacity 
(Energy Information Administration 2005).13 

1.7 Distributed Generation Drivers: The Changing Nature of Risk  

Capital markets have long understood the value of hedging financial or economic risk. For regulated 
electric utilities, risk has been managed through fuel adjustment clauses and rate case hearings that 
enabled the utility to account for changes in earlier cost projections. 

But the nature of applied risk for both energy customers and utilities has changed over the past few 
decades, and the introduction of smaller, more modular technologies capable of operating on a wide 
variety of fuels—or no fuel—offers direct material benefits to both the energy customer and his/her  
utility service provider. For an extensive discussion of DG as a financial risk management tool, see Small 
Is Profitable: The Hidden Economic Benefits of Making Electrical Resources the Right Size (Lovins et 
al. 2002). 

Figure 1-7.. U.S. DG Installed Base (2003)14 
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Other risk-related benefits have driven growth in the DG market. As Figure 1-8 shows, the vast majority 
of DG units in the United States today are actually backup or emergency generators, installed to operate 
when grid-supplied electricity is not available. September 11, 2001, the Northeast Blackout of 
August 2003, and Hurricane Katrina have all impressed upon us the growing need to maintain secure civil 
operations during a catastrophic event. By changing out the switchgear associated with an on-site CHP 
system, a hospital or other facility can use an integrated DG unit to reduce its electricity bills on a daily 
basis, and provide emergency power, heating, and cooling, during a weather-related or human-induced 
disruption. 

                                                      
13  As of the summer of 2005, 909,100 MW of electric-generating capacity were installed within the United States. 
14 RDC data has been augmented with information on photovoltaic panel shipments from the Energy Information Administration’s 

“Renewable Energy Annual 2004.” 



 

 1-9 

Figure 1-8. U.S. Distributed Generation Capacity by Application and Interconnection Status15 

 

Over the past 100 years the role of electricity has evolved. In today’s Information Age, reliable electricity 
is no longer a luxury; it is now essential. The grid is critical to all aspects of safely operating our cities, 
businesses, and homes. However, the electric grid has not kept pace with surging demand. Even with 
substantial improvements in energy-efficient building, electricity demand has increased from 1500 billion 
kWh in 1970 to over 3700 billion kWh in 2004 and is projected to reach 5600 billion kWh by 2030 
(see Figure 1-9). Investments in new transmission and distribution have not maintained this pace of 
development. 

As the 12 million DG units already installed attest, DG currently plays a significant role in the Nation’s 
energy system. However, the vast majority of these units have been installed by consumers to meet needs 
for back-up power during outages. While some power companies offer incentives to consumers to run 
their back-up power units during peak load periods and other times of system need, DG today is primarily 
a consumer energy solution, and not one that is well integrated to meet the day-to-day planning and 
operational needs of the electric power system.  

1.8 The “Cost” versus “Benefit” Challenge  

The result of this lack of integration of DG in the electric system is that many of the direct (and virtually 
all of the indirect) benefits of DG systems are not captured within traditional utility cash-flow accounting. 
This is primarily the product of a historic regulatory structure that has produced specific capital 

                                                      
15       Created by ORNL using data from "Resource Dynamics Corporation, The Installed Base of U.S. Distributed Generation,” DG Monitor, 

Vienna, VA, 2005. 
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investment and operational priorities and the significant task of keeping the vast network of central 
generation units, power lines, and substations up and running and reliably meeting consumer needs for 
electric power.  Because they have primarily been consumer-based solutions, DG systems—and their 
business models—generally have developed outside of the traditional regulatory framework. 

Figure 1-9. Electricity Forecast (billion kWh)16 
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1.8.1 Identifying Benefits versus Services 

EPACT 1817 calls for an analysis of the potential for DG to provide specific benefits to the grid and to 
other customers within that service territory. However, some of the “benefits” enumerated in 
EPACT 1817 are in fact services, such as the provision of ancillary services, while others are distinct 
benefits that may accrue to the use of DG, as a complement to the existing centralized system. Table 1.1 
provides a means for distinguishing between these two concepts. The first column lists specific services 
DG is capable of providing. The potential benefits derived from those services can be categorized in one 
or more of the columns on the right-hand side of the chart. For example, new capacity investments may 
be deferred by reducing peak power requirements on the grid, or by the provision of ancillary services. 
Distributed generation available as an emergency supply of power can also be used in demand response 
programs to reduce congestion, or increase system reliability via peak-shaving.  

                                                      
16  Data provided by the Energy Information Administration, Electric Power Annual, 2005. 
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Table 1.1. Matrix of Distributed Generation Benefits and Services 
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T&D= transmission and distribution. 

Although it is not within the scope of this study to address every economic and social contribution that 
might accrue to a modular, distributed generation landscape, Lovins et al. (2002) have identified over 200 
potential benefits that can be derived from DG. The list on page 1-12 is a sampling. Many of these 
benefits, however, such as localized manufacturing and economic development, cannot be expressed in 
retail electricity rates. To realize the full suite of benefits of DG systems requires a more comprehensive 
approach to energy as an element of economic activity, within State and local jurisdictions. 

1.9 Potential Regulatory Impediments and Distributed Generation 

Government regulation of electricity production is affected by the type of interconnection a generator has 
with the larger transmission or distribution system. A small, home-installed photovoltaic array or 
diesel-fueled emergency generator supplies a building within the lower-voltage distribution system and 
does not have direct electrical access to the interstate transmission system. All such DG systems, 
connected at or below the lower-voltage distribution grid, are regulated by local and state authorities. The 
Federal Energy Regulatory Commission (FERC) oversees the interconnection and off-take contracts of 
generators attached to the higher-voltage transmission system in two separate rulings, as noted in 
Section 8.  

Because DG systems are most commonly connected at the lower-voltage distribution system, FERC 
historically has had little jurisdictional authority. However, Section 210 of the Public Utility Regulatory 
Policy Act of 1978 (PURPA) recognized the higher system efficiencies of load-sited cogeneration plants, 
compared with electricity-only steam power plants, and provided a legal framework for smaller, privately 
owned qualifying facilities to interconnect with the electric transmission system and sell their excess 
electricity production to the incumbent utility. 
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Sample Benefits of Distributed Generation Systems 

1. Shorter construction times 
2. Reduced financial risk of over- or under-building 
3. Reduced project cost-of-capital over time due to better alignment of incremental demand and supply 
4. Lower local impacts of smaller units may qualify for streamlined permitting or exempted permitting processes, 

reducing fixed costs per kW 
5. Significantly reduced exposure to technology obsolescence 
6. Local job creation for manufacturing, technician installers/operators 
7. Higher local, small-business development and taxes vs. overseas manufacturing 
8. Lower unit-cost, automated manufacturing processes shared with other mass-production enterprises 

(i.e., automotive industry)  
9. Shorter lead times reduce risk of exposure to changes in regulatory climate 
10. Significant reduction in fuel disruption risk (portfolio of locally produced fuels and “fuel-less” technologies—

solar, wind) 
11. Reduced fuel-forward price risk 
12. Reduced trapped equity 
13. Reduced exposure to interest-rate fluctuations 
14. Potential for more modular, routine analysis for capital expansions 
15. Multiple off ramps for discontinued projects, without same level of risk 
16. Ability to redeploy portable resources as demand profiles change 
17. Portability = Higher capacity utilization 
18. Reduced site remediation costs after decommissioning 
19. Higher system efficiency reduces ratio of fixed-to-variable costs (fuel) 
20. Potential for lower unit costs for replacement parts when mass produced 
21. Displaces that portion of customer load with highest line losses 
22. Displaces that portion of customer load with greatest reactive power requirements 
23. Displaces that portion of customer load with highest marginal energy costs 
24. Weather-related (solar, wind) interruptions more easily predicted and of shorter duration than equipment 

failures at central plants 
25. “Hot swap” capability – when one DG module (panel, tracker, inverter, turbine) is unavailable, all other 

modules continue operating 
26. Load siting reduces or eliminates line losses on electric transmission and distribution lines 
27. Inherently improved system stability due to multiplicity of inputs 
28. Reduced regional consequences of system failure 
29. Improved transmission and distribution reliability due to reduced peak loading, conductor and transformer 

cooling 
30. Fast ramping within the distribution system, ability to reduce harmonic distortions at customer’s site. 
 
Source: Lovins, A., Datta, K. and T. Feiler, A. Lehmann, K. Rabago, J. Swisher, K. Wicker, 2002. Small is Profitable: 
The Hidden Economic Benefits of Making Electrical Resources the Right Size. Rocky Mountain Institute, Snowmass, Colorado. 

The Energy Policy Act of 2005 (EPACT 2005) repealed the Public Utility Holding Company Act of 1935, 
eliminated PURPA restrictions on utility ownership of qualifying facilities, and established that no utility 
shall be obligated under PURPA to enter into a new contract with or to purchase power from a qualifying 
facility that is found to have nondiscriminatory access to certain types of developed markets. FERC has 
also issued a rulemaking on the electrical interconnection of small generators. 
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This mix of Federal and State jurisdictions, as illustrated in Figure 1-10, has unintentionally inhibited the 
full deployment of DG across the United States. Prudence reviews for capital expenditures, retail and 
wholesale rates, wholesale market power, congestion management, consumer advocacy, and plant siting 
are just a few of the issues that affect the electric utility industry as it relates to DG, with both overlaps 
and gaps in jurisdictional reach at the State and Federal level. This confusion has negatively impacted the 
cost-effective use of DG in many regions. 

Utility rate structures can inadvertently discourage investment in local energy sources. Table 1.2 provides 
a few examples of the impact of rate design on the simple payback of DG, based on the hypothetical 
example of a 1000 kW CHP plant sited in California. This example is further discussed in Section 8.2. 

Figure 1-10. Jurisdictions of Electric Infrastructure 

 
                         Source:  Tyler Borders, PNNL. 
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Table 1.2. Potential Impacts of Rate Design on Distributed Generation17 

Impediment Description Barrier Cost Simple Payback Impact (yrs) 

Standby Charge ($6/kW/mo) -$72,000 annually +1.5 
Non-Coincidental Off Peak 
($12.5/kW/mo) 

-$127,000 annually +3.3 

Interconnect Charges $300,000 upfront +1.0 
Load Retention Rate -$245,000 annually +2.4 
Exit Fee $1,000,000 upfront +2.9 

Source: Southern California Edison 2006. 

1.9.1 DG-related Provisions of the Energy Policy Act of 2005 

Additional provisions in EPACT affect the development of DG and consideration of it by consumers and 
electric system planners and operators. For example, EPACT Section 1211 calls for the development of 
an Electric Reliability Organization (ERO) and implementation of mandatory and enforceable electric 
reliability standards. These standards are likely to affect investment decision making by electric power 
companies and their assessments of the relative merits of DG, along with other electric resource options. 
EPACT Section 1221 calls for DOE to study transmission congestion and possibly designate constrained 
areas as national interest electric transmission corridors. Areas of transmission congestion that are 
identified in the study could spur evaluation of resource options to reduce the congestion, including DG. 

EPACT Subtitle E contains amendments to the Public Utility Regulatory Policies Act (PURPA).18  
EPACT Section 1251 calls for the adoption of standards for net metering; these can impact the 
interconnection of DG systems with the electric grid. EPACT Section 1252 contains standards for smart 
metering and time-based pricing, which are generally considered to be important “enabling mechanisms” 
for consideration of investments in DG by consumers and electric power companies. Furthermore, 
EPACT Section 1252 also generally promotes demand response programs nationwide. These programs 
have been important mechanisms for establishing financial incentives for consumers to install DG and to 
operate them in a manner that provides peak load and reliability benefits for the overall electric system.19 
EPACT Section 1253 discusses conditions under which the purchase of electricity from qualifying 
cogeneration facilities or qualifying small power production facilities by utilities is not mandatory. 
EPACT Section 1254 calls for the adoption of standards for interconnection of DG systems and calls for 
States to consider using the Institute of Electrical and Electronic Engineers (IEEE) Standard 1547 as the 
basis under which the States offer interconnection services. IEEE 1547 involves a set of standards 
(1547.1–1547.6) that IEEE requires be reaffirmed every five years.20 

                                                      
17  This table is a summary of the information presented in tables 8.1, 8.2, and 8.3. 
18 Public Utility Regulatory Policy Act of 1978. 
19 Energy Policy Act of 2005, Subtitle E, Section 1252. The report to Congress, “Benefits of Demand Response in Electricity Markets and 

Recommendations for Achieving Them” was published in February 2006 by the U.S. Department of Energy.  
20 IEEE Standard 1547-2004. 2004. “1547 IEEE Standard for Interconnecting Distributed Resources with Electric Power Systems.” Institute 

of Electrical and Electronics Engineers, Piscataway, New Jersey. 
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Section 2. The Potential Benefits of DG on Increased 
Electric System Reliability 

2.1 Summary and Overview 

Electric system reliability is a measure of the system’s adequacy to meet the electricity needs of 
customers. It is a term used by electric system planners and operators to measure aggregate system 
conditions, and as an aggregate measure, it generally applies to entire service territories or control 
regions. As such, the reliability of the electric system depends on the reliability of that system’s 
component parts, including, for example, power plants, transmission lines, substations, and distribution 
feeder lines. To help ensure a reliable system, planners and operators prefer having as much redundancy 
in these components as can be justified economically.  

System operational reliability is also dependent on events that affect daily operations, including the 
decisions made by grid operators in real time in response to changing system conditions. Operators like to 
have as much real-time and location-specific information as they can get about system conditions, as well 
as the ability to control power flows and dispatch power plants to enable effective response when 
problems occur. Weather is the primary reason for reliability problems and includes problems caused by 
lightning strikes, high winds, snowfall, ice, and unexpectedly hot weather. The goal of both planners and 
operators is to have as resilient a system as possible that can adjust to problems without causing major 
consequences, and that when outages do occur, they are short-lived and affect the fewest number of 
customers as possible. Considering that the data collection and reporting of reliability indices vary over a 
broad range, their usefulness in assessing DG effects may be limited. 

DG has the potential to be used by electric system planners and operators to improve system reliability; 
and there are a few examples of this being done currently. As discussed, DG is primarily used today as a 
customer-side energy resource for services such as emergency power, uninterruptible power, combined 
heat and power, and district energy. Utilities could do more to use the DG already in place, and they could 
increase investment in DG resources themselves. However, successful business models for more 
widespread utility use of DG are limited to certain locations and certain conditions. 

There are currently two primary mechanisms being used today by utilities to access customer-side DG for 
reliability purposes: 

• Several utilities offer financial incentives to owners of emergency power units to make them 
available to grid operators during times of system need. 

• Several regions offer financial incentives or price signals to customers to reduce demand during 
times of system need (e.g., demand response programs), and some participants in these programs 
use DG to maintain near-normal on-site operations while they reduce their demand for grid-
connected power. 
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Interest in these and other mechanisms to use DG 
to improve system reliability appears to be 
growing, as concerns mount across the country 
about the adequacy of current resource plans (e.g., 
construction of new generation, transmission, and 
distribution facilities) to maintain the reliability of 
the Nation’s electric system.21 There are several 
reasons for these growing concerns. For example, 
the electric system was generally designed to 
provide reliable service by providing multiple 
generators with a total capacity greater than the 
anticipated system peak demand, providing 
overlapping transmission networks, and, in limited 
locations, including the ability to meet customer 
electricity needs by managing power flows from 
one distribution feeder to another. Planners 

generally seek to build capacity in consideration of the single largest contingency, which is the sudden 
loss of the largest generator, regional transmission line, or interconnection.  

Problems in system adequacy, also called capacity deficiencies, can lead to outages if (1) system 
operators activate emergency procedures such as rolling blackouts to avoid further system overload and 
catastrophic failure, or (2) if the loss of a key system element results in serious overloads, cascading 
equipment failure, and potentially widespread blackouts. While electric system planners and operators 
work to avoid such events, the needs for generation, transmission, and distribution (T&D) capacity 
additions to meet increases in electricity demand have forced some utilities to take precautionary 
emergency actions more routinely than in the past (Arthur D. Little, Inc. 2000).  

The availability of redundant generating and transmission capacity has made those portions of the system 
more robust than the distribution system. However, the recent restructuring of electric power markets and 
regulations and resulting increases in long-distance power transfers have put pressure on traditional 
strategies and procedures for maintaining system reliability. For example, the number of times that the 
transmission grid was unable to transmit power for contracted transactions jumped from 50 in 1994 to 
1,494 in 2002 (Apt et al. 2004). 

In addition to redundant capacity, the electric system also uses operating procedures to provide reliable 
service in the event of sudden disturbances. These procedures are needed because power flows reroute at 
close to the speed of light whenever power system conditions change (e.g., due to changes in electricity 
supply, demand, or weather-related events). For example, operators count on sufficient “spinning” 
reserves to supply immediate replacement for any generation failure.  

Problems in system operational reliability can usually be classified as faults and failures. Faults are 
caused by external events, such as tree contact, animal contact, lightning, automobile accidents, or 
vandalism. Failures are caused by an equipment malfunction or human error not linked to any external 
influence. 

                                                      
21 North American Electric Reliability Council 2006 Long Term Reliability Assessment – The Reliability of Bulk Power Systems in North 

America October 2006 

Madison Gas and Electric (MGE) owns and 
operates backup generators at several business 
customers’ sites. These customers, who must 
have a monthly demand of at least 75 kW, pay a 
monthly fee based upon their maximum annual 
demand to have the generation available if 
power is interrupted. If the grid power fails, the 
backup units provide power within 30 seconds. 
After the grid is restored, these units 
automatically synchronize and then shut down 
so that the customer does not incur another 
service interruption. MGE, which takes 
responsibility for all environmental permits, can 
also use these units to boost system reliability 
during an electrical emergency. (Source: 
Madison Gas and Electric 2006) 
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Both faults and failures can cause outages. These outages can be short, lasting less than 
15 seconds and quickly resolved by automatic switching equipment. When a fault or a failure 
results in a longer outage, it typically involves damage to equipment such as a transformer that 
must be repaired or replaced before service can be restored. The time required for such remedies 
can range from hours to days or weeks. Faults and failures, rather than capacity deficiencies, are 
the causes of most outages. Outages created by faults and failures in generation are rare. While 
transmission faults are somewhat more common, 94% of all power outages are caused by 
faults and failures in the distribution system (Arthur D. Little, Inc. 2000). (Emphasis added.) 

DG offers the potential to increase system reliability, but it can also cause reliability problems, depending 
on how it is used. Often the difference between improving the system and causing problems is a function 
of how the DG is integrated with the grid, as noted in a review of critical power issues in Pennsylvania: 

In general, distributed generation can increase the system adequacy by increasing the variety of 
generating technologies, increasing the number of generators, reducing the size of generators, 
reducing the distance between the generators and the loads, and reducing the loading on 
distribution and transmission lines. … Distributed generation can also have a negative impact on 
reliability depending upon a number of factors that include the local electrical system composition 
as well as the DG itself. These factors include DG system size, location, control characteristics 
(including whether the DG is dispatchable), the reliability of the fuel supply, and the reliability of 
the DG unit itself (Apt and Morgan 2005). 

2.2 Measures of Reliability (Reliability Indices) 

Reliability indices are used by system planners and operators as a tool to improve the level of service to 
customers. Planners use them to determine the requirements for generation, transmission, and distribution 
capacity additions. Operators use them to ensure that the system is robust enough to withstand possible 
failures without catastrophic consequences. 

2.2.1 Generation 

Reliability is measured using the available data, which varies across utilities and across system 
components. One metric universal to all utilities is the loss-of-load probability (LOLP). 

Overall system reliability is often expressed as a loss-of-load probability, or LOLP. Although 
based upon a probabilistic analysis of the generating resources and the peak loads, the LOLP is 
not really a probability. Rather, it is an expected value calculated on either an hourly or daily 
basis. A typical LOLP is “one day in ten years” or “0.1 days in a year.” This is often 
misinterpreted as a probability of 0.1 that there will be an outage in a given year. Loss-of-load 
probability characterizes the adequacy of generation to serve the load on the system. It does not 
model the reliability of the transmission and distribution system where most outages occur 
(Kueck et al. 2004). (Emphasis added.)  

Note that the LOLP is a function of the generation and peak loads – it does not include any failures in the 
T&D systems.  
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2.2.2 Transmission 

Transmission failures are relatively rare and indices are not typically used to keep track of transmission 
line failure rates. However, at least one reliability council, East Central Area Reliability (now a part of 
Reliability First along with other reliability coordinators), calculates an availability that is a function of 
outage duration and number of circuits (East Central Area Reliability Coordination Agreement 2000). 
Rather, the system is designed and operated so that there is always additional transmission capacity in 
place to handle any unexpected line failures. 

The bulwark of reliability for bulk power transmission systems has long been the use of "worst 
single contingency" design and operation– often referred to as the "n-1" principle or criterion. It's 
kind of the "prime directive" of reliable power system operation. In short, it means that the 
system is planned and operated in such a way that it can sustain the worst single disturbance 
possible without adverse consequences– consequences like overloads on other facilities, 
instability, or loss of firm customer load. The contingency is usually the sudden outage of a key 
high voltage transmission line or major generating unit (Loehr 2001). 

2.2.3 Distribution 

Other reliability metrics are based upon customer outage data, and the vast majority of these outages 
reflect faults and failures in the distribution system. These data describe how often electrical service was 
interrupted, how many customers were involved with each outage, how long the outages lasted, and how 
much load went unserved. Industry indices are defined in Institute of Electrical and Electronics Engineers 
(IEEE) Standard 1366.22  The most commonly used are listed here.  

SAIFI, or system average interruption frequency index, is the average frequency of sustained 
interruptions per customer over a predefined area. It is the total number of customer interruptions divided 
by the total number of customers served.23  

SAIDI, or system average interruption duration index, is commonly referred to as customer minutes of 
interruption or customer hours, and is designed to provide information as to the average time the 
customers are interrupted. It is the sum of the restoration time for each interruption event multiplied by 
the number of interrupted customers for each interruption event divided by the total number of 
customers.24  

CAIDI, or customer average interruption duration index, is the average time needed to restore service to 
the average customer per sustained interruption. It is the sum of customer interruption durations divided 
by the total number of customer interruptions.25  

                                                      
22 The equations used to calculate these indices are included in Definitions and Terms. 
23 Kueck, J.D., B.J. Kirby, P.N. Overholt, and L. C. Markel, 2004, “Measurement Practices for Reliability and Power Quality: A Toolkit of 

Reliability Measurement Practices” ORNL/TM-2004/91, June. 
24 Ibid. 
25 Ibid. 
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A reliability index that considers momentary interruptions is MAIFI, or the momentary average 
interruption frequency index.26  

MAIFI is the total number of customer momentary interruptions divided by the total number of customers 
served. Momentary interruptions are defined in IEEE Standard 1366 as those that result from each single 
operation of an interrupting device such as a recloser.27  

Unfortunately, it is very difficult to compare these indices from one location to another or from one 
utility to another because of differences in how they are calculated. Some utilities exclude outages 
due to major events or normalize their results for adverse weather. For the SAIDI calculation, some 
utilities consider an outage over when the substation is returned to service, and others consider it over 
when the customer is returned to service, a difference in approach that can change the SAIDI by a factor 
of two. Some utilities use automatic data collection and analysis, while others rely on manual data entry 
and spreadsheet analysis.  

Depending upon the utility, momentary outages may be classified as a power quality event rather than a 
reliability event. Less-often-used indices include ASIFI, the Average System Interruption Frequency, and 
ASIDI, the Average System Interruption Duration. Both of these factors incorporate the magnitude of the 
load unserved during an outage. However, less than 10% of utilities track these indices (McDermott and 
Dugan 2003). 

Another common reliability index is referred to as “nines.” This index is based upon the expected minutes 
of power availability during the year. For example, if the expected outage is 50 minutes per year, the 
power is 99.99% available or four nines. However, if this index is calculated using the LOLP it won’t 
reflect outages in the T&D systems. If the nines are calculated based on the SAIDI, the nines index will 
give some indication of the average system availability, but not the availability for any particular 
customer. 

Conventional bulk supply systems, from a service interruption perspective, deliver power with 
reliability in the range of 99.0% up to 99.9999% (also referred to as “two nines” up to “six nines,” 
respectively) and average reliability being about three to four nines, or 99.9% to 99.99%. Rural 
electric customers typically experience the least reliable power in the range of two or three nines. 
Urban customers served by networks typically have the highest reliability with five or six nines 
(Gellings et al. 2004). 

Considering that the data collection and reporting of reliability indices vary over a broad range, their 
usefulness in assessing DG effects may be limited. 

2.3 DG and Electric System Reliability  

DG can be used by electric system planners and operators to improve reliability in both direct and indirect 
ways. For example, DG could be used directly to support local voltage levels and avoid an outage that 
would otherwise have occurred due to excessive voltage sag. DG can improve reliability by increasing the 
diversity of the power supply options. DG can improve reliability in indirect ways by reducing stress on 

                                                      
26 Ibid 
27 Ibid 
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grid components to the extent that the individual component reliability is enhanced. For example, DG 
could reduce the number of hours that a substation transformer operates at elevated temperature levels, 
which would in turn extend the life of that transformer, thus improving the reliability of that component. 

2.3.1 Direct Effects  

DG can add to supply diversity and thus lead to improvements in overall system adequacy. DG’s 
contribution is often assessed by comparing the DG solution to the traditional solution. In this traditional 
comparison, emphasis is often placed upon the reliability of the DG system itself, and the argument is 
sometimes made that the DG capacity cannot be counted because it is not 100% reliable. However, there 
are two other factors that must be taken into consideration for this comparison to be useful. First, multiple 
DG units provide an element of diversity that has an improved reliability compared to a single unit, and 
second, the traditional alternatives are also not 100% reliable.  

Multiple analyses have shown that a distributed network of smaller sources provides a greater 
level of adequacy than a centralized system with fewer large sources, reducing both the 
magnitude and duration of failures. However, it should also be noted that a single stand-alone 
distributed unit without grid backup will provide a significantly lower level of adequacy (Apt and 
Morgan 2005). 

Traditionally, as load on a feeder grows, additional supply must be provided to maintain system 
reliability. The additional supply is usually provided to the load by adding another feeder or increasing 
the capacity of the local substation. 

The capacity contribution that can be made by multiple DG units is shown in Figure 2.1 for a simplified 
case where all the DG units are the same size and have the same forced outage rate (Hadley et al. 2003). 
Figure 2-1 indicates that as the reliability criteria is relaxed from 0.9999 to 0.999, for an unchanged DG 
unit forced outage rate of 2%, the number of DG units that can be counted as “available” increases. Figure 
2-1 also shows that as the DG unit forced outage rate increases from 3% to 6% for a fixed reliability 
criteria (.99999 in this example), the number of DG units that can be counted as “available” decreases. 

As shown, the diversified system reliability is a function of the reliability of individual units, among other 
factors. A study of actual operating experience determines how DG units perform in the field (Energy and 
Environmental Analysis, Inc. 2004a). Study results include forced outage rates, scheduled outage factors, 
service factors, mean time between forced outages, and mean down times for a variety of DG 
technologies and duty cycles. The availability factors collected during this study are summarized in 
Figure 2-2. Although the sample size for the DG equipment was smaller than that for the central station 
equipment, the availability of the DG is generally comparable to that of central station equipment. 

Other statistical techniques, such as Monte Carlo simulations, can be used to assess DG in more 
complicated cases. One such study evaluated a case with several DG systems running in parallel within a 
central system and calculated the system margin and the average amount of unsupplied loads. The results 
showed that DG can enhance the overall capacity of the distribution system and be used as an alternative 
to the substation expansion to meet expected demand growth (Hegazy et al. 2003). Several other analysts 
have also created models that acknowledge this more complete and complex situation of diversified 
sources, each with their own reliability characteristics (Chowdhury et al. 2003). From Apt and Morgan 
(2005): 
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Figure 2-1. The Availability of DG Units Is a Function of the Number of Units, 
the Specified Reliability Criteria, and the Equipment Forced Outage Rate28 

 

                                                      
28     Created by ORNL based on an equation shown in S.W. Hadley et al., “Quantitative Assessment of Distributed Energy Resource Benefits,” 

ORNL/TM-2003/20, Oak Ridge National Laboratory, May 2003. 
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Figure 2-2. A Comparison of Availability Factors for DG Equipment 
and Central Station Equipment 

 
                           Source: NERC GAR 1997-2001. 

In addition to changing the adequacy of the system at the individual facility or distribution system 
level, it is possible that widespread use of grid-connected DG could affect the adequacy of the 
overall power system. Models comparing centralized with completely distributed system 
architectures show a dramatic improvement in adequacy for the distributed systems, particularly 
under stress conditions. Zerriffi et al. (2005) compared the results of transmission system failures 
on two 2,850 MW peak load systems. The first was a central generation system with 
32 generators with capacities from 12 to 400 MW. The second met the load with 500 kW natural-
gas fired distributed generators. In reliability models run with failure rates appropriate to current 
generation and transmission components, the distributed generation system had roughly 25 times 
the reliability of the central generation system.29 (These results compare a central generation 
system with 20% more capacity than load to a DG system with 1.6% more capacity than load 
[Zerriffi et al. 2005].) 

An examination of systems with mixed centralized and distributed generation shows that the 
potential reliability benefits depend on a mix of factors, particularly the reliability characteristics 
of the centralized generating technologies being replaced versus those being kept, the reliability 
characteristics of the distributed technology, and the degree of DG penetration (Zerriffi 2004). 

Brown and Freeman (2001) made a detailed model of four utility feeders, connected with normally open 
tie points. In this test system, based upon an actual utility system, SAIDI improvements ranged from 5% 

                                                      
29 The reliability was measured in this study using a Loss of Energy Expectation (MWh/year). 
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to 22% with the addition of DG on just one of the four feeders. The reliability of the other feeders was 
improved because feeder tie operations that were previously blocked by high load levels became possible 
after the DG was added to serve a portion of the load (Brown and Freeman 2001).  

Hegazy et al. (2003) modeled a feeder with five DG systems of varying failure and repair rates using a 
Monte Carlo technique. Using the unserved load as a reliability measure, the results showed that DG can 
enhance the overall capacity of the distribution system and can be used as an alternative to the substation 
expansion in case of expected demand growth (Hegazy et al. 2003). 

2.3.2 Indirect Effects  

DG has the potential to reduce the number of outages caused by overloaded utility equipment. For 
example, during peak load situations, higher currents may lead to thermal loss-of-life in transformers and 
other equipment, which in turn may lead to service interruptions. These outages are usually caused by 
sudden equipment failures that lead to increased loads on the remaining equipment. Such overload 
failures account for about 10% to 30% of all outages, depending on the utility and the region. DG can be 
used to reduce the number of times per year when distribution equipment is used near nameplate ratings, 
and thus could reduce the frequency of equipment failures and subsequent outages (EPRI 2004; 
McDermott and Dugan 2003). 

2.4 Simulated DG Impacts on Electric System Reliability 

Simulation modeling is a valuable tool that can be used to explore the potential impacts of DG on electric 
systems. For example, a Virtual Test Bed simulation platform suite was constructed in one detailed study 
to examine both power quality and reliability issues associated with DG installations (GE Corporate 
Research and Development, 2003). The Virtual Test Bed models the utility’s power delivery system, the 
loads, and the DG. In this study, parametric analysis is used to examine the influence of the amount of 
DG on a feeder, the location of the DG relative to the loads, (lumped at the beginning, middle, or end of 
the feeder, or uniformly distributed along the feeder), inverter-based and rotating DG technologies, DG 
local voltage regulation strategies (either operation at a power factor of 1.0 or the DG provides voltage 
regulation based on local conditions), two radial feeder lengths, and the presence or absence of capacitor 
banks on the feeder. 

The analysis of protection and reliability in this study included transient response and fault behaviors 
(capacitor switching and fault behaviors); reclosing; anti-islanding scenarios; and power systems 
dynamics and stability. Some of the conclusions from this analysis, which focused on the behavior of DG 
units with power electronics, were that 

A fault analysis found that the fault current contribution of a standard induction motor is usually 
much larger than that of current controlled inverter-DG. … the DG, in this example, provides some 
damping to high-frequency oscillations. Other findings include: 

• Local distribution system dynamics are most affected by DG trips.  

• Distributed generation controls do not have a major impact on local dynamics when the 
connection to the host utility is maintained.  
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• Anti-islanding schemes (of the type tested here) appear to be effective at destabilizing islands 
containing multiple DG units and loads with relatively complex dynamics; and to have little 
impact on system response to bulk system disturbances. 

• Voltage and power regulation tend to act contrary to the anti-islanding schemes.  

• Widespread penetration of DG units at the load appears to be benign with respect to system 
response to bulk system disturbances.  

•  

• Aggressive tripping of DG units in response to under voltages appears to present a substantial 
hazard to the bulk system, and was shown to bring down the entire U.S. western system in one 
extreme case (GE Corporate Research and Development, 2003). 

Another analyst used a probabilistic reliability model to compare the options of adding DG or adding 
another feeder to a local distribution network. Using the Expected Energy Not Served as the reliability 
index, this model is able to optimize both the size and location of alternative DG units. The input for this 
model includes values for the annual failure rate of each system component, the repair time, and 
switching times. For example, for the network studied, substations were given failure rates of 
0.02 occurrences per year, line sections of 0.04 to 0.12 occurrences per year, and DG of 5 occurrences per 
year, with repair times of 4 hours for the network resources and 50 hours for the DG resources. For this 
network, an additional feeder was able to reduce the Energy Not Served from over 17 MWh per year to 
less than 5 MWh per year. Three possible DG configurations were identified that provided that same level 
of reliability (Chowdhury et al. 2003). This study is enlightening because it recognizes that DG can 
improve system reliability even if it is not 100% reliable itself, that is, that physical assurance 
requirements are no more appropriate for DG resources than for any other network resource used to 
provide reliable service. 

In 2003, Oak Ridge National Laboratory (ORNL) performed a study entitled “Quantitative Assessment of 
Distributed Generation Resource Benefits.” In this study, ORNL quantified the benefits of system 
reliability in terms of a reduction in the LOLP of DG (Hadley et al. 2003). Reliability of the 
Pennsylvania/New Jersey/Maryland Interconnection (PJM) system was simulated across multiple 
scenarios of differing generation unit sizes. The study shows that improvement in the LOLP is achieved 
when generation expansion needs are met with ten small plants compared to a single large plant of the 
same size. For example, in one scenario, generation expansion was designed to be met by a new 100 MW 
single unit and in the alternative scenario as ten 10 MW units. Many other paired scenarios of single or 
multiple units of generation capacity were also analyzed. 

The study results indicate that the LOLP for each pair of scenarios was always lower in the scenario with 
the higher number of units. This suggests that a system in which capacity expansion comprises many DG 
units, rather than one central station power plant, it can provide more reliable service to customers. The 
study draws the following conclusions:  

Based on the … analysis there is a small but positive value to having capacity added at the unit 
size of DG as opposed to typical central station size. The main beneficiary may be society. If 
reserve margins are fixed by PJM at a certain percentage of demand, or by the largest single 
contingency, then society will benefit by increased reliability at the same amount of capacity. 
This can also lead to lower electricity prices since high cost plants will not be called upon as 
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often. If, however, the ISO chooses to lower the required reserve margins, then utilities may 
benefit by not having to have as much reserve capacity on hand, through either ownership or the 
capacity market (Hadley et al. 2003). 

 
The study also indicates that DG units can be used to improve system reliability even though each 
individual unit is less than 100% reliable. That is because the same rules of redundancy and diversity that 
apply to central station plants, or any other component of the power system, also apply to DG.  

2.5 Possible Negative Impacts of Distributed Generation on Reliability 

In light of the many potential benefits associated with DG, there has been a large body of work devoted to 
addressing a number of concerns with regard to the impact of DG on system stability and safety. 
Standards agencies, such as the IEEE, have promulgated interconnection standards to protect both the grid 
and the DG equipment. Some states have instituted interconnection rules that serve the same purpose. 
However, some of the equipment required to meet these standards or other utility-imposed rules can be 
costly, especially if used for smaller-scale DG projects. Research is ongoing to find better solutions and to 
optimize the use of DG in the grid. 

Some researchers are also examining possible common-cause failure modes that could become important 
if the use of DG grows. One DG failure mode, the loss of local natural gas supply, is also important for 
central generation as more central station power plants use that relatively clean fuel. 

2.5.1 Traditional Power System Design, Interconnection, and Control Issues 

The electric system has been designed to accept power input from large generating stations that are 
synchronized with each other and the rest of the grid. That is, the wave form of the electricity produced 
by each central generator matches the wave form of the electricity traveling on the grid. Large 
transmission lines carry this electricity to substations, where smaller distribution lines carry the electricity 
to customers. The vast majority of these distributions systems were designed for one-way flow of 
electricity (called radial), from the substation to the customer. This design is reflected in the protection 
devices that open and close switches when a tree limb falls on a power line or when lightning strikes a 
part of the system. A few urban distribution systems have been designed for two-way flow through the 
lines (called network), so that if one line fails, another line can be used to deliver electricity to the 
customers. Network systems are more complex to operate, but many of their design features may be 
useful as DG systems are added in greater numbers to radial systems. 

2.5.2 Fault Currents 

A fault occurs when electricity travels along unintended pathways, for example along a tree branch that 
falls across two wires. Most faults on overhead distribution lines are temporary, such as an arcing current 
to the ground that might be initiated by a lightning strike. These temporary faults can be corrected by 
simply turning off the current to the affected wire(s) and letting the arc extinguish. Because the system 
itself has not been damaged, the current can then be turned on again. Automatic protection systems are 
designed to do just that, turn off the current when a fault occurs and then turn it back on after the arc is 
gone so that customer service interruptions are as short as possible. If a DG unit is providing power to the 
system at a location between the protective switch and the fault, and no appropriate communication or 
protection equipment has been installed, it can continue to provide current to the fault so that the fault 
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continues. The longer a fault lasts, the more likely it is to cause damage to both the distribution system 
and to customer equipment (Dugan and McDermott 2002). 

Distributed units can provide voltage support on distribution feeders. However, this can 
complicate service restoration after a fault. If the load becomes dependent upon the distributed 
unit for voltage but the DG unit must disconnect due to a fault, the utility may not be able to 
maintain voltage at acceptable levels as the fault is cleared, necessitating changes in procedures 
and possible delays in restoring power (Kashem and Ledwich 2005). 

Distribution-level instabilities can also be related to DG, as explored by Cardell and Tabors (1998). 

Cardell and Tabors (1998) found that installing generation at the distribution level can decrease 
the stability of the system. This is the result of changes in designed power flow direction as well 
as in the electrical characteristics of the lines themselves …, which can affect the degree to which 
connected generators and loads can interact with one another. Under certain combinations of 
distributed generation technologies, the system can become unstable when a disturbance (such as 
a line or generator outage) is introduced. …. The authors argue that these results show the need 
for new methods to control and stabilize systems that have numerous distributed generators. 

A general description of the issues here is adapted from Apt and Morgan (2005). 

Location. DG units located upstream of a system failure point cannot mitigate the impact on 
customers located downstream of the failure location. The DG placement on a distribution feeder 
can also determine whether there will be stability and power flow problems. 

Dispatchability. Intermittent resources, such as photovoltaics or wind, can aid in reducing power 
needs, but can have a negligible impact on reliability needs due to their lack of dispatchability. 
Similarly, a DG unit that is tied to a thermal load may not be independently dispatchable.  

Controllability. Technologies with fast switching times can potentially provide a wider variety 
of reliability support. On the other hand, if a technology is installed that has a slower response 
time, it may be necessary to modify the operation of other components in the system, potentially 
degrading one measure of reliability even as another is increased.  

Fuel and Unit Reliability. The reliability characteristics of the distributed resource itself, 
including the reliability of the fuel supply, will also determine its contribution to system 
reliability (Apt and Morgan 2005). 

2.6 Approaches to Valuing DG for Electric System Reliability 

The economic benefits of using DG to improve electric system reliability can be estimated by determining 
the avoided costs of traditional forms of investment in electric reliability. (See Appendix A for an 
example of one methodology used to calculate these avoided costs). Under this approach, the net benefits 
of installed DG to the utility is the benefit from deferred generation and T&D investments, net the costs  
associated with installing, operating, maintaining, administering, coordinating, scheduling, and 
dispatching DG units. Not many utilities assess DG in this way when considering expansions and/or 
upgrades in T&D equipment. If many did, it is likely there would be more instances where the benefits of 
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DG would outweigh the costs, although it is important to remember that the financial attractiveness of DG 
is highly dependent on local conditions, costs, and resources.  

In certain situations it is possible that there could be a cost justifiable basis for utilities to offer DG 
owners capacity payments for units that are able to be dispatched by grid operators during times of system 
need. Such payments could support the acquisition of redundant DG units to ensure availability and 
address utility interests in performance guarantees.  

Energy and Environmental Economics (E3) developed an approach for evaluating the economic potential 
for renewable DG applications for municipal utilities (Energy and Environmental Economics, Inc., 2004). 
The study used estimates of value-of-service (VOS) and unserved energy to assess the economic benefits 
of DG for specific grid locations. The E3 approach is similar to the LOLP methodology used in Hadley et 
al. (2003), but the E3 approach included an explicit VOS component, which is intended to quantify the 
value of improved reliability.  

The E3 methodology comprises two steps. The first step is to compute a weighted VOS based on the 
proportion of each customer class served on the feeder or system affected by the DG, and the VOS for 
each customer class, on a kWh basis. The VOS estimates are derived from studies that query customers 
about how much they would be willing to pay to avoid an outage. The VOS estimates are usually much 
higher than standard electricity rates, which can be interpreted to mean that most customers are willing to 
pay more for electricity than they currently do. The report cites VOS values in the range of $5 to $30 
dollars per kWh in historical survey studies (Energy and Environmental Economics, Inc. and Electrotek 
Concepts, Inc., 2005). Figure 2-3 provides a range of the VOS values used in this study; note the 
logarithmic scale used to portray the wide range of values from less than $1 to almost $100/kWh 
unserved. 

The second step calculates the change in unserved energy. In this example, unserved energy is calculated 
using an in-depth engineering analysis designed to calculate the number of hours in which a defined 
system will exceed the emergency ratings on a particular distribution feeder. This value is calculated for 
two contrasting cases. The first is a status quo case and the second reflects the introduction of a number of 
small renewable DG facilities. 

Figure 2-3. Range of VOS Values Used in Municipal Planning Study 

 
                                                      Source Energy and Environmental Economics, Inc. and 
                                                                  Electrotek Concepts, Inc., 2005. 
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The E3 study presents results for a number of detailed DG scenarios, including various levels of 
installation of photovoltaic systems, combined heat and power additions at critical facilities or substation 
sites, and various configurations of peaking DG units. Each case presented positive results associated with 
installation of DG as summarized in Table 2.1.  

Table 2.1. Value of Reliability Improvement (VRI) (Year 2004) 

 

Note that the study authors do not explicitly address the comparative costs of competing DG options or 
alternative investment options designed to provide identical reliability. This addition to the methodology 
is discussed below. 

2.7 The Value of Electric Reliability to Customers 

One of the reasons why customers value electricity so highly is that the cost of electric system failures can 
be significant. One way to value DG-related improvements in the reliability of electric systems is to 
determine the value of higher reliability to customers. Value-of-service is one methodology to determine 
the value of reliability to customers. Another approach is to assess the outage costs to customers. There 
are a number of recent studies of outage costs; however there are no recent studies that use outage costs to 
determine the value of DG to improving electric system reliability.  

Recent studies generally indicate that outage costs can be as high as 100 times the average price of 
electricity, depending on the type of customer. Some surveys indicate the cost to be between $0.25/kWh 
to approximately $7/kWh. For example, Navigant Consulting estimates the reliability benefit from 
avoided downtime at $1/kWh (Navigant Consulting 2006).  

A recent study involved the review of a set of commonly cited power outage cost data ranging from 
$41,000/h for cellular communications to $6,500,000/h for brokerage operations. That study sought “to 
assess the cost of power outages to businesses in the commercial and industrial sectors using the best and 
most current data available, short of surveying a statistically significant pool of building owners.” 
Downtime cost components were categorized as either tangible or intangible as shown in Figure 2-4. The 
study used existing literature based on surveys of actual end users that covered outages of 20 minutes, one 
hour and four hours in duration. The data from the surveys show that the duration of an outage has a large 
effect on estimated downtime costs. Although all sub-sectors estimate similar downtime costs during 
short outages, as the duration increases, the costs identified by different commercial sub-sectors begins to 
vary more widely (Hinrichs and Goggin, 2006).  
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At the 20-minute duration, almost all commercial sub-sectors have comparable downtime costs. However, 
as an outage persists and food spoilage sets in, costs for restaurants (food service) and grocery stores 
(food sales) increase faster than for other sectors. Figures 2-5 and 2-6 provide another way to illustrate 
these changes in the distribution of costs for commercial sub-sectors over the duration of a blackout. One 
can see that the share of costs experienced by food service and sales grows until it accounts for the 
majority of costs after four hours of outage duration. These figures also illustrate that offices incur large 
costs during the initial minutes of a blackout, but subsequent losses are much smaller. Presumably, this is 
because of the high cost of data loss and damage to computer equipment that occurs during the initial 
moments of a blackout; more data collection and analysis would be needed to confirm this assumption 
(Hinrichs and Goggin, 2006). 

Figure 2-4. Costs Considered in Sentech Outage Cost Study  

 
 

Figure 2-5. Commercial Sub Sector Power Outage Costs (Hinrichs and Goggin, 2006) 
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Figure 2-6. Outage Costs after 20 Minutes and After 4 Hours (Hinrichs and Goggin, 2006) 

 
Lawrence Berkeley National Laboratory (LBNL) recently conducted a study of the costs of power 
outages to the U.S. economy (LaCommare and Eto 2004). The study estimates annual losses to the U.S. 
economy from momentary and sustained power outages to be about $79 billion annually, with 72% of 
those costs affecting the commercial sector, 26% industrial, and 2% residential. The study reports that 
during a reliability monitoring program, several participants contributed business information to help 
explain the sources of outage costs: 

…valuable insight on the often-cited statistic that an outage costs silicon-chip fabricators $1 
million per event…The determining factor is whether the downtime results in the firm missing a 
deadline for delivery of chips that have already been sold. He pointed out that, in 2003, many 
firms were running at less than full capacity. Under these conditions…costs of materials lost as a 
result of the outage were minimal in comparison to the financial penalties that would be 
associated with missing shipping delivery dates. The chip fabricator participating in our study 
reported that outages of even a few minutes could sometimes lead to 1 to 1.5 days of downtime, 
causing the firm to forego $500,000 per day in revenues. …. A related example was provided by 
the manufacturer of silicon-chip fabrication equipment…the manufacturer must conduct a 
continuous, 1,000-hour factory test, which takes about six weeks. Any interruption during this 
period requires restarting the entire test from the beginning.…This firm reported that it had 
recently made a $2.5-million investment in equipment to improve electricity reliability that paid 
for itself in nine months, which translates into an implied cost per outage of $350,000 per 
event…The monetary penalties for missing deliveries are especially high in the financial services 
industry. For these firms, “missed” deliveries refer to financial transactions that cannot be 
executed…Stringent financial penalties, based in part on the value of foregone or inaccurate 
transactions, result from exceeding pre-specified limits…We were told of a financial 
clearinghouse in Texas that had experienced a $12- million loss as the result of a 30-minute 
outage caused by a lightning strike. (LaCommare and Eto 2004). 

2.8 Major Findings and Conclusions 

Electric system reliability is an aggregate measure used by electric system planners and operators to 
evaluate the level and quality of service to customers. One of the traditional approaches to achieving a 
reliable system involves building sufficient redundancy to ensure continued operations even with the loss 
of the largest generator or transmission line. Another involves monitoring grid operations and making 
adjustments to changing conditions to prevent momentary problems from cascading into local or regional 



 

 2-17 

outages. DG units can be used by electric system planners and operators to augment these traditional 
approaches to electric system reliability. While mostly customer owned, some existing DG units are made 
available to utilities for operations during times of system need through various incentives and pricing 
approaches, including demand response. Studies show that in many instances utilities could make greater 
use of DG directly and deploy units to provide peak power, voltage and VAR support, or other ancillary 
services to meet electric system reliability needs. However, most utilities do not own or operate DG units 
in this way. And, there are no standard models, tools, or techniques for utilities to evaluate DG and 
incorporate DG resources into electric system planning and operations.  
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Section 3. Potential Benefits of DG in Reducing Peak 
Power Requirements 

3.1 Summary and Overview 
 
Electricity demand fluctuates throughout each 24-hour period. Demand is typically lowest 
overnight, when commercial and residential buildings are inactive. Demand typically “peaks” in 
midafternoon, with the highest system-wide peaks typically occurring during hot summer afternoons. If 
the 8,760 hours in each year are shown in aggregate, with the total demand plotted for the year as in 
Figure 3-1, the number of hours each year in which demand peaks is clearly quite small. In this example, 
80% of the time this feeder line is being used to about 37% of its peak demand. This is a typical pattern of 
usage in the electric distribution system for feeder lines that serve primarily commercial and residential 
customers. 

Local reductions in peak demand on specific feeder lines will flow “upstream” and produce demand 
reductions on substations, transmission lines and equipment, and power plants, thus freeing up assets to 
serve other needs. The economic benefits from a reduction in peak power requirements are derived 
primarily from deferred investments in generation and transmission and distribution (T&D) capacity. 
Utilities make investment decisions for generation and T&D capacity based on peak requirements. Thus, 
in the long run, any reduction in peak power requirements provides direct benefits to the utility in the 
form of deferred capacity addition/upgrade costs. 

Figure 3-1. Load Duration Curve for a Typical Mixed-Use Feeder 
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A common method for electric system planners and operators to produce demand reductions is by using 
demand response (DR) programs. Demand response has been defined as follows: 

Changes in electric usage by end-use customers from their normal patterns in response to changes 
in the price of electricity over time, or to incentive payments designed to induce lower electricity 
use at time of high wholesale market prices, or when system reliability is jeopardized.30 

DR programs are generally categorized as one of two types: (1) Price-based programs such as real-time 
pricing, critical peak pricing, and time-of-use tariffs; or (2) Incentive-based programs such as direct load 
control and interruptible rates. According to the North American Electric Reliability Council (NERC), 
about 2.5% of summer peak demand (20,000MW) is affected by incentive-based DR programs.31 DG can 
be effective in affecting customer responses to electricity demand. A study of DR programs operated by 
the New York Independent System Operator (NYISO) in 2002 showed that DG was an important factor 
in the ability of certain participating customers in successfully reducing their demand. DG enabled these 
customers to continue near-normal operations while they reduced their consumption of grid-connected 
power, thus reducing demand at NYISO.32   

3.2 Load Diversity and Congestion 

Not all electricity-using appliances and equipment demand power from the grid at the same time. For 
example, residential lighting loads are greatest in the morning and evening, while commercial lighting 
loads are greatest during business hours. Manufacturing loads vary according to the number of shifts used 
in any given factory and according to the electric equipment use schedule. Considering such “demand 
diversity,” the “peak” load is never the sum of all the connected loads on a feeder or transmission line. 
One guideline shows that the peak load on a feeder is approximately half of the connected load, the peak 
load on a substation is approximately 45% of the connected load, and the peak load on a generating 
station is about 41% of the connected load, as shown in Figure 3-2 (Departments of the Army and the Air 
Force, 1995). This trend shows that load diversity on any particular system component increases as the 
number of customers served by that component increases. 

                                                      
30 U.S. Department of Energy Benefits of Demand Response in Electricity Markets and Recommendations for Achieving Them A Report to the 

U.S. Congress Pursuant to Section 1252 of the Energy Policy Act of 2005 February 2006. 
31 North American Electric Reliability Council 2006 Long-Term Reliability Assessment – The Reliability of Bulk Power Systems in North 

America October 2006. 
32 Lawrence Berkeley National Laboratory et al. How and Why Customers Respond to Electricity Price Variability: A Study of NYISO and 

NYSERDA 2002 PRL Program Performance January 2003. 
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Figure 3-2. Electric Demand Flow Diagram  

 

Just as there is demand diversity within the system, there is also “supply diversity.” Central power plants 
are selected to provide power to the grid according to a dispatch order (or stack) determined by their 
variable costs, subject to certain constraints.33  These constraints include start-up and shut-down costs, 
reliability implications, and maintenance requirements. For example, hydropower is almost always the 
lowest-cost power, but its availability is limited by the amount of water stored behind the dam. Other 
plants operate outside of this dispatch order because they are outside the control of dispatchers, such as 
combined heat and power plants, photovoltaic arrays, wind farms, and other customer-owned DG. Plants 
that are called on for essentially continuous operation (either because of their low variable cost and/or 
high start-up and shut-down costs, or because of their importance to reliability) are called base load 
plants. These typically include all nuclear and a major portion of coal plants. Plants are dispatched to 
meet the total load at any given time according to this dispatch order so that most plants operate for only a 
portion of the year. Note that the most expensive power supply is usually the last unit dispatched by the 
system operator and is the first unit removed from the system if the load is displaced by operations of DR 
programs.  

Although multiple power plants and transmission lines are available to provide power to any given feeder, 
not all of them are running or fully loaded at any one point in time. The available capacity of the supply 
system is limited below the actual capacity of the lines, transmission equipment, and plants in service by 
the need to provide a contingency allowance and maintain operating reserves. A “contingency allowance” 
is a prudent operating strategy that holds transmission capacity in reserve in order to continue providing 
service in the event that any single transmission element in use were to fail. This is often called an “N-1” 
operating strategy.  

                                                      
33  Variable costs include fuel, variable operating costs, and emissions permits. 
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With demand growth, peak demand eventually exceeds the capacity of the supply system, or the capacity 
and configuration of the supply system are insufficient to allow for the most economic system dispatch to 
meet demand. “Congestion” is condition that occurs when actual or scheduled flows of electricity on a 
transmission line or a related piece of equipment are restricted below desired levels—either by the 
physical or electrical capacity of the line, or by operational restrictions created and enforced to protect the 
security and reliability of the grid.  Congestion is commonly manifested in the loss of economic 
efficiency rather than blackouts, but its effects are nonetheless significant. 

3.3 Potential for DG to Reduce Peak Load 

Several utilities have evaluated using DG to reduce peak load requirements, although it is not a very 
common practice. A variety of methodologies have been used for these evaluations, some of them using 
specific data for actual feeder lines and substations, and others using more generic information. An 
example of such an evaluation is provided below. In some of these evaluations, it is the case that DG is 
the most financially attractive option; in others, DG is not. Even in those instances where it has been 
determined that DG is the most financially attractive option, it is not always the case that investments are 
made in DG. This is due to a variety of issues, including a lack of familiarity with DG technologies, tools, 
and techniques, and the perceived likelihood that cost recovery will be less controversial with investments 
in traditional T&D equipment. 

A study, focused on two real Southern California Edison (SCE) circuits, showed that adding DG would 
reduce peak demand on the two circuits enough to defer the need to upgrade circuit capacity. Figure 3.3 
shows the results for the circuit that served a mix of commercial, small industrial and residential 
customers. If the DG installations are targeted optimally, the deferral could economically benefit SCE and 
its customers, with cost savings that outweigh the lost revenues due to lower sales of electricity (Kingston 
and Stovall 2006). 
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Figure 3-3. Comparison of Projected Load on a Feeder with and  
Without the Addition of Distributed Generation 

 

3.4 Market Rules and Marginal Cost 
 

The economic benefits of peak load reductions come from savings in production costs of energy and 
improvements in the utilization of existing T&D infrastructure and potential long-run deferral of capital 
investments in Generating and T&D expansion. One study explicitly examined the issue of which central 
station units would be displaced if significant amounts of DG were added to the PJM system. Contrary to 
a common perception, the displaced units were found not to consist solely of new combined-cycle power 
plants, but rather to be a mixture of coal-, gas-, and oil-fired units of varying heat rates and with varying 
fuel costs (Hadley, S. W.; Van Dyke, J. W.; Stovall, T. K., The Effect of Distributed Energy Resource 
Competition With Central Generation, ORNL/TM-2003/236, Oak Ridge National Laboratory, October 
2003). 

3.4.1 Organized Wholesale Markets  

3.4.1.1 Impact of Demand Reductions on Wholesale Prices 

A study performed by JBS Energy for the Mid-Atlantic region notes that “…when power consumption is 
reduced, particularly during peak periods, the market price of electricity is reduced for all consumers.” 
(Marcus and Ruszovan 2000). Consumers who reduce their demand for electric power derive benefits 
from reduced power costs as well as provide direct benefits to other customers served by the utility by 
reducing the marginal price of electricity for the general system as a whole. 
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However, as noted by Siddiqui et al. (2005), because most electricity customers receive static price 
signals that do not vary over time, they are not exposed to the marginal costs of generation, so that the 
demand curves we see in wholesale power markets today are generally inelastic with respect to wholesale 
prices. This study goes on to find that, in markets that expose customers to time-varying rates, there is a 
“demand response” to changes in electricity prices. The extent of this response is affected by the 
magnitude of the change in price. Since operating DG is one way for customers to respond to changes in 
prices, it is possible for DG to have a beneficial effect on the prices received by all customers due to 
reductions in demand in wholesale markets, which reduces the need to run the most expensive power 
plants.  

This point is amplified in the JBS study: 

In the old world, in a given hour the marginal cost of energy of a bundled utility was the 
price of the last most expensive unit of the utility’s generation. But the cost was only 
incurred for that last unit. Thus, the marginal cost was the value of demand reduction, 
because the last unit’s generation was avoided. In the new world of power pools (in 
places such as PJM, New York, New England, California, and Alberta) the price for all 
units of energy traded through the pool is set on an hourly basis by the market-clearing 
bid price for the last unit (of generation or load reduction) bid in to serve demand. As 
demand rises, the total revenue received by all generators rises. Thus the value of demand 
reduction from the perspective of ratepayers is not just the market price (bid price of the 
last unit). It is the market price plus the increase in the bid price multiplied by all other 
generators except the last unit.. . . As demand rises, particularly in peak periods, the price 
of energy rises relatively rapidly. If demand can be reduced, for example due to the 
installation of more efficient appliances, the price will tend to fall as demand falls, 
benefiting not only the customer whose demand is reduced but all other customers who 
receive the lower prices of spot market energy. Figure 3-4 shows the effect graphically 
for a given hour. The reduction in usage multiplied by the original market price is a 
benefit to the customer(s) reducing load. The reduced price multiplied by the usage after 
the reduction benefits all other loads. (Marcus and Ruszovan 2000). 34 

Figure 3-4. Market Price and Value of Load Reduction 

 

                                                      
34 Excerpted from Marcus and Ruszovan 2000. Original figure designation was Figure 1. 
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The approach used in the JBS study is to consider a simple supply curve of all generating resources 
(Figure 3.4 above) to derive the value of reduced load (by comparing the supply mix used to serve 
historical peak loads to the supply mix necessary to serve that load reduced by 2% to 3%) in the 
Pennsylvania/New Jersey/Maryland Interconnection (PJM). The supply curve is the stack of generating 
units available to meet load throughout the region in merit (cost) order. The price of power with and 
without demand reduction in each hour is determined from the marginal cost of the last unit to serve load, 
which is itself determined by the intersection of demand and the supply curve. The value of reduced load 
to all customers can then be calculated for a given reduction in demand by calculating the difference in 
pool revenues as shown in the example in Table 3.1. 

Table 3.1. Value of Reduced Load (VLR) Calculated by Pool Revenue 

Calculation Example 
 Quantity (MW) Price* ($/MWh) Pool Revenue ($/hr) 

Load 40,000 $45.54 1,821,454 
Reduced Load 39,000 $41.28 1,609,808 
Difference 1,000  211,646 
    
Value of unhedged load reduction   211,646 
Value of 50% hedged load reduction**   128,591 
* Summer/winter weekday, $4.00/MMBtu gas 
** 50% of VLR unhedged + 50% of original market price 

MMBtu= million British Thermal Units 
MW= megawatts 
MWh= megawatt hours 

The study points out two important caveats about this approach. First, while the study accurately 
represents the PJM spot market, many customers are not fully exposed to this volatile market. They are 
instead “hedged” with contracts or direct supply options. For example, a fully contracted customer with a 
fixed price would be unaffected by the reduction in energy prices driven by load reduction. Second, the 
long-term effects of price reduction may be muted as less generation is built, which “could create some 
countervailing upward price pressure.” (Sebold et al. 2005.)  

In an attempt to counteract these issues, the JBS study authors analyzed two cases. Figure 3-4 shows the 
“no-hedge” case which shows full value, and a “50% hedge” case in which the impact is halved.35 

Thus, the JBS study shows us that the market rules in organized wholesale markets, and the extent to 
which supply prices are hedged, will determine the market savings for power purchasers. In areas where 
elevated power supply prices are passed on to ratepayers, the ratepayers will benefit from the savings. 
However, savings due to reductions in the marginal price in organized wholesale markets do not 
necessarily accrue to the ratepayers. Depending upon the local rate schedules, distribution utilities may be 
unable to pass elevated peak load costs on to ratepayers. In these cases, since the cost of peak power 
would never have been borne by the ratepayers to begin with, those ratepayers would not realize any 
savings. Rather, in these areas, any such savings would remain with the utility.  

                                                      
35  The gap at 30,000 MW is shown on Figure 2.5 because of the shift between two separate cost curves. This study also included benchmark 

comparisons of the model results to actual market prices and an advanced price model that included time-of-use features. 
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Figure 3-5 shows that, “including the impact on the market price, even with 50% physical hedging, the 
value of load reduction is at least 170% of the value of energy at all loads. Above 30,000 MW, both 
prices and the value of conserved energy rise rapidly, but the value of load reduction rises faster. The 
value of load reduction rises from 217% to 294% of the market price of energy from 31,000 to 40,000 
MW and then rises faster to reach 3-1/2 times the market price at 45,000 MW and 8 times the market 
price at 50,000 MW. Without hedging, the figures are even higher (Marcus and Ruszovan 2000). 

Figure 3-5. Value of a 1000 MW Load Reduction as Percent of Market Price  

 

3.4.1.2 Impact of Demand Reductions on Congestion Costs  

Implicit in energy prices is the cost of transmission congestion and losses. This is especially the case in 
markets with locational marginal pricing (LMP) schemes. Transmission congestion constrains less 
expensive power from reaching high-demand locations. Higher-cost generation in the constrained regions 
is dispatched to relieve congestion and to serve the incremental load. Thus consumers in constrained 
regions pay more for power as a result of transmission congestion. Congestion costs can be significant in 
many markets, and deployment of DG to relieve congestion could result in savings for all customers. 
Table 3.2 shows historical congestion costs paid by customers in organized wholesale markets. 
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Table 3.2. Historical Congestion Costs in Some Deregulated Markets ($ billion nominal dollars)  

 2000 2001 2002 2003 2004 2005 

PJM 0.13 0.27 0.43 0.50 0.75 2.09 

NYISO 0.51 0.31 0.52 0.69 0.63 NA 

ERCOT NA NA 0.25 0.41 0.28 NA 

ERCOT= Electric Reliability Council of Texas 
NYISO= New York Independent System Operator 
PJM= Pennsylvania/New Jersey/Maryland Interconnection 
Source: State of the Market Reports issued by each ISO/RTO. 

Power produced by DG units is supplied close to the load and thus reduces the amount of power that must 
flow into a region via transmission lines. This is especially important in areas subject to congestion. The 
price effect of even small reductions in transmission line power flow can be very large, as was found in a 
study made by Independent System Operator New England (ISO-NE) (ISO 2005):  

“[The 2004 Regional Transmission Expansion Plan (RTEP04)] provides a range of market 
information …. It should be noted that there is a high degree of uncertainty associated with many 
of the assumptions. Future fuel prices, generation unit retirements, unit availability performance, 
bidding practices, demand growth, and other assumptions all could affect congestion costs and 
are all uncertain. RTEP04 therefore provides an indication of congestion-related trends, not 
projections of expected congestion costs. ISO-NE conducted sensitivity analyses to identify the 
RTEP sub-areas having the greatest risk of creating higher costs due to transmission constraints. 
This is done by evaluating changes in system conditions in each sub-area (i.e., changes in 
generation and/or demand for electricity). Figure 3-6 shows that the Norwalk-Stamford, 
Southwest Connecticut, Connecticut and Boston sub-areas are more sensitive to these changes 
than the other sub-areas (ISO 2005).” 

Figure 3-6. Production Costs and Sensitivity to Changes in System Conditions 
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3.4.2 Traditional Vertically-Integrated Markets 

There are important distinctions between traditional vertically-integrated markets and the new organized 
wholesale markets when it comes to the economic impacts of reducing peak demand. Figure 3-4 shows 
the impacts in organized wholesale markets as every generator receives the marginal clearing price of 
power. But in traditional vertically-integrated markets, wholesale rates are set by the utility’s power 
production costs plus a regulated rate of return, as shown in Figure 3-7. The economic benefit to all 
customers of reduced peak power requirements is therefore the reduction in the integrated average cost of 
power, as shown by the drop from point B to point A. Thus, compared to organized wholesale markets, 
the benefit of reduced peak power requirements is not as large. The utility in a vertically-integrated 
market experiences a reduction in operating costs but also loses the revenues associated with reduced 
generation.  

 

Figure 3-7. Comparison of the Marginal Price to the Average Cost Seen by Customers at Regulated Utilities 
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3.5 Effects of Demand Reductions on Transmission and Distribution 
Equipment and Generating Plants 

As discussed, reductions in peak demand by customers produce “upstream” reductions on local feeder 
systems, the transmission lines serving those feeders, and the generating plants serving those transmission 

lines. The extent to which demand reductions provide 
benefits to the system depends largely on the capacity of 
the existing equipment relative to existing and projected 
loads. 

While all electrical equipment has a nameplate rating for 
capacity, in practice this rating is seldom a fixed number. 
For example, the capacity of a combustion turbine is a 
function of the air temperature, pressure, and relative 
humidity, the heat content and pressure of the fuel 
service, and the time that has elapsed since the last 
turbine overhaul. Determining the capacity of a 
transformer is even more complex. As the load on a 
transformer increases, the temperature within the 
transformer also increases; and as the hours of operation 
at elevated temperatures increase, the transformer’s 
lifetime and maintenance intervals are both shortened. 
Reflecting this cause and effect, an Institute of Electrical 

and Electronics Engineers (IEEE) transformer loading guide is based upon an exponential relationship 
between transformer life and its highest temperature (IEEE 1995; Hoff et al. 1996). Transformers are 
therefore typically rated to operate for a limited number of hours per year above a given temperature. 
However, some utilities elect to deliberately exceed these load limits to meet system requirements and use 
proactive maintenance programs to counterbalance the extra wear and tear on the transformer (Woodcock 
2004).  

The capacity of the transmission system is an even more complex concept, because it changes with 
system conditions on a moment-by-moment basis and is dependent on the location of generation 
injections and demand withdrawals. Although we refer to transmission capacity, a more appropriate 
reference should be the transfer capability (i.e., the amount of power that a transmission feeder or a 
bundle of transmission facilities can transfer from one point (or region) to the other under predetermined 
system conditions). Most utilities specify transfer capability under pre-specified conditions such as using 
“N-1” reliability criteria. Thus, implicit in the transfer capability is a margin allowed for reliability. 
Additionally, some utilities make provision for two additional margins – transmission reliability margin 
(TRM)  and capacity benefit margin (CBM). The remainder of the transfer capability of a specific 
transmission facility or a bundle of transmission facilities after netting out the applicable reliability 
margins is the transfer capability available for commercial energy transfers. 

Therefore, when we consider the ability of DG to defer T&D and generating system capacity expansion, 
we are often taking aim at a moving target. However, operation of DG that reduces peak loads on a 
substation will always provide some benefit to that substation, whether by decreasing the required 
maintenance, increasing equipment lifetime, or actually deferring the installation of additional capacity.  

Feeder Capacity: 
It’s Not a Fixed Value 

The maximum load limit on a feeder is a 
function of the individual limits on the 
various wires, transformers, switches, 
and other associated equipment. 
However, the load limit on electrical 
equipment is seldom a single number. 
For example, transformer ratings define 
normal and emergency limits for current 
levels and for voltage drops. Even an 
emergency limit can be exceeded for a 
given time period, although this can lead 
to thermal loss-of-life, which may in turn 
lead to equipment outages.  
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3.6 Value of Offsets to Investments in Generation, Transmission, or 
Distribution Facilities  

Utilities generally make investment decisions for generation and T&D capacity based on peak 
requirements. Thus, any reduction in peak power requirements provides direct benefits to the utility in the 
form of deferred capacity upgrade costs. This section of the report reviews multiple valuation 
methodologies in use. Appendix A provides a detailed example of how one of the methodologies can be 
applied. 

3.6.1 Transmission and Distribution Deferral 

A detailed review of available literature shows that of all economic benefits provided by DG, the ability 
to offset T&D investment is the most easily quantified and most often studied. This is understandable 
given the concrete and quantifiable nature of T&D investments. Two distinct approaches dominate the 
literature. The most detailed is a comparison of a site-specific cost of a proposed or existing DG project 
with specific avoidable distribution level upgrades. The second and more common approach compares the 
costs of generic DG proposals with average T&D expenses realized in response to historic demand 
growth. This second method is based on the following assumptions: 

Avoided T&D costs for DG do not necessarily occur at the same time that DG capacity is 
added because often the T&D resources are already in place. However, in the long run, 
T&D resources must be maintained, replaced, and usually augmented to meet system 
growth. Therefore, in the long-term view, DG should contribute to a reduction in T&D 
expenses . . . [especially] . . . from the perspective of a long-run equilibrium in which DG 
is planned and coordinated with a distribution system. . . . A key point is that DG has 
capacity value for a distribution system to the extent that it reduces the need for upstream 
capacity. Therefore, it makes sense to first calculate the potential value of DG as if it 
could be centrally dispatched. Then this potential value can be systematically exploited. 
Among other things, the distribution system can be designed or adapted to technically 
accommodate DG (Hadley et al. 2003). 

3.6.2 Capacity Basis for Value Calculations 

Generally speaking, utilities typically make capital investment decisions in T&D capacity based on the 
cost per kW of “installed capacity” rather than cost per kW of “capacity shortfall.” The use of installed 
capacity as a measure for lumpy T&D investments does not capture the often large amount of unused 
capacity in the near term.36 In one example from DTE, a Detroit Energy company, $50,000 could be 
invested in a T&D system reinforcement project to permit a lumpy generation capacity addition of 
2,500 kW. From a “capacity-added” perspective the T&D system reinforcement project costs $20/kW. 
However, not all the 2,500 kW is needed in the near term. The actual need is approximately 500 kW. 
Therefore from a capacity-shortfall perspective, the T&D system reinforcement projects costs $100/kW. 
DTE performed 35 such comparisons in 2003. While the costs ranged from $20 to $340/kW for the 
installed capacity, the costs ranged from $100 to almost $1,100/kW on a capacity-shortfall basis. (One 
resulting installation is shown in Figure 3-8). Therefore, from an investment perspective DTE makes the 
                                                      
36 T&D capacity investments are called ‘lumpy’ because the installed size must be selected from available equipment sizes. Moreover, the 

labor and auxiliary equipment costs for any upgrade involve some minimum cost. 
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point that utilities should evaluate traditional T&D upgrade options from a capacity-shortfall point of 
view and compare their economics with alternatives such as DG. Such an approach is one way to deliver 
just-in-time and right-sized capacity to resolve smaller shortfalls while minimizing the initial capital 
outlay. This is especially applicable for problems that may only exist for a few hours per year or for 
capacity that may not be fully utilized for several years (Asgeirsson 2004). 

A similar analysis has been made using actual costs at Southern California Edison (SCE) for multiple 
feeders with mixed residential, commercial, and light manufacturing loads: 

One way to determine the annual T&D cost to the utility, disregarding revenue growth, is to 
determine the annual carrying cost of a T&D expansion. SCE was able to provide historical cost 
data for recent upgrades similar to those that may be done on the Lincoln and Washington 
substations in California. Two 13,000 kW circuits were added to two separate substations at 
installed costs of $740,762 
and $750,500, for an 
average installed cost of 
$57/kW. Assuming SCE’s 
annual fixed charge rate is 12%, the average annualized carrying cost for each 13,000 kW 
upgrade would be $90,000/year. Assuming load growth of 1.3%…on a 13,000 kW circuit, the 
growth would be 170 kW for the first year. Because the minimum size of the circuit expansion, 
13 MW, is so much larger than the needed expansion, the first-year deferral cost would be 
$530/kW per year for a 170 kW DG installation. Even if the expansion circuit relieves similar 
growth problems on an adjacent circuit, so that a DG capacity of 340 kW is needed, the annual 
deferral cost would still be $260/kW for the first year. As this example shows, the annual deferral 
cost is a function of the avoided cost of the circuit upgrade, the fixed charge rate, and the size of 
DG that would meet the short-term needs of the circuit’s growth (Kingston and Stovall 2006). 

3.6.3 Site-Specific Examples 

The preceding section describes site-specific evaluations conducted for DTE and SCE. Resource 
Dynamics Corporation/Electric Power Research Group has also evaluated three site-specific options for 
utility-owned DG and found that DG is the most economical choice at one of the three sites (Resource 
Dynamics Corporation 2005). 

In a separate study, the authors have analyzed T&D deferrals for an island off the coastal northeastern 
United States (Poore et al. 2002). Up to 7 MW of diesel generation were proposed, to be operated in 
response to power supply contingencies. The study authors describe the alternative “wires solution” as a 
wholesale replacement of the existing and outdated 23 kV system with an extension of the existing 69 kV 
transmission system and a pair of new 12.47 kV express feeders at a significant cost.  

Deferral cost = Avoided upgrade cost ×Fixed Charge Rate
DG capacity required
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When the costs of these 
alternatives are compared on a 
Net Present Value (NPV) basis, 
the DG option is assessed to be 
economically attractive. 
Specifically, the study shows that 
the 7 MW diesel DG lease option 
will save approximately 
$1 million on an NPV basis when 
all lease, fuel, and installation 
costs are considered. These 
savings may be even larger if 
revenues associated with selling 
energy into the power markets are 
considered (Poore et al. 2002). 

3.6.4 Historic Transmission and Distribution Cost Deferral Examples 

A recent examination of deferred T&D costs and long-run marginal costs from multiple perspectives in 
the SCE region has been made (Kingston and Stovall 2006). 

The circuit peak loads, inflated by some contingency reserves factor, represent the capacity that 
the utility must provide at the substation and in the wires. As the load approaches this limit, the 
utility must usually invest capital to increase the circuit capacity to reliably meet consumers’ 
demands. The cost of capacity additions tends to be location-specific and varies widely. Two 
recent studies used FERC Form 1 data to estimate the marginal cost of T&D. FERC accounts 
360-368 contain distribution equipment that could be deferred or displaced by DG systems 
(FERC 2006; 18 CFR Sec. 141.1)” (Kingston and Stovall 2006).  

The first study, a part of the Regulatory Assistance Project (RAP) Distributed Resource Policy 
Series, examined the marginal T&D expansion costs for 124 utilities (Shirley 2001). This study 
found the national average cost between 1995 and 1999 was $590/peak kW for lines and circuits 
and $95/peak kW for transmission and substations. The standard deviation for each of these 
averages, $447/peak kW for lines and circuits and $91/peak kW for transmission and substations, 
indicates the broad range of the reported costs (Kingston and Stovall 2006).  

The RAP results are all based on the utility peak load, which tends to grow in a smooth and 
continuous manner. Capacity additions, on the other hand, tend to occur in discrete steps that 
correspond to available equipment sizes (e.g., rotating stock) or to capacity increments that justify 
the installation labor costs. For that reason, another study (Hadley et al. 2003) used the total 
installed kVA for distribution line transformers, rather than the system peak, to examine the 
marginal costs for 105 major utilities over the period from 1989 to 1998. The marginal 
distribution cost from that study (defined as the sum of both classifications from the RAP study, 
or $685/peak kW) was $239/kVA. To compare these two numbers, it is necessary to correct for 
power factor. If we assume that the power factor is 0.9, then the second study’s value of 
$239/kVA would be $266/kW (Kingston and Stovall 2006). 

Figure 3-8. At DTE, a 1 MW Natural Gas Fired DG Unit Was 
Installed on School Property to Defer a $3.8 Million Substation 

Expansion Project for Five Years 

 
   Source:  Asgeirsson 
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This is still not a direct comparison, however, because one value is based on system peak load 
and the other on installed capacity. These two values differ by a factor equal to the reserve 
margin, which varies from one location to another. For example, if the reserve margin is 15%, 
then a cost of $685/peak kW would be equal to a cost of $582/installed kW. The reserve margin 
also varies with time, being greatest immediately following a circuit upgrade, and being least 
right before a circuit upgrade (Kingston and Stovall 2006). 

A summary of these marginal T&D cost estimates is shown in Figure 3-9. The average, plus or 
minus one standard deviation, is shown for the RAP database after several outliers were removed. 
Even after excluding three very high-priced outliers, the data ranged from $127 to 
$3,085/peak kW (Shirley 2001).37 In the DTE case, the utility’s T&D average upgrade cost was 
$403/kW (Sheer 2003) (Kingston and Stovall 2006).  

The Oak Ridge National Laboratory (ORNL) study conducted by Hadley et al. (2003) then goes one step 
further in calculating the T&D deferral value to the utility by considering the diversified coincident 
reliability of multiple DG units on a circuit, considering unit size, unit forced outage rate, and number of 
DG units. All too often, the contribution of a DG resource is disallowed because it is not 100 % reliable. 
It is more appropriate to treat it as one of many sources and loads and to consider the relationship between 
the desired reliability level, the forced outage rates of multiple DG units, and the relative location of the 
DG resources. Using this diversified coincident reliability, a capacity credit percentage is assigned to each 
element of the T&D investment expected to be located upstream of the DG location to determine the 
magnitude of costs offset by a typical DG installation.  

Using a hypothetical feeder layout, this methodology suggests that a DG capacity credit of 60% could be 
applied to the distribution substation, land, and structures; and 20% to distribution poles, towers, and 
overhead conductors. No credit is given to distribution transformers, meters, street lights, etc., because 
these facilities are assumed to be located downstream of the DG installation. For this hypothetical feeder, 
using 20 DG units with forced-outage rates of 5%, the avoided capacity value of DG based on marginal 
costs was about one third of the total marginal costs for all T&D equipment (Hadley et al. 2003). 

                                                      
37 This data can also be viewed at http://www.raponline.org/Pubs/DRSeries/CostTabl.zip. 
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3.6.5 Deferral of Generation Investment 

There is relatively less publicly available literature on generation deferral from DG development 
compared to T&D deferral.  
One reason for the lack of 
literature is that DG almost 
always costs more than a large 
centralized power plant on a 
cost-per-installed-MW basis, 
due to the immense 
economies of scale 
surrounding construction and 
installation of power 
equipment. However, as 
discussed above, this may not 
be the case if DG installation 
is evaluated on a cost-per-
MW “shortfall” basis. Thus, 
there can be economic 
benefits related to generation 
investment deferral that are 
directly attributable to DG.  

A study conducted by Hoff et 
al. (1996) provided a technical evaluation of the use of DG as an alternative to large system capacity 
investments. The goal of this study was to 

…present a simplified method to determine the value of deferring electric utility capacity 
investments using distributed generation. Consideration is given to both economic and 
technical factors, including uncertainty in the price of distributed generation. The 
technical evaluation is based on measured data from a 500 kW distributed generation 
photovoltaic (PV) plant in Kerman, California. 

The study uses data from a specific 500 kW DG PV plant in Kerman, California, and suggests 
that the cost savings associated with deferring generating capacity investments can be accurately 
estimated using only seven economic parameters and a representative single-day generation 
pattern. The study authors focus on the deferred generation investment available from DG. 
Specifically they focus on the “lumpiness” of generation and T&D additions and the benefits that 
may be derived from adding DG in small increments to exactly match load growth, as opposed to 
large single additions triggered at the first need for additional capacity. This allows investments 
to be more fully utilized rather than to sit idle as demand grows to meet supply from centralized 
stations. Hoff et al. (1996) describe the methodology and results of the single case study 
analyzed:  

Large investments have large capacities. In some cases, such as the generation system, 
capacity may be fully utilized immediately upon investment. In other cases, such as in 
parts of the transmission and distribution system, there may be unused capacity for a 

Figure 3-9. Summary of Marginal Transmission and  
Distribution Cost Estimates 
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period of years. This situation is illustrated by the darkened portions of Figure 3-10. The 
figure shows that an investment with a capacity of C is made every T years. Thus, there is 
excess system capacity immediately after the investment is made. Distributed generation 
capacity, in comparison, is installed frequently in very small sizes. This results in a 
situation in which capacity and demand are always equal. This eliminates the unused 
capacity portions of Figure 3.10. As presented in Figure 3-11, system capacity is slightly 
increased by adding distributed generation rather than reducing demand. More 
significantly, the capacity expansion plan is estimated rather than fully specified. Figure 
3.11 presents the original (dashed line) and deferred (solid line) capacity expansion plans. 
The markings on the axis correspond to the timing and capacity of the deferred plan. The 
difference between the two plans is that, at time equal to 0, a small amount of distributed 
generation is installed. This increases the capacity of the system by CDG and defers the 
original plan by TDG years (Hoff et al. 2006). 

Figure 3-10. Distributed Generation Can Reduce Unused Capacity38 

 
 

                                                      
38 Excerpted from Hoff, T. E., Wenger, H. J. and B. K. Farmer, 1996, "Distributed Generation: An Alternative to Electric Utility Investments 

in System Capacity" Energy Policy 24(2): 137-147. Original designation was Figure 4. 
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Figure 3-11. Break-Even Price is Calculated by Altering the 
Original Capacity Expansion Plan39 

 
 
The study provides further detail through the addition of uncertainty, option value, changes in system 
losses, and DG cost reductions to the simple approach noted above. Generally, modular-sized DG systems 
offer utilities the flexibility to reduce installed capacity risk from unused capacity. The economics of 
centralized utility power plants tend to be “lumpy,” and many of these investments are sized beyond their 
near-term capacity needs. For a utility in a deregulated market, such unused capacity reflects a direct cost 
to the utility. For those utilities in regulated markets, a case would have to be made before regulators 
through a prudence review process to rate-base the investment. If DG resources are deployed where 
applicable, it can minimize utility exposure to large unused capacity. Additionally, demand uncertainty 
from demand growth and demand shifts can be large in some regions, and deployment of DG can help 
mitigate such risks. 

The study does provide some quantification of benefits specific to the Kerman PV facility, but the key 
conclusion is that this study proves you can quantify benefits with only a few (seven) data points and DG 
output for a sample day.  

                                                      
39 Ibid 
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3.7 Line Loss Reductions:  Real and Reactive  

When electrical current flows through a wire, some of that energy is lost in the form of heat. 
(Approximately 5% to 8% of the energy produced by power plants is lost before it reaches the customer 

[EIA 2004].40) This is especially important at peak 
load times, when the greater current flow generates 
greater heat and the wire temperature (which is also 
affected by air temperature and wind speed) reaches 
its greatest value. 

The total current flow in a conductor is the sum of 
the current flows associated with the real and 
reactive power components (see Definitions and 
Terms for a definition of real and reactive power). 
Reducing either the real or reactive power flow on a 
transmission line will therefore reduce the losses 
associated with that current. Reducing the current 
requires decreasing the load, real and/or reactive, or 
serving some of the load locally with a DG system. 
Line losses occur not only in the wires, or 
conductors, but also in transformers and other 
transmission and distribution system devices.  

Real and reactive line loss reductions attributable to 
DG installations have been both measured and 
simulated. In every case, the loss reductions are 
location specific. The extent to which energy losses 

are reduced depends on the relative location of the central generating stations and the load and on the 
equipment components and characteristics that operate between the two. The energy losses are also a 
function of the other demands on the system, because a more heavily-loaded system will run at a higher 
temperature, which in turn increases the system resistance and increases the total energy losses. Note that 
DG reduces line losses whenever it operates, but the line loss savings are greatest at those times when the 
system is most heavily loaded. 

 

3.7.1 Measured Reductions in Line Losses 

At one location, reductions in energy losses due to an actual DG installation were carefully measured.  

Four sets of loss savings tests were performed on July 22, 1993 and August 24, 1993. The tests 
were performed by turning the [DG] plant on and off and measuring the load (kW) at the 
substation with PV plant online and off-line. Loss savings is the difference between load with PV 
off-line and the sum of load with PV online and PV output. … Plant output during the tests 

                                                      
40  This information was derived from Table 7.2, Table 1.1, and Table 6.3 from the Energy Information Administration website data for net 

generation, net imports, and direct customer use of electricity from 1993 to 2004, which is available at 
http://www.eia.doe.gov/cneaf/electricity/epa/epa_sum.html.  

Transmission Line Losses are Reduced by 
Distributed Generation 

Line losses are proportional to the electrical 
resistance of the wires and to the square of the 
current flowing through the wires. Reducing 

the current by 10% reduces the losses by 19%. 
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ranged from 0.39 MW to 0.45 MW with an average of 0.40 MW. … Results indicated that the 
0.50 MW Kerman PV plant has system wide (feeder, transformer, and transmission system) 
energy-loss savings equal to 6% of the plant's energy output…. Peak load loss savings at the 
transformer equal 5% of its capacity…These results are site specific (Hoff and Shugar 1995).” 

3.7.2 Simulated Reductions in Line Losses 

A detailed grid analysis was made for the radial Silicon Valley Power (SVP) system, a municipal network 
of 850 buses serving the city of Santa Clara, California. Both the transmission and distribution system 
components were included in the study, using measured historical load data from an existing SCADA 
system at the feeder bus level. Based on that model and information regarding individual customer peak 
loads, many possible DG installations were evaluated, resulting in a selection of projects that optimized 
the network performance.  

Proprietary software analysis, optimization, and ranking of the SVP system identified “a large, diverse 
population” of several hundred valuable power projects that were worthy of undertaking. The software 
manufacturer suggested its changes could achieve an impressive 31% reduction in real power losses and a 
30% reduction in reactive power consumption (Engle 2006). Losses were reduced at three times the 
system's average loss rate by adding properly located small generators. The optimal locations were 
generally near the ends of main feeders, where adding DG benefits the feeder and the entire system. 
Generally speaking, the more remote the DG positioning, the greater the grid benefit. The authors of that 
study summarized their results: 

We showed that the reduction in real power losses within the SVP system was due to an increase 
in network efficiency, and not purely due to a reduction in the load being served through the 
network. There are significant loss reductions in the surrounding regional transmission system as 
well…these projects also eliminate low- and high- voltage buses, they improve network voltage 
profiles, and they reduce the amount of real power stress in the system. Importantly…these 
benefits are not limited to peak load conditions. In some cases there are greater benefits under 
conditions other than the Summer Peak…the Optimal DER Portfolio projects have the potential 
to yield network benefits in the same range as those of transmission-level system upgrades using 
these same measures (Evans 2005). 

3.7.3 Value of Line Loss Reductions 

Transmission losses are priced on the margin in many of the new organized wholesale markets. 
Incremental transmission loss pricing correctly accounts for higher loss charges for remotely located 
generation and also higher charges for peak utilization periods. Thus, the loss charge for the same amount 
of power transferred from Point A to point B will differ depending on the time of day, and the loss charge 
from Point C to Point B will differ from that of Point A to Point B depending on distance. MISO and 
NYISO price transmission on the margin, and PJM has indicated that it will soon begin pricing losses on 
the margin.  

In traditional vertically-integrated markets, transmission losses are sometimes charged at a flat rate 
regardless of distance. For example, TVA levies a 3% charge to its transmission customers for 
transmission losses. Some regulated utilities use loss factors generated from a power flow snapshot of the 
system as the basis for levying transmission loss charges. Loss factors, when properly calculated, are an 



 

 3-21 

improvement over the flat transmission charge because they account for higher loss charges for remotely 
located generation. Long-distance power sales that cross multiple service territories must pay for their 
transmission losses in each of those territories. 

3.8 Major Findings and Conclusions 

Installation and use of DG systems by customers and/or utilities can produce reductions in peak load 
electricity requirements, depending on how the DG is operated. Because most investment decisions for 
new plants and equipment in the electric power industry are driven by peak load requirements, reductions 
in peak load can displace or defer capital investments. In addition, reductions in peak load, particularly 
during critical peak periods, which typically occur during excessively hot weather, can reduce the costs of 
electricity because it is usually the case, in both organized wholesale markets and traditional vertically 
integrated markets, that the most expensive power plants to operate are the last ones to be dispatched from 
the “resource stack.” Peak load reductions can eliminate or reduce the need for power from these most 
expensive power plants. Finally, reductions in peak load can reduce “wear and tear” on electric delivery 
equipment, thus reducing maintenance costs, extending equipment life, and reducing overall capital 
investment requirements. 
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Section 4. Potential Benefits of DG from 
Ancillary Services 

4.1 Summary and Overview 

FERC has defined ancillary services as “those services necessary to support the transmission of electric 
power from seller to purchaser given the obligations of control areas and transmitting utilities within 
those control areas to maintain reliable operations of the interconnected transmission system.” There are 
several categories of ancillary service, including voltage support, regulation, operating reserve, and 
backup supply.41 

Voltage support relates to the ancillary service of ensuring that the line voltage is maintained within an 
acceptable range of its nominal value. Line voltage is strongly influenced by the power factor of the 
particular line (i.e., the amount of real and reactive power present in a power line). In turn, the power 
factor can be modified by the installation, removal, or adjustment of reactive power sources. Reactive 
power can be obtained from several sources, including electric generators, electronic waveform 
generators (i.e., power electronics), shunt capacitors, static volt-ampere reactive (VAR) compensators, 
synchronous condensers, or even from lightly loaded transmission lines.42   

Regulation deals with the minute-to-minute imbalances between system load and supply. Generation that 
provides regulation service must be equipped with automatic control systems capable of adjusting output 
many times per hour and must be online, providing power to the grid. 

Operating reserve comes in two categories—spinning and non-spinning. Spinning reserve comes from 
generating equipment that is online and synchronized to the grid, that can begin to increase output 
immediately, and that can be fully available within 10 minutes. Non-spinning reserve does not have to be 
online when initially called, but it typically is required to fully respond within 10 minutes of the call to 
perform. 

Backup supply services and supplemental reserves are very similar in function, differing in response time 
requirements. The response time requirements for backup supply vary across transmission control areas 
but are generally in the 30- to 60-minute time frame. Because supplemental reserve and backup supply do 
not require a generation source to be already online when called, distributed generation (DG) may be 
more likely to participate in these two ancillary service markets.  

Black-start service is the procedure by which a generating unit self-starts without an external source of 
electricity thereby restoring power to the Independent System Operator (ISO) Controlled Grid following 
system or local area blackouts. 

                                                      
41  The services listed below are not all FERC-defined ancillary services. 
42  Schedule 2 of the FERC pro forma OATT considers reactive power obtained from generation sources as an ancillary service. However, 

provision of reactive power from transmission components (power electronics, capacitors, synchronous condensers) is not considered an 
ancillary service in the pro forma OATT. Costs associated with reactive capability provided by such transmission components are recovered 
through charges for standard transmission service, as opposed to pro forma OATT-defined ancillary services. 
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While not often used for the purpose of providing ancillary services, DG has the capability of providing 
local voltage support and backup or supplemental reserves, if the units are located on those portions of the 
grid where these ancillary services are needed, and if they are under the control of grid operators so that 
they can be called upon during times of system need. For example, the NYISO operates a program, the 
Special Case Resources Program, which is open to customers with onsite generators and enables these 
customers to participate in a day-ahead reserves market. 

4.2 Potential Benefits of the Provision of Reactive Power or VAR 
(i.e., Voltage Support)43 

The efficiency of the transmission and distribution (T&D) network improves significantly when reactive 
power production from central station facilities is replaced by demand-side dynamic reactive power 
resources. Because sending reactive power to loads from central station facilities “takes up space” on 
transmission lines, providing reactive power locally frees up useful T&D system capacity for additional 
real power transfers from generation sources to loads. In addition, providing reactive power locally 
reduces real and reactive power losses, improving the efficiency of the T&D system. 

Reactive power supply sources are broadly categorized as either dynamic or static. Dynamic reactive 
power resources include generators and dynamic VAR systems. Static reactive power resources include 
synchronous condensers, static VAR compensators, and capacitor banks. Dynamic sources such as 
generators are preferable to static sources mainly because their output responds dynamically to changing 
reactive power demand conditions. In contrast, static sources are incapable of rapidly responding to 
changing reactive power demand conditions. Thus, while static sources can provide reactive power 
service under normal operating conditions, under contingency conditions such as a transmission facility 
outage and/or a generation unit outage, static sources are more likely to fail when needed most. 44 

Under such contingency conditions, dynamic reactive power resources can rapidly respond to changing 
reactive power needs to maintain reliability. Thus, central station generators are a prime source of 
dynamic reactive power and are economically valuable in supporting the T&D system and thereby 
maintaining system reliability.  

However, using DG to provide for reactive power can save distribution line losses as well as transmission 
line losses. For example, according to Kueck et al. (2004), “Distribution losses are the largest percentage 
of total system losses, comprising about 27% of total losses. When reactive power is supplied from a 
Distributed Energy Resource (DER) such as a microturbine, losses on the distribution feeder can be 
reduced or even eliminated. Local power quality can also be significantly improved.” 
                                                      
43 Electricity travels in a wave-form on an electrical conductor. There are two waves that flow in the conductor, the current and the voltage. 

The degree to which these two waves are non-coincident (called the phase angle) determines how much of the electricity is available to do 
useful work (called real power) and how much is available to sustain the voltage level (called reactive power). The wave also has a 
frequency expressed in cycles per second, or Hertz. Both the voltage and the frequency must be controlled within very tight limits to 
effectively serve customer needs and avoid damage to equipment. 

44  Capacitors, a static reactive power source, are used heavily to provide reactive power on the distribution system because they are simple and 
inexpensive, but they have significant drawbacks. One author has noted that transient over-voltages caused by capacitor switching can be 
magnified within customer facilities, cause adjustable speed motor drives to mis-operate, and affect the operation of a wide variety of 
electronic equipment (Electric Power Research Institute 2003).  Reliance on capacitor banks can also increase a system’s risk of voltage 
collapse. Capacitor-provided power factor compensation can permit a transmission line to carry a heavier load, but the total load will be 
more susceptible to failure. That is, the line will suffer a complete voltage collapse after a smaller voltage drop with capacitors than it would 
without capacitor compensation. Indeed the shape of the voltage collapse curve becomes sharper and the vulnerability grows as the amount 
of capacitors increases. 
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Figure 4-1 shows the complex behavior of transmission lines with respect to reactive power. When the 
amount of power being transferred across a transmission line is low, the transmission line actually 
generates reactive power. On the other hand, at loading levels near the rated capacity of the transmission 
line, the transmission line consumes a significant amount of reactive power (several times the amount of 
the real power losses in the transmission line). At these times of heavy transmission loading, a significant 
amount of reactive power is required from generation or other transmission sources simply to supply the 
transmission lines with the reactive power they require to maintain system voltages. Attempts to send 
additional reactive power to loads at these times are ineffective, since the additional reactive power 
transmitted increases the total load on the line, which in turn increases the amount of reactive losses in the 
line. Given this complex behavior of the transmission system, providing reactive power locally through 
the use of DG (or other means), when possible, allows system operators to avoid sending reactive power 
over heavily loaded transmission lines and incurring these avoidable reactive losses (Kirby and Hirst, 
1997).  

The location of dynamic reactive 
power resources is also very 
important and this is another reason 
why DG units that are designed and 
operated to produce or absorb 
reactive power can be even more 
economically valuable to the electric 
system. Unlike real power, which 
can be economically transmitted 
from remote central station 
generating resources over long 
distances to demand locations, there 
are often significant transmission 
losses in transmitting reactive power 
from central station generating resources to demand locations.  

Therefore, under both normal and contingency conditions, it is good utility practice to have these dynamic 
reactive power resources distributed throughout a grid operator’s footprint and closely located to load to 
ensure that local reactive power resources are available close to potential demand locations – hence the 
significance of the economic value of reactive power from DG.  

4.3 Simulated Distributed Generation Reactive Power Effects  

Reactive power analysis has been completed using a variety of grid simulation tools and there are 
conflicting assessments of the ability of DG to reduce the system reactive power requirements. 

Two studies that include detailed grid analysis for strategic locations illustrate significant reactive power 
savings associated with DG. The first of these studies estimates that a 500 kW DG installation would save 
losses in the following amounts: 114 kVAR on the distribution system, 113 kVAR on the transformer, 
and 225 kVAR on the transmission line (Shugar 1990). The second study examines specific feeders in 
Silicon Valley; results show that siting DG reactive sources close to the load in these geographic areas 
could reduce overall reactive power consumption by about 30% (Evans 2005). 

Figure 4-1. Line Loading and Reactive Power Losses  
(Kirby and Hirst, 1997)  
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One analyst calculated the voltage support available 
along a feeder line as a function of the DG location. 
That detailed circuit analysis demonstrated that the 
voltage support at any particular feeder location is the 
product of the DG plant current and the conductor 
impedance between the transformer and the point at 
which the lateral is attached to the line between the 
transformer and the DG. This shows that voltage 
support is independent of the total feeder current and 
is linearly related to DG plant output (Hoff et al. 
1994). 

Another study modeled, for the purpose of 
formulating network design criteria, the interaction of 
multiple voltage-support DG units. The results from 
that model show that the impact of voltage-support 
DG increases with the increase of size and/or number 
of voltage-support DG units. Based on those results, 
the analyst was able to propose a design scheme for a 
voltage-support DG controller based on voltage 
sensitivity that would correct the network voltage 
effectively (Kashem and Ledwich 2005). 

These studies clearly show that in some locations DG 
can improve the efficiency of the system such that 
significantly less reactive power is needed. However, 
not all analysts agree. Another study that evaluated 
the impact of DG on reactive power requirements for 
California stated, “Reactive power requirements for 

voltage support might be reduced with lower system peak loads. However, this effect would be extremely 
difficult to estimate and is likely to be small.” (Energy and Environmental Economics, Inc. 2004.)  

4.4 Spinning Reserve, Supplemental Reserve, and Black Start  

Distributed generation has not traditionally been considered as an attractive candidate for ancillary 
services. To explore DG potential contributions in this area, an in-depth examination of the ability of DG 
to provide other ancillary services was completed (Hudson et al. 2001):  

Spinning reserve is a relatively high-priced service and may be an excellent candidate for DG. 
This is an especially good prospect for types of generation that can be operated in an idle mode or 
even shut down and then brought up to full load quickly. 

… Some of the new microturbines can be started and ramped up very quickly, in a matter of 
seconds. If these microturbines were aggregated into meaningful generation blocks of 1 MW or 
more, they could be ideal sources for spinning reserve. One benefit of using small quickstart 
generating units is that there is no environmental impact from the units idling online. 

It’s important to note that both synchronous 
machines and those with power electronics 
can provide reactive power even when they 

are “off”; that is, when they are not 
producing real power. 

If there were a clutch or eddy current 
drive between the generator and the driver 
(a reciprocating engine, a turbine, etc.), 
the generator could be operated in 
synchronism with the grid and the engine 
left in a standstill condition. The generator 
exciter could then be controlled to supply 
or absorb reactive power in response to 
the local voltage. However, small 
generators used for backup or auxiliary 
power are often not equipped with exciters 
that allow control of reactive power 
output. In these cases, a multilevel 
converter (MLC) could be used at the 
output of the generator to supply the 
reactive power. With an MLC, the 
generator could be turned off and the 
MLC used to supply reactive power to the 
distribution system as controlled by a 
voltage setpoint. The generator would 
need to be on, obviously, to supply real 
power. (Hudson et al. 2001.) 
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Smaller distributed generators may be designed to provide rapid, large power changes in response 
to frequency changes to help preserve system stability. While provision of spinning reserve would 
be a new concept for DG, it is likely to be put into effect in the future if DG constitutes a 
significant percentage of the total generation —i.e., when larger DG aggregations are capable of 
providing a few hundred megawatts of power. Distributed generators can provide this service 
relatively easily because the control signal (system frequency) is already available at each 
distributed generator. In the long term, DG may be used with power electronics to dampen and 
correct frequency oscillations … [and regulate voltage] ….  

The only distributed generators that are likely to be used for black start are larger units with 
capacities in the tens of megawatts that are already designed for blackout service. There are a 
large number of such units, at hospitals, airports, and other large installations; and they may be 
good candidates for black-start service. 

Generation assets that provide regulation must be online, providing power to the grid. Customer-owned 
DG is unlikely to provide this ancillary service because: (1) in most locations, the distributed generator is 
prohibited from providing power to the grid, and (2) the distributed generator operation would have to be 
controlled to meet the grid power needs rather than the customer’s thermal or electric loads. However, 
regulation services could easily be provided by a utility-owned and operated DG resource.  

4.5 Basis for Ancillary Services Valuations  

Valuation methodologies for ancillary services are not new. In the 1990s, when the restructuring of 
electric power markets and regulations was being addressed across the country, a number of studies were 
made to determine the appropriate market basis for services that had previously been bundled within the 
traditional model for vertically integrated utilities. 

Studies of the costs of ancillary service provision from fossil fuel plants include Curtice (1997), 
El-Keib and Ma (1997), Hirst and Kirby (1997a), (1997b), and Hirst (2000). Hirst and Kirby 
(1997b) actually ran a simulation of the market for energy and ancillary services for a fossil fuel 
mix and Hirst (2000) study the operation decisions and profits of a fossil fuel plant operating in 
markets for energy and ancillary services” (Perekhodstev 2004).  
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Table 4.1. Distributed Generation Can Provide Black-Start Services 

Dell Children’s Medical Center of Central Texas  
A DG system is an integral part of a new children’s hospital in a 
brownfield development at the site of Austin’s former Robert Mueller 
Municipal Airport site. The DG system has been designed to provide 
electricity, hot water, chilled water, and black-start capabilities to the 
hospital and to future tenants in the development. 

The Powell Valley Electric Cooperative  
This cooperative, which serves eight rural counties in an area about 120 
miles wide along the border of Tennessee and Virginia, installed 22 MW 
of DG in 2000. The DG units are available to provide contracted peaking 
power, to serve a critical needs circuit in Powell Valley in case of a grid 
power failure outside their system, and to provide black-start power to a 
700 MW fossil-fueled power plant located about 20 miles away. This 
700 MW power plant is also the main source of power to Powell Valley, 
and running DG reduces the load on the connecting transmission line by 
20 MW. 

 

 Source:  Hadley et al. 2006. 

Regulation and spinning reserves require generating units that are already online and synchronized to the 
grid but that are operating at less than their maximum capacity. They therefore incur the following costs, 
according to Perekhodstev (2004): 

Opportunity and re-dispatch cost. If the generator’s marginal cost is lower than the market 
price, the generator would earn profits operating at full capacity. Therefore, reduction in the 
energy output necessary to provide regulation is associated with the opportunity cost of foregone 
profits, roughly proportional to the difference between price and marginal cost of generation. If 
generator’s marginal cost is higher than the energy market price, the re-dispatch cost of regulation 
is proportional to the difference between marginal cost and price.  

Efficiency penalty. In order to be able to ramp up quickly, a generator providing regulation or 
spinning reserve may have to operate at reduced efficiency. This “efficiency penalty” is 
especially pronounced for steam units.  

Energy cost. Regulation may require a generator to perform fast ramp-ups and ramp-downs. 
Thus, units offering regulation may incur energy costs associated with turbine acceleration and 
deceleration.  

Wear-and-tear costs. For regulation, frequent output adjustments may incur additional wear-
and-tear costs.  
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The manner in which these costs are reflected by the market is described by Hudson et al. (2001):  

The revenue obtained from participating in competitive energy and/or ancillary service markets 
will vary, depending on many factors, including the season, the time of day, the weather, and the 
applicable market settlement rule. In most competitive energy markets, every winning (selected) 
bidder is paid the last accepted bid price (i.e., the marginal price). Thus, unless a bid is equal to or 
greater than the marginal price, the revenue received will be at a rate greater than the actual price 
bid. This is termed a uniform price auction and is a commonly used settlement method in the 
energy market. Settlement rules for ancillary services are more complicated and have 
considerable variation among control areas. One settlement arrangement for ancillary services is 
to pay all successful bidders the last accepted bid price for a service plus an opportunity cost 
payment for the profit forgone in the energy market. (A generator cannot provide both firm 
energy and ancillary service support simultaneously and therefore must forgo participation in the 
firm energy market to the extent of its ancillary service bid.) 

In the California market, the portion of ancillary services that encompasses reserves and regulation 
capacity ranges between 1% and 5% of the total energy cost, with an average of 2.84% (Energy and 
Environmental Economics, Inc. 2004). In an analysis of the Pennsylvania/New Jersey/Maryland 
Interconnection (PJM) region, the portion of the ancillary services that encompasses reserves was 
estimated to range between 0.2% and 2% of the total energy costs, with an average of 0.5% (Hadley et al. 
2003).  

A detailed distribution feeder model was used to evaluate the impact of one particular DG installation. 
The analysis started with the reduced load on the distribution system, determined the loss savings through 
the transformer-based on generation and feeder loss savings, and finally added the transmission loss 
savings. At that location, the analysis found that the kVAR savings were equal to 90% of the DG unit’s 
kW rating, and were worth $41/kVAR in 1990 (Shugar 1990). 

4.5.1 Market Value 

4.5.1.1 Reserves 

The benefits of DG to a utility from the provision of ancillary services other than voltage support come 
from savings in reduced levels of operating reserves from utility generation facilities and potential 
reductions in transmission reliability margins (TRM) and capacity benefit margins (CBM), especially for 
feeders that have connected DG facilities. Thus, any reduction in TRM and CBM could enable additional 
transfer capability on the transmission system for commercial energy transfers, which could provide 
direct benefits to the utility and to customers of the utility. For T&D systems close to their reliability 
threshold, any reductions in TRM and CBM will provide immediate relief and potentially defer 
immediate needs for T&D upgrades. 

Many markets have established market-based or cost-based rates for these services. For example, in New 
York generation owners bid to provide operating reserves and regulation services. Similarly, in New 
England these services are market-based and consumers ultimately pay for the cost through rates. The 
average prices for the last six years for regulation and spinning reserves for the three northeast markets is 
summarized in Table 4.2. 
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For the regulated markets, there are no established procedures for the provision of or the payment for 
these services by non-utility generating resources. However there exist sufficient historical market data to 
permit an estimation of the economic benefit of DG in providing these ancillary services. 

 

Table 4.2. Historical Annual Average Regulation and Ten-Minute Spinning Reserve (TMSR) Prices in 
NYISO, PJM and ISO-NE (Nominal $/MWh)  

NYISO ISO-NE PJM 
Year Regulation TMSR Regulation TMSR Regulation TMSR 

2000 14.9 19.6 4.2 1.4 NA NA 
2001 3.8 7.3 5.2 0.8 NA NA 
2002 1.1 1.3 5.4 2.0 NA 5.2 
2003 3.0 1.3 5.3 2.4 NA 8.3 
2004 2.4 1.4 NA NA NA 7.4 
2005 21.0 21.5 NA NA 64.0 3.5 

Source:  PJM, NYISO and ISO-NE 

The Hadley et al. (2003) study developed an approach for assessing economic benefits to utilities and 
society as a whole from the participation of DG in the provision of ancillary services other than VAR 
support.  

4.5.1.2 Reactive Power 

As noted by Li et al. (2006): 

Evaluating the economics of reactive power compensation is complex. There are no standard 
models or analysis tools. There are no fully functioning markets for reactive power in the United 
States, so data on costs and benefits is difficult to find. It is an emerging area of analysis that is 
just beginning to attract attention of researchers and analysts. This is not surprising, given that the 
revenue flow associated with reactive power is less than 1% of the total U.S. electricity market. 
However, the importance of reactive power as a component of a reliable power grid is not 
measured by its market share of power system sales. The role of reactive power in maintaining 
system reliability, especially during unforeseen system contingencies, is the reason for the 
growing interest by regulators and system operators alike in alternative reactive power supplies. 

Institutional arrangements for obtaining reactive power supplies include: (i) pay nothing to 
generators, but require that each generator be obliged to provide reactive power as a condition of 
grid connection; (ii) include within a generator’s installed capacity obligation an additional 
requirement to provide reactive power, with the generator’s compensation included in its capacity 
payment; (iii) pay nothing to generators (or include their reactive power obligations as part of 
their general capacity obligation), but compensate transmission owners and load serving entities 
for the revenue requirements of transmission-based solutions; (iv) determine prices and quantities 
for both generator-provided and transmission-based solutions through a market-based approach 
such as a periodic auction (for reactive power capability) or an ongoing spot market (for short-
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term reactive power delivery); and (v) centrally procure (likely on a zonal basis) reactive power 
capability and/or supplies according to a cost-based payment schedule set in advance.  

Currently there are no distributed generation devices receiving compensation for providing 
reactive power supply. However, some small generators have been tested and have the capability 
to be dispatched as a source of reactive power supply. There are also some instances, typically in 
urban centers where there is an imbalance between loads and reactive power supplies, where 
distributed generation based reactive service show competitive payback periods compared to 
other technologies. 

 

Installed reactive power capacity is treated differently in each power market in the United States. In those 
regions served by organized wholesale markets, cost-based approaches have been established and used to 
set prices for reactive power and voltage support ancillary service.  

Traditional Vertically Integrated Markets  

In vertically integrated markets, some generation resources are paid for reactive power services, while 
others are not. Those resources that receive payments are usually reimbursed their annual reactive power 
revenue requirement. This revenue requirement is derived using the American Electric Power (AEP) 
Methodology,45 which seeks to ensure recovery of only the investment costs associated with the installed 
reactive power-producing facilities. The AEP methodology is described more fully in Appendix A. 

 

Organized Wholesale Power Markets 

 

New York Independent System Operator (NYISO) 

For example in NYISO, payment for generators and synchronous condensers eligible for Voltage Support 
Service and under contract to supply Installed Capacity are based upon two major components: (1) fixed 
monthly payments to all eligible suppliers providing Voltage Support Service based on the embedded cost 
of reactive power facilities, and (2) lost opportunity cost payments for Suppliers providing Voltage 
Support Service in the event that the NYISO dispatches or directs the generator to reduce its real power 
(active power) output in order to allow the unit to produce or absorb more reactive power. For suppliers 
that are not under contract to supply Installed Capacity, the fixed monthly component is pro-rated by the 
number of hours that the resource operated in the month. 

NYISO’s embedded cost calculation methodology incorporates (1) the annual fixed charge rate associated 
with the resource capital investment, (2) current capital investment of the resource allocated for supplying 
Voltage Support Service, and (3) operation and maintenance expenses for supervision and engineering 
allocated for supplying Voltage Support Service.  

                                                      
45  AEP Methodology is derived from American Electric Power Service Corp., Opinion No. 440, 88 FERC 61141 (1999). 
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Independent System Operator New England (ISO-NE) 

ISO-NE compensates generators that provide reactive power, based on four components: 

• Capacity costs. This is the fixed capital costs associated with the installation and maintenance of 
the capability to provide VARs. Any generator that is in the market and provides measurable 
voltage support as determined by ISO-NE is considered a Qualified Generator. 

• Lost Opportunity Cost. This is the value of the lost opportunity cost (in the energy market) of 
generators that are required by the ISO to reduce their reactive power output in order to provide 
reactive supply and voltage support. 

• Cost of Energy Consumed. This is the cost of energy used by reactive power sources to provide 
VAR support. Under the current tariff, ISO-NE pays the cost of energy to hydro and pumped 
storage units that are motoring to provide reactive power at the request of the ISO. For 
synchronous condensers and static controlled VAR regulators, this cost is treated as losses on the 
system. 

• Cost of Energy Produced. This is the portion of the amount paid to Market Participants for energy 
produced by a generating unit that is considered to be paid for VAR support under Schedule 2.46 

Pennsylvania/New Jersey/Maryland Interconnection (PJM) 

In PJM, each Generation Owner is paid an amount equal to the Generation Owner’s monthly revenue 
requirement as accepted or approved by FERC. If PJM requests a generator to reduce its real power 
output in order to produce reactive power, PJM also makes a lost opportunity cost payment that represents 
the value of the generator’s lost opportunity cost in the energy market. Generating units designated as 
Behind the Meter Generation such as some DG resources are not eligible for these payments. 

Midwest Independent Transmission System Owner (MISO) 

In MISO, rates for VAR services are zonal, based on the annual revenue requirement of Qualified 
Generation units that provide the service. Each Qualified Generator owner is paid a pro rata allocation of 
the zonal revenue collected under Schedule 247 based upon the Qualified Generator’s respective share of 
the relative rates within the pricing zone (i.e., rates of the Qualified Generator divided by the total rates of 
Qualified Generators in its zone).47 

Electric Reliability Council of Texas (ERCOT) 

In ERCOT, generation resources (including self-serve generating units) that have a gross generating unit 
rating (single unit or aggregated at a single transmission bus) greater than twenty MVA are required to 
provide Voltage Support Service in ERCOT. Such generators must be capable of producing a reactive 
power within the range of power factors of 0.95 leading or lagging at the rated capability of the 
generation resource. Qualified renewable generation resources in operation before February 17, 2004, and 
all other generation resources that were in operation prior to September 1, 1999, are held to lower 
requirements. ERCOT provides no compensation to generation units for the provision of voltage support 

                                                      
46 ISO-NE Open Access Transmission Tariff. 
47 MISO Open Access Transmission Tariff. 
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within the required range. However, units required by ERCOT to reduce real power in order to provide 
voltage support are compensated as part of the Out-Of-Merit-Energy (OOME) down payment. 

California Independent System Operator (CAISO) 

In CAISO, Generators in the CAISO market are required to provide voltage support by operating within a 
band of 0.90 lagging and 0.95 leading power factors. (Generators that are unable to meet the requirement 
can apply for an exemption.) Generators receive no compensation for operating within the specified range 
although the ISO may give them time-varying instructions to operate within the specified range. If 
necessary, CAISO may select generators to provide reactive power outside the specified range. Such 
generators will be paid the opportunity cost of reducing energy output to produce reactive power. The 
opportunity cost is calculated as the product of the energy reduction and the difference between the Zonal 
Ex Post Price and the generator’s bid price, if greater than zero. 

4.5.1.3 Black Start 

PJM 

Black-start service is remunerated based on the revenue requirement of the unit. The revenue requirement 
comprises a fixed (capacity) component and a variable component. The variable component covers 
operation and maintenance (O&M), training, fuel, and carrying costs required to support the service. 

NYISO 

Payments to generators that supply black-start capability cover the following costs: 

• Capital and fixed operation and maintenance costs associated with only that equipment which 
provides black-start and system restoration services capability;  

• Annual costs associated with training operators in black-start and system restoration services; and 

• Annual costs associated with black-start and rystem restoration services testing in accordance 
with the ISO plan or the plan of an individual transmission owner. 

NYISO has a separate payment schedule for existing generators (new generators are excluded) in the 
Consolidated Edison Transmission District. These receive annual compensation for providing black start 
and system restoration services based on unit type and the level of their interconnection to the New York 
State Transmission System as shown in Table 4.3. 

Table 4.3. Compensation for Services Based on Unit Type 

 Steam Turbine  Gas Turbine  

345 kV  $350,000/yr/unit  $350,000/yr/site 
138 kV  $300,000/yr/unit  $300,000/yr/site 
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ISO-NE 

Generators providing black-start capability are paid a fixed monthly compensation based on the capability 
of the unit. It is calculated as follows: 

Ci =
Y
12

× (Claimed Capability for that Month)  

Where Ci is the monthly compensation and Y = $4.50/kW-year for calendar year 2006 

4.5.1.4 United Kingdom Ancillary Services Market (including Provision of Reactive Power)  

Specific examples of the quantifiable economic benefits associated with DG and provision of VAR 
support are few and far between. This is largely due to the fact that relatively small amount of benefits are 
realized in most generic applications. One study which does highlight the VAR benefits of DG was 
prepared by Ilex Energy Consulting of the United Kingdom. The stated purpose of this study is outlined 
in the report (Ilex Energy Consulting 2004):  

The aims and objectives of the study were to investigate the potential for creating ancillary service 
markets at the distribution level in Great Britain. Specifically the study sought to do the following 
(bulleted list below is a direct excerpt from Ilex Energy Consulting 2004): 

• Investigate any existing arrangements for distribution level Ancillary Service markets worldwide. 

• Review the high-level options for the design of ancillary service markets and identify any 
regulatory and legislative changes that might be required. 

• Examine the prospects and opportunities for the different forms of distributed generation and 
assess whether the creation of different services would incentivise generation to connect to the 
distribution network. 

• Investigate the commercial framework and technical procedures that might be required. 

• Explore the infrastructure requirements. 

• Assess the impact on different market participants. 

The scope of the project included a consideration of the opportunities for DG to contribute to existing 
Transmission System Operator (TSO) ancillary services and an investigation of the potential for DG to 
contribute to new Distribution Network Operator (DNO) services that could develop in the short to 
medium term (Ilex Energy Consulting 2004). 

The study does not provide a detailed methodology that quantifies the benefit of DGs providing ancillary 
services. Rather, it derives a $/kW value based on estimates of the annual market value or the average 
price of the service. The study indicates that the value of these ancillary services to the system operator is 
very low and as such may not attract entry of DGs into these markets in their current state. 
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For frequency response, the report states 

The value of TSO Frequency Response is estimated to vary between £0.40/kW per 
annum for wind generation and £2.50/kW per annum for CCGT technology (excluding 
holding costs). 

As the only new distributed technology with a consistent capability to provide low frequency 
response services is wind power utilizing Doubly Fed Induction Generator (DFIG) technology, it 
is most appropriate to consider the impact of frequency response in this context. 

Upon entering frequency responsive mode, the generator might receive a payment of £4/MW/h 
(assuming the generator was capable of both primary and secondary response at current prices). 
So assuming a 100 MW wind farm was required to provide this service during summer weekends 
(26 occasions) for approximately 4 hours per night, the addition revenue earned would equate to 
£4 x 26 days x 4 hours x 100 MW = £41,200 per annum, i.e., £0.40/kW. In the context of a 
100 MW wind farm with 30% utilization factor, the annual ROC revenue would equate to 
approximately £14m, i.e. payments for low frequency response services would add less than half 
of one percent to the wind farm’s revenues. 

With the level of frequency response income being so low, it is questionable whether the wind 
developer would recover the costs of the required infrastructure. 

By contrast a 400 MW flexible CCGT earning approximately £50m per annum from energy sales, 
could earn up to an additional £1m per annum from frequency response services (£2.50/kW), 
which represents a 2% increase in revenues (Ilex Energy Consulting 2004). 

Similarly, it summarizes the value of standing (operating) reserve48 as follows: 

In the standing reserve market at present, the most flexible plant can earn approximately 
£23/kW52 per annum from standing reserve services. It should be recognized that the costs of 
entry for the lowest cost OCGT plant are in excess of £45/kW53 per annum. Consequently, the 
standing reserve market is not attracting new entry at present. 

Should the most effective provider currently be able to earn £23/kW per annum, the uncertainties 
associated with the delivery and the duration of service from micro-CHP could reduce this figure 
potentially below £7/kW. This figure is gross of any fee paid to the aggregator. 

At such levels, the service would not cover the costs of the infrastructure unless the 
communication infrastructure could be used to facilitate other services such as smart metering. 
Even if the value of the service were to triple, it is difficult to envisage an income of an extra £20 
per annum (before infrastructure costs) influencing a customer’s selection of heating system (Ilex 
Energy Consulting 2004). 

As a small piece of the analysis described above, the study authors endeavored to develop an estimate of 
the economic benefits associated with DG provision of VAR support. The methodology undertaken 

                                                      
48 Standing reserve is similar to operating reserve in United States power markets. 
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involved analysis of three cases in which DG provide various combinations of VAR and active power to 
the local distribution grid. The three cases examined are summarized by the study authors as follows:  

• DG generates active power only: by generating active power in distribution networks, distributed 
generation will reduce corresponding amounts of power imported from the transmission 
networks. This reduction in flow will reduce reactive consumption (losses) of distribution circuits 
and hence less reactive power will be imported from the transmission network.  

• DG generates active and reactive power: by generating reactive power locally, distributed 
generation can supply some of the reactive demand to local loads and contribute to the supply of 
reactive losses in distribution circuits. This would normally result in a more significant reduction 
in the amount of reactive power imported from the transmission network. 

• DG generates active and absorbs reactive power: by absorbing reactive power, DG will tend to 
increase the demand for reactive power. The net effect will be driven by the overall balance 
between the increase of reactive power demand by DG and reduction caused by exporting active 
power. (Ilex Energy Consulting 2004.) 

Each scenario was analyzed within a simple generic model of the United Kingdom system. Note that as a 
simplification, all DG was assumed to be distributed evenly across the country and equally split across the 
11kV and 33 kV levels. 

Study results indicate that as expected, the largest reduction in reactive power import occurs in the second 
scenario in which DG provides both active and reactive power supplies. Overall the study authors 
conclude that the reduction in reactive power requirements for each GW of installed DG is between 430 
and 470 MVAR. If the midpoint of 450 MVAR per GW is assumed, this would equate to ₤1.2/kW/year of 
installed DG, a relatively small percentage of the overall DG installation, operating, and fixed costs. 

Therefore, the report indicates that the value of ancillary services from DGs is low. However, it 
acknowledges that changes in the market may make such services more valuable to the operator with 
time, and then more relevant to DGs. 

4.6 Major Findings and Conclusions 

Ancillary services are essential for a reliable electric delivery system. DG can be used to provide ancillary 
services, particularly those that are needed locally such as reactive power, but also those that contribute to 
the reliable operation of the entire system, such as back-up supplies and supplemental reserves. However, 
there are not many documented instances where DG has been used by system operators for ancillary 
services. A number of studies have recently quantified the market value of ancillary services, which vary 
across the country depending on system conditions and constraints, resources, and demand growth. A 
small number of studies have explored the value proposition of using DG for ancillary services and these 
have found that there is potential for DG to cost effectively contribute to the provision of ancillary 
services. 
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Section 5. Potential Benefits of Improved Power 
Quality 

5.1 Summary and Overview 

For appliances or other electricity using equipment that is sensitive to micro-second perturbations in the 
flow of electricity, a high level of power quality is critical to avoiding damages and downtime. Voltage 
surges and sags, frequency excursions, harmonics, flicker, and phase imbalances comprise the major 
power quality concerns that can cause substantial economic impacts. Momentary interruptions of this type 
have been estimated to cost the U.S. economy about $52 billion annually. (LaCommare and Eto, 2004).  

Despite the scale of this impact, the amount of analysis on the costs and remedies for power quality 
problems is not extensive. As Kueck et al. (2004) point out, there are several reasons for this: 

• Power quality incidents are often momentary—a fraction of a cycle—and hard to observe 
or diagnose.  

• The growing digital load and the increased sensitivity of some of these loads mean that 
the definition of a power quality incident frequently changes. Ten years ago, a voltage 
sag might be classified as a drop by 40% or more for 60 cycles, but now it may be a drop 
by 15% for 5 cycles.  

• Power quality involves design issues, such as the stiffness of the user’s distribution 
system.49  

• Often, power quality problems can best be addressed with local corrective actions, and 
these local devices are undergoing a revolution themselves, with changes occurring 
rapidly. 

Some power quality problems are the result of problems caused by the utility’s distribution system; some 
are caused by the customers themselves. In some cases, power quality problems originate with one 
customer and travel through the distribution system, and even the transmission system, to impact other 
customers. Some manufacturers are now equipping their products with filters and short-term energy 
storage devices to protect them against many power quality problems. Power quality problems are most 
often local problems, so the most cost-effective remedies tend to be local, not system-wide, solutions 
(Kueck et al. 2004). 

The continuous and shifting relationship between reliability and power quality is described by Gellings et 
al. (2004): 

However, these reliability levels do not consider short duration power-quality disturbances. When 
potentially disruptive power-quality disturbances such as voltage sags, voltage swells, switching 
surges, poor voltage regulation, harmonics and other factors are considered, the availability of 

                                                      
49 A “stiff” system has a low-enough impedance that sudden changes in current flow do not result in significant changes in voltage. 
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what we can call “disruption-free” power can be one or two orders of magnitude worse than a 
more standard interruption-based availability index. 

Data from a pilot monitoring project, summarized in Figure 5-1, shows the extent of existing power 
quality problems before the addition of distributed generation (DG). Those data points that lie above the 
Information Technology Industry Council (ITIC)/ Computer and Business Equipment Manufacturers’ 
Association(CBEMA) equipment curve should not cause problems for typical office equipment, while 
those that fall below the curve may cause the equipment to trip. In that project, the interruptions and sags 
for customers with single-phase service far outweighed those for customers served by a three-phase line. 

Figure 5-1. Magnitude-Duration Summary of All Significant Power Quality and Electricity Reliability 
Events, 5/23/02 to 7/27/03, with ITIC/CBEMA Curve Overlay 

 
                    Source:  Eto et al. 2004. 

The curve shown in Figure 5-1 represents the suggested design tolerance for typical office equipment. 
There are also special purpose design guides for more sensitive industries (e.g., semiconductor 
manufacturing).  

Voltage sags are typically caused by faults on the supply system. Sometimes a fault can result in 
an outage (a customer experiences an outage if they are supplied from the faulted portion of the 
system) but a fault almost always results in voltage sags over a wider portion of the supply 
system. As a result, customers experience many more voltage sags than actual interruptions 
(Electric Power and Research Institute 2003). 

Depending upon the electronics and the interconnection rules, DG has the ability to improve some aspects 
of power quality, but the onus is on the DG unit(s) to avoid degrading other aspects. Both modeling and 
field data collection have been used to address the many unknowns and uncertainties of these 
DG/load/supply interactions. 
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5.2 Power Quality Metrics 

There are many measures and indices of power quality related to voltage support and stability and voltage 
and current waveforms. Voltage metrics include RMS voltage, power factor, flicker, System Average 
RMS Variation Frequency Index (SARFI), and MAIFI, described previously in Section 2. Metrics related 
to waveforms include total harmonic distortion (THD), K factor, and Crest factor (the ratio of a 
waveform’s peak or crest to its RMS voltage or current). 

SARFI is a power quality index that provides a count or rate of voltage sags, swells, and/or interruptions 
for a system. The size of the system is scalable. It can be defined as a single monitoring location, a single 
customer service, a feeder, a substation, groups of substations, or for an entire power delivery system. 
There are two types of SARFI indices,  SARFIX and SARFICURVE (Brooks et al. 1998).  

SARFIX corresponds to a count or rate of voltage sags, swell and/or interruptions below a voltage 
threshold. For example, SARFI90 considers voltage sags and interruptions that are below 0.90 per unit, or 
90% of a system base voltage. SARFI70 considers voltage sags and interruptions that are below 0.70 per 
unit, or 70% of a system base voltage. And SARFI110 considers voltage swells that are above 1.1 per unit, 
or 110% of a system base voltage. The SARFIX indices are meant to assess short-duration RMS variation 
events only, meaning that only those events with durations less than 60 seconds are included in its 
computation. 

SARFICURVE corresponds to a rate of voltage sags below an equipment compatibility curve. For example 
SARFICBEMA considers voltage sags and interruptions that are below the lower CBEMA curve. SARFIITIC 
considers voltage sags and interruptions that are below the lower ITIC curve. Lastly, SARFISEMI considers 
voltage sags and interruptions that are below the lower SEMI curve. These curves do not limit the 
duration of an RMS variation event to 60 seconds; therefore, the SARFICBEMA, SARFIITIC, and SARFISEMI 
are valid for events with durations greater than ½ cycle. 

Total harmonic distortion (THD): The ratio of the RMS value of the sum of the individual harmonic 
amplitudes to the RMS value of the fundamental frequency. 

K factor: The sum of the squares of the products of the individual harmonic currents and their harmonic 
orders divided by the sum of the squares of the individual harmonic currents (Kueck et al. 2004).  

Crest factor: The ratio of a waveform’s peak or crest to its RMS voltage or current (Kueck et al. 2004).  

Flicker: A perceptible change in electric light source intensity due to a fluctuation of input voltage. Note 
that this definition includes two aspects: the human perception and the voltage fluctuation. Voltage flicker 
is one of the most significant concerns utilities currently have with respect to DG’s impact on circuit 
power quality. Flicker, voltage flicker, light flicker, and lamp flicker are different names for the same 
phenomenon, a fluctuation in power system voltage that results in a visible change in the output of 
lighting systems (Kingston et al. 2006). 

For a DG system running in standalone mode (islanded), the disturbances of loads, such as start 
and stop of an air conditioner, refrigerator, compressors, washing machines and cooktop, cause 
sudden load current changes to the DG inverter. In turn, these sudden current changes cause 
voltage drops due to the output impedance of the inverter, and thus, its AC output voltage will 
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fluctuate causing light flicker…. In grid parallel mode, flicker is less of a problem since the grid 
supports the AC voltage. However, the flicker problem may still take place for a weak line 
(GE Corporate Research and Development 2003). 

Modern power electronic inverters can be viewed as supplying clean power. However, there may be 
transients resulting in flicker with some types of DG, particularly wind and photovoltaic energy systems 
as a result of varying output power. The effect on the voltage at the point of connection will depend upon 
the strength of the grid to which the DG is connected and the speed of response of its voltage regulator. 
On the positive side, DG equipped with a power inverter interface can be used to alleviate power quality 
problems present on the AC grid by independently controlling the real and reactive components of the 
power injected into the AC grid. Under these conditions, the distributed generator can be configured to 
behave as an active power conditioner or compensator by injecting reactive power to: regulate the voltage 
at the point of coupling, regulate the total plant power factor, or to mitigate voltage flicker. The power 
inverter can also correct voltage sag, but the rating of the inverter may have to be significantly increased 
to fulfill this function. The effect of DG will usually be limited to the bus to which the system is 
connected (Joos et al. 2000).  

Harmonics: Depending upon the DG generator winding, a DG unit can introduce significant harmonics 
into the grid, although this problem is minimized if the customer load is located nearby. On the other 
hand, power electronic interfaces can be designed to not only prevent DG-related harmonics, but also to 
improve harmonics and provide extremely fast switching times for sensitive loads (Kroposki et al. 2006). 

5.3 Simulated and Measured Impacts of DG on Power Quality 

Energy storage technologies, power electronics, and power conditioning equipment are important 
components in certain DG systems and applications, such as rooftop photovoltaic arrays. These devices 
are very useful in addressing power quality problems. Indeed, energy storage, in the form of 
uninterruptible power supplies (usually batteries) is one of the primary mechanisms employed by 
equipment manufacturers to protect sensitive equipment from voltage spikes and other potentially 
damaging power quality problems. However, there are not many other examples of using DG to address 
power quality problems. 

5.3.1 Simulation Analysis 

Simulations are valuable because they can be used to explore system designs before they are built. 
Simulations are also used to evaluate conditions that are more extreme than those likely to be encountered 
in practice and can therefore define the boundaries of good and bad impacts of any technology. 

The “Virtual Test Bed” models the utility’s power delivery system, loads, and DG (GE Corporate 
Research and Development 2003). A broad series of parametric models were run to examine the influence 
of the amount of DG on a feeder; the location of the DG relative to the loads (lumped at the beginning, 
middle, or end or the feeder, or uniformly distributed along the feeder); the effects of inverter-based and 
rotating DG technologies; DG local voltage regulation strategies (either operation at a power factor of 1.0 
or the DG provides voltage regulation based on local conditions); two radial feeder lengths; and the 
presence or absence of capacitor banks. 
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The power quality case studies included voltage regulation, harmonics, flicker, DC current injection, 
grounding, and unbalanced grid. The voltage regulation case studies were especially useful because they 
provided guidance on the maximum amount of DG that can be prudently added to a feeder. The analysis 
found that if the DG is located at end of a feeder farthest from the substation, the maximum installed DG 
capacity should be no more that 15% of the feeder’s peak load. It also found that if the DG is uniformly 
distributed along the length of a feeder, the maximum DG capacity could be as great as 50% of the 
feeder’s peak load. Finally, the analysis found that if the DG is located at the substation, the penetration 
level is not an issue (GE Corporate Research and Development 2003). 

The analysis also examined whether or not voltage regulation services (albeit the modeled regulation 
service was limited by a number of assumptions) provided by the DG would be effective. The results for 
this analysis were mixed, with some case studies showing benefits, others no impact, and a few cases 
showing that local regulation by a DG actually aggravated feeder voltage regulation problems. 

The case studies that examined the DG impact on load-induced flicker (GE Corporate Research and 
Development 2003) found that: 

Rotating equipment, including DGs, increases short circuit strength and therefore improves 
flicker performance; 

Inverter-based DGs operating in a constant current mode without a voltage regulation function 
have a very slight inherent benefit on flicker performance; and 

Inverter-based DGs have the potential to provide substantial benefit on flicker if equipped with 
controls that provide voltage regulation or some other functional equivalent. 

The case studies that examined the ability of DG power output fluctuation to cause flicker found voltage 
fluctuations just below the human threshold of perception, but did illustrate the potential for DGs to cause 
flicker (GE Corporate Research and Development 2003). 

In another simulation, a team from Virginia Polytechnic Institute modeled a real circuit located in 
southern California to examine the effect of proposed DG installations on voltage flicker. They performed 
both a theoretical evaluation and a computer simulation to examine a series of worst-case analyses for the 
four most likely DG installations on that suburban circuit (Kingston and Stovall 2006). These analyses 
compared the voltage flicker associated with DG system starting and stopping and DG system output 
fluctuations to the voltage fluctuation thresholds at different frequencies defined in several industry 
standards (IEEE 141-1993; IEEE 519-1992; IEC 61000-4-15-2003; IEEE 1453-2004).  

The theoretical analysis showed that the distribution system is weaker at locations farther away from the 
substation. If a significant level of DG is located at a relatively weak location, voltage flicker problems 
may be experienced, although smaller DG systems placed at the same weak location will produce no 
detectable voltage flicker. A higher level of DG can be safely installed at stronger locations. Two of the 
proposed DG systems in the analysis would not cause noticeable flicker even if the DG system failed up 
to one time per hour. One of the DG systems could fail up to 24 times per minute and still cause no 
voltage flicker problem anywhere in the circuit. The fourth DG unit was located in a robust portion of the 
grid and would not cause flicker problems under any failure frequency (Kingston and Stovall 2006). 
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5.3.2 Measured Impacts 

In order to investigate power quality concerns, a monitoring program was set up to examine both the 
effect of DG on the grid and the effect of the grid on the DG for 11 generators at 6 sites in California. 
This program logged over 230,000 hours of data (Overdomain, LLC, and Reflective Energies, 2005b). 
They summarized their results as follows: 

The most modern power quality metering was used, capable of capturing waveforms at 
256 samples per cycle (over 15,000 measurements per sec). Power quality parameters measured 
included voltage sags and swells, frequency, wave form, harmonic distortion, flicker and other 
transients.  

The monitoring to date showed that so far, for the sites selected, there is very little impact of DG 
on the distribution system. Similarly, the impact of the distribution system on the DG has been 
minimal. ...increasing penetrations of DG are unlikely to create challenges because the current 
growth rate of DG is slow, while experience with DG is growing more rapidly. 

The following conclusions may be made for the data analyzed from the DG monitoring project from 
mid-2002 through October 2004: 

The critical point to measure impact on the grid is the point of common coupling (PCC). Power 
quality at the PCC was very good when compared to the power quality benchmarks established 
by Electric Power Research Institute (EPRI) and Southern California Edison (SCE). One measure 
of power quality is SARFI event rates. The average PCC monitor logged an average of 13.93 
“SARFI90”voltage sags and interruption (voltage drops below 90% of rated voltage) events per 
year, which is far lower than the 54 events per year in the EPRI distribution system power quality 
study and 47 events per year in the SCE study. 

Power quality at the DG itself was also very good. The average DG monitor at the DG 
experienced averaged about 11.20 SARFI90 events per year. This was less than half the event rate 
at the PCC. This indicates that the DG is not impacting power quality problems into the 
distribution system. It also indicates that the distribution system is having no negative effects on 
the DG. 

SARFI50 measures larger events (voltage dips over 50% of rated voltage). SARFI50 events at the 
PCC were less than one per year, compared to 5 per year in the SCE study and 12 per year in the 
EPRI study. The one system that exported power did not show any increased impact on the grid 
resulting from the export. There are several PV systems exporting small amounts of power with 
no known consequences. There may be room to allow some export of power in future. Export will 
be given a priority for selection of sites in future. 

None of the other power quality factors, such as flicker and harmonics were of concern. 

No voltage swells of any consequence were encountered during the entire monitoring program 
(Overdomain, LLC, and Reflective Energies, 2005b). 

Although utilities collect and report system reliability performance, they are less likely to determine and 
report the performance of other power quality characteristics of the supply that can affect end-users. One 
report has collected the results from a number of power quality monitoring programs: 
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The most complete system performance benchmarking project to date is the EPRI Distribution 
Quality project (EPRI 1996). This project characterized power quality based on two years of 
monitoring at almost 300 distribution system locations across the United States. Performance was 
characterized in all categories of power quality. Perhaps the most valuable part of the 
benchmarking was that assessment of expected voltage sag performance for end-users supplied 
from the distribution system.  

Other benchmarking projects were performed in Canada, Europe, South Africa, and by other 
individual utilities. For instance, PowerGrid in Singapore conducted an extensive evaluation of 
expected voltage sag performance in Singapore and compared the performance with the results of 
other major benchmarking projects. PowerGrid is an example of a utility that has made 
tremendous investments in the system infrastructure to assure reliability and the highest quality of 
service for the variety of critical industrial processes (e.g. semiconductor manufacturers) that they 
supply. [Table 5.1] summarizes the comparison (Chang et al. 2001; NRS 048-2:1996; Davenport 
1991). Obviously, even with a completely underground system and high levels of investment, 
voltage sags can still be important (EPRI 2003). 

Table 5.1. Comparison of Expected Performance Levels Estimated From Different Benchmarking Projects 

 SARFI-10* SARFI-70 SARFI-80 SARFI-90 

PowerGrid – Singapore 1.0 8.5 10.6 14.3 

EPRI DPQ Project (US) 4.6 17.7 27.3 49.7 

UNIPEDE Mixed Systems (Europe) 16.0 44.0 NA 103.1 

UNIPEDE Cable Systems (Europe) 1.4 11.0 NA 34.6 

South Africa 9.0 47.0 78.0 153.0 

* SARFI-10 is a measure of the number of voltage sags that can be expected with a minimum voltage magnitude below 10%.

Source: Electric Power and Research Institute 2003. 

5.4 Value of Power Quality Improvements 

The economic impact of poor power quality can be particularly large from an end-user perspective. 
Moskovitz et al. (2002) mentions that  

for modern electronic-based businesses, it is not only outages that hurt but unstable power quality 
as well. Many high tech businesses, from Web-servers to bio-tech laboratories, need a very high 
level of power quality. …. Today, in the 24-hours-a-day, seven-days-a-week information age, 
many businesses operate computer-driven equipment with availabilities of 99.999% or even 
99.9999%, … Very brief sags in voltage or harmonic distortions that used to go entirely 
unnoticed by most customers can be devastating to customers using sensitive electronics. It is as 
little as 8/1000 of a second to crash a computer system, often destroying data at the same time. 
Fixes to avoid power surges are usually cheap but remedies for avoiding power sags are not so 
cheap. For these businesses, often redundant systems can be a very cost-effective means of 
ensuring the required power quality and reliability levels.   
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For example: 

The First National Bank of Omaha in Omaha, Nebraska, began operating its carefully designed 
independent distributed power system for its power-sensitive credit card processing center in May 
1999. The bank is the Nation’s seventh-largest credit card processor and the provider of similar 
services to many other banks in its region. It faces losses of about $6 million for every hour of 
power outage. Following the failure of a backup battery system in the early 1990s, the bank 
looked around for a better way to ensure itself of the continuous high-level power quality and 
reliability its 24-hour, uninterrupted operation required. The bank’s critical computer operations 
are now served by two redundant sets of fuel cells (four in all) as well as a separate redundant set 
of diesel engines. The remainder of the building, with less critical operations, is connected to two 
separate electric feeders, installed from different substations (Moskovitz et al. 2002). 

The economic benefit of power quality benefits due to onsite cogeneration and small power production 
could also be large for the utility because the utility would have to invest less in improving grid-wide 
power quality. Gumerman et al.. (2003) indicate that “…costs can potentially be lowered because the 
wider power system does not have to be tailored to sensitive loads.” 

Although the economic benefits to both the utility and its customers from power quality improvements 
could be large, estimating these economic benefits could be difficult and uncertain. This is because there 
are no markets specifically for power quality. Customers cannot ask to be put on lower or higher power 
quality rate schedules or service agreements. 
 
It is possible, in theory, to estimate the market value of improved power quality from the value of 
improved reliability, to the extent the specific industry and the duration of the outage are known. 
However, there is no clear-cut distinction or defining line between reliability and improved power quality. 
Both of these factors form a continuum and it is difficult to disaggregate their market values into separate 
components. Similar to reliability, improved power quality provides economic benefits in the form of 
deferred generation and transmission and distribution (T&D) capacity. If DG power can substitute for 
feeder loading and enhance reliability by avoiding T&D and/or generation capacity upgrades, then the 
economic benefits can be determined from deferred T&D and/or central station capacity.  

5.5 Major Findings and Conclusions 

Power quality problems tend to be localized phenomena and are not often system-wide concerns. With the 
increasing use of electronic components for appliances and equipment in homes, offices, and factories, 
customers are increasingly concerned about power quality and potential damages to equipment and 
business operations. In certain instances, DG can be used to address power quality problems, particularly 
when the systems involve the use of energy storage, power electronics, and power-conditioning 
equipment. However, there are also concerns that the use of DG could lead to power quality problems. 
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Section 6. Potential Benefits of Distributed 
Generation to Reduce Land Use Impacts 
for Transmission and Distribution Rights-
of-Way 

6.1 Summary and Overview 

Central station power generation facilities, and the transmission and distribution (T&D) equipment and 
systems that carry that power across vast regions of the country, have significant land use impacts 
(Rawson 2004). Under certain circumstances, it is possible that the expanded use of DG could lead to a 
decrease in the amount of land required for electricity-generating facilities and rights-of-way (ROW) for 
T&D corridors. Further, local community electricity needs, which can be met with DG, may indeed be 
compatible with opportunities to conserve open space and may reduce requirements for transmission 
corridors and distribution facilities. DG can also address siting and permitting requirements that are 
associated with the expansion of existing ROW or with obtaining new ROW. DG has its own land use 
impacts; however, this section focuses on the potential benefits of DG to reduce the amount of land use 
for rights-of-way (ROW) for transmission and distribution.  

6.2 Land Area Required for Electricity Transmission Line Rights-of-Way 

Data sources on land area required for new electricity transmission line rights-of-way (ROW) are limited. 
The U.S. Department of Energy, Energy Information Administration (EIA) has estimated the impact of 
increasing numbers of electricity generating units in the United States and the need for resulting 
electricity transmission lines through time as a means of quantifying the need for new transmission lines, 
given the construction of new central power sources (Energy Information Administration 2003). EIA data 
for 2003, the most recent year available, is described below: 

• The net number of electricity-generating units in the United States has increased by 15 units. 
• 1,140 miles of new transmission lines have been built. 
• Approximately 76 miles of new transmission line have been built for each new electricity-

generating unit. 
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The width of these lines, and therefore the total acreage required for them, can vary based on required 
voltage. For this report, data from American Electric Power (AEP 2006) estimates ROW line width 
requirements, as shown in Table 6.1 below, that would be needed to transmit 2,400 MW over 100 miles.  

Table 6.1. Assumed Transmission Line ROW Width 

  Transmission Lines Needed to Transmit 2,400 MW over 100 Miles 

Transmission Voltage 765 kV 500 kV 345 kV 138 kV 
ROW Width 200 ft 175 ft 150 ft 100 ft 

This data is based on the following assumptions (Energy Information Administration 2003):   

• The average transmission line ROW width is 156.25 feet.  
• The average mileage required for a new electricity generating unit is 76 miles. 
• 9.21 acres of aggregate ROW are needed for one new central power source. 

6.3 Determining the Cost of Acquiring a Right-of-Way 

The “Across” or “At-the-Fence” value (ATF) is a common technique for valuing property. The ATF 
value is less than a penny per square foot (sq ft) for some western rural counties, but exceeds $2,500 per 
sq ft (in 1989 dollars) or $4,021 (in 2006 dollars) for downtown New York (TeleCommUnity Alliance 
2002). This land value estimate highlights the variation in rural and urban lands that are utilized for 
rights-of-way. On the other hand, “comparable transaction valuation” (CTV) examines information from 
the real estate market and uses sales and transfers of similar assets to establish a value for a given 
property (Reynolds 2003).  

To arrive at an appropriate value of land, other considerations are imposed on these estimates that relate 
to the particular nature of ROW acquisition. Specifically, ROW acquisition costs typically include the 
value of property located on the land and the actual value of the land resources. Therefore, regions of the 
country with higher building density and highly valued land resources incur significant ROW acquisition 
costs. For example, metropolitan lands are typically higher priced on a per-acre basis and are developed at 
higher densities in comparison to rural lands. In fact, the Florida Agricultural Land Value Survey reveals 
that per-acre land values vary considerably depending on their location (Heimlich 2003). For example: 

• Agricultural lands in Florida metropolitan counties range in value from $13,167 to $58,813 per 
acre in 2003 or $14,304 to $63,892 in 2006 dollar values.  

• In comparison, rural agricultural land values in Florida range from $4,312 to $6,500 or $4,684 to 
$7,061 per acre in 2006 dollar values.  

The cost of acquiring a right of way is related to three factors: the value of direct damages to the property 
due to construction, the loss in property value because of diminished access, and/or the loss in property 
value because of the increase or decrease of the value of any remaining remnants of the property not 
granted as part of the ROW. The cost of rights of way can vary depending on the use of land for central 
station power development or distributed generation development. 
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6.4 Costs of Acquiring Rights of Way for Transmission and Distribution 

There are approximately 350,000 miles of electrical transmission lines and two million miles of 
distribution lines in the United States (Abt 1994). An analysis of U.S. Department of Energy, Energy 
Information Administration (EIA) data indicates that the density of distribution lines ranges from about 
500 to 2,000 miles of lines for each billion kWh of electricity delivered, with an average of about 1,000 
miles per billion kWh (Energy Information Administration 2006). The total value of the ROW associated 
with these lines could easily be as much as a trillion dollars based on a conservative estimate of $400,000 
per mile of line.  

A recent AEP-proposed high-voltage (765-kV) line, 200 feet wide and crossing 550 miles of eastern 
United States farmlands and mountains, is expected to cost an average of $940,000 per mile. AEP has 
considered multiple options for the power line facility, specifically the use of lower-voltage lines 
(500 kV, 345kV, and 138kV). Because the lower-voltage lines are limited to disproportionately lower 
loads compared to the 765-kV line, multiple, parallel sets of lines would be needed. With each step-down 
in voltage, the total width of the required ROW increases. The total width of the ROW for the lowest-
voltage lines is actually 12 times that of the 765-kV line, 2400 feet compared to 200 feet, resulting in 
significant savings in land and other ROW costs by pursuing the 765-kV line. This information is 
presented above in Table 6.1. Accordingly, AEP has revealed that it will construct the 765-kV line and 
will expend ROW acquisition costs of $39,075 per acre (Energy Information Administration 2003).  

Parker (2004) on the other hand, has studied construction costs from more than 20,000 miles of natural 
gas, oil, and petroleum product pipelines for 893 projects in the United States. The study reveals much 
about the cost of ROW for pipelines. Pipeline ROWs are quite similar to power line ROWs in that large 
amounts of land are affected. 

Parker (2004) also has found that the ROW portion of pipeline costs is not the result of the pipeline 
diameter and length alone. Cost variability is also attributed to the manner in which pipelines are laid next 
to existing lines, while in other cases, the location of an ROW causes it to be very expensive. Looking 
further at the diameter factor reveals that there is no simple relationship between ROW cost and pipeline 
diameter. Parker’s research does claim that ROW costs for 36-inch pipelines are substantially higher than 
those for 6-inch lines, $50,000 versus $20,000 or $52,875 versus $21,150 in 2006 dollars. The reason for 
this is not immediately obvious, but it may be due to the fact that the 30-inch and larger pipelines are 
nearly always very high-pressure lines requiring wider ROW, and that they are less adaptable to 
alternative uses. The lower cost as a function of diameter in the 10-24 inch range may relate to the 
location of the lines, with smaller lines associated with distribution systems in populous and industrially 
developed areas.  
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 The dataset for 20-inch pipelines may be analogous to electric power distribution lines, given that the 
ROW can range between 50 to 
200 feet wide in some instances. 
Figure 6-1 presents this 
variation in 20-inch pipelines. 

The figure indicates a mode of 
$15,000 to $25,000 per mile, 
while the range is from about 
$5,000 to “more than $785,000 
per mile” (Parker 2004). In 
2006 dollars these estimates 
equate to a mode of $15,862 to 
$26,437 and a range from 
$5,287 and $830,149. Although 
the data does not provide ROW 
width information, it can be 
assumed that most of these 

ROWs are 100 feet or less in width. Based on the assumed 100-foot width, the per-acre costs would range 
from a low of about $400 to more than $60,000 with a median of perhaps $3,000. In 2006 dollars these 
estimates equate to $423 to more than $63,450 with a median of $3,172. Note that these values would 
double if a 50-foot width were used.  

6.5 Costs of Maintaining Rights-of-Way 

Acquiring electric transmission rights-of-way includes estimating future maintenance costs. Electric 
transmission ROWs are typically maintained to minimize operational interruptions, increase safety, and 
reduce erosion and water pollution through landscape planning and vegetative control. For example, 
electric utilities, regional transmission organizations, and public utilities use vegetative control methods, 
such as mowing and hand pulling; biological and chemical controls; utilization of herbicides, and use of 
animals to control unwanted vegetation (Robinson 2003). Rights-of-way maintenance costs can be high; 
for example, in 2003, Duke Energy reported a total of $40 million in ROW maintenance costs (Duke 
Energy 2003). 

In addition to physically maintaining open lands associated with electric transmission ROW, electric 
transmission firms are typically required to upgrade existing transmission lines through various activities 
such as reconductoring, bundle conductoring, and retension of existing conductors. In terms of affecting 
transmission line ROW, reconductoring, removing existing conductors, and installing larger conductors 
have the greatest impact on land use requirements for a ROW. In turn, additional ROW costs can be 
incurred by upgrading – or enlarging the width of – transmission lines. An example of the impact on 
ROW width requirements from various transmission line kV levels is presented in Table 6.2 (Glodner 
1994). 

 

 

Figure 6-1. Comparison Between Number of Pipelines and 
ROW Costs 

 
    Source:  Parker 2004. 
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Table 6.2. ROW Requirements Based on Transmission Line kV Levels 

Nominal Line (kV) ROW Width (Meters) ROW Width (Feet) 

69 23-30 75-100 
115 23-38 75-125 
138 30-46 100-150 
161 30-46 100-150 
230 46-61 150-200 

This data illustrates that a single-level increase in kV levels does not necessarily require an expansion of 
ROW width, except for an increase from 161 to 230 kV (U.S. Department of Energy, Western Area 
Power of Administration, 2003).  

6.6 Land Use Case Studies 

Three case studies presented here – a condominium project in Philadelphia, a wastewater treatment plant 
in Portland, and a national park project on Santa Rosa Island – provide a context and focus for estimating 
land use benefits of DG. 
 

The Philadelphian Condominium 
Columbia Boulevard  

Wastewater Treatment Plant 

The Philadelphian is a 1.4-million sq ft, upscale 
condominium building in downtown Philadelphia, 
Pennsylvania, adjacent to the Philadelphia Museum of 
Art. In 1989, the Philadelphian Owners’ Association 
opted to install an on-site combined heat and power 
(CHP) plant for the 22-story, 776-unit building. The 
Philadelphian Owners’ Association financed the project 
using a 15-year guaranteed energy savings contract with 
Cogeneration Partners of America. The association 
contracted with Eastern Power Corporation to operate the 
plant. The CHP system, which generates all the heating, 
cooling, water heating and most of the electrical power 
for the building, has resulted in about $300,000 yearly 
energy costs savings, a 25% reduction from previous 
years. 
 
The building must be conditioned 24 hours a day and 
have a constant supply of outside air for ventilation. The 
building’s cooling load is about 1,500 tons, and its 
heating load is about 38,163 million British thermal units 
(Btu). Annual electricity consumption is about 10 million 
kWh, or 7.14 kWh per sq ft, coming primarily from 
resident plug load, the central plant pumping system, the 
cooling towers and the electric chillers. Load reaches a 
high of 1.1 million kWh in July and August. Summer 
peak demand is about 1,900 kW and winter peak demand 
is 1,200 kW. 

The Columbia Boulevard Wastewater Treatment Plant is 
the largest water treatment facility in Oregon. Operated 
by the City of Portland, the plant treats an average of 80 
to 90 million gallons of sewage per day. Byproducts of 
the water treatment process are bio-solids that are also 
treated. In the bio-solids processing, anaerobic digesters 
use the action of bacteria to break down solids and thus 
produce a combustible gas composed primarily of 
methane and carbon dioxide. Following the adoption of a 
city climate change strategy, the plant was tasked with 
considering options for environmentally friendly uses of 
the produced anaerobic gas. 
 
While options were under consideration in 1995 and 
1996, the plant experienced extended power outages. 
These outages forced shutdown of the control center, 
which provides communication to more than 100 pump 
stations throughout the community. During this time, the 
city consolidated billing among several facilities with its 
electricity provider, Portland General Electric. Because 
of the city’s environmental commitment, it opted to 
return part of the resultant cost savings from the 
consolidation to the utility as a green power premium 
through which the utility would build 500 kW of wind 
energy capacity. In turn the utility returned the premium 
to the city to install a 200 kW fuel cell at the plant that 
would run on the anaerobic gas, helping to solve both the 
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The Philadelphian Condominium 
Columbia Boulevard  

Wastewater Treatment Plant 

 environmental problem associated with the gas and the 
need for backup power at the control center. The fuel cell 
was deactivated in 2005. Microturbines were installed in 
2003 and there are plans for the addition of reciprocating 
engines in late 2007. 
 
 

Channel Islands National Park Photovoltaic Installation 

Santa Rosa Island is part of the Channel Islands National Park. The 52,794 acre island is located off the Santa 
Barbara coast, 44 miles west of the park headquarters in Ventura, California. The park’s employee housing facility 
is located in a remote island location, requiring an independent power system. As diesel was considered expensive 
and risky to transport to the island, the park selected two off-grid 6.4 kW photovoltaic systems to power the housing 
facility. These systems, installed in 1998, complemented four solar hot water systems previously installed in 1988. 

Sources: U.S. Department of Energy, Office of Energy Efficiency and Renewable Energy. The Power to 
Choose, and Save: Residents of the Philadelphian High-Rise Condominium Cut Energy Costs by 25% 
with CHP; Columbia Boulevard Wastewater Treatment Plant –  CHP Case Studies in the Pacific 
Northwest; and Channel Islands National Park PV installation: Million Solar Roofs Success Stories. 

The monetary benefit values presented in these three case studies are based on two variables: (1) land-use 
required by central power sources as well as by DG; and (2) dollar amounts representing the value of 
open space and ROW cost savings. Data available on preserved farmland is utilized for the per-acre 
monetary value estimates. The quantity of open-space estimates is generated from the difference between 
the land-use required for the average central power source (492.86 ha or 1,217.86 acres) and the land use 
required for DG. Information on the land estimates is provided in Table 6.3. 

Table 6.3. Quantity of Land Resources Required by DG Case Study Projects 

Case Study  DG Technology 
Electricity 
Generation   

Minimum Open-
Space Estimates: 

Land Required  for 
Case Study50 

Maximum 
Open-Space 
Estimates 

Philadelphian Condominium CHP 1.55 MW 503 sq ft 1217.85 Acres 
Portland Oregon Wastewater 
Treatment Plant Fuel Cell 200 kW 200 sq ft 1217.83 Acres 
Santa Rosa Island Photovoltaic 12.8 kW 2,304 sq ft 1217.85 Acres  

The open-space estimates in Table 6.3 can be described as the minimum and maximum quantity of land 
acreage that is not used by a central power source. The minimum open-space estimate is the land required 
for the DG project. The maximum open space estimate assumes that a single central power source would 
be constructed for each specific project.  
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The range of land use benefits for each DG facility is presented in Table 6.4.  

Table 6.4. Land-Use Benefits for Three DG Facilities  

Case Study  
Lower-Limit 

Benefits 
Upper-Limit 

Benefits  
Land Use Benefits 

Per kW51 

Philadelphian Condominium $1.99 $6,374,718.03 $22,169.64 
Portland Oregon Wastewater Treatment Plant $0.71 $6,374,756.93 $2,853.54 
Santa Rosa Island $9.08 $6,374,501.70 $41.81 

The lower-limit value in Table 6.4 is derived from the per-acre estimates observed by previous USDA 
CRP research (equivalent to $171 in 2006 dollars) and assumes minimum land required for the DG 
facilities. The upper-limit benefit is the maximum benefit to society of the DG project based on the price 
of land per acre, presented by Irwin (2002) (equivalent to $5,234 in 2006 dollars) and the maximum 
available acreage data presented in Table 6.3. Irwin (2002) has presented the greatest per-acre value of 
preserved agricultural lands. Land-Use Benefits per kW represent the dollar value comparisons between 
central power and DG land use requirements for each project. Each project creates land use savings, 
compared to the land required by central station projects, based on per-kW land use estimates.52 The 
amount of land saved at each site is equal to the difference between the land required by the DG project 
on a kW basis and the land required by a central power source on a kW basis.  

The range of these savings can be significant and depends upon the area selected for construction of the 
central power source. When a central power source is developed in close proximity to an urban area, 
where open space is limited, the benefit of implementing DG resources may be more advantageous due to 
the higher value placed on open space in these regions. Alternatively, when a central power source is sited 
in a rural area, where open space is abundant, land use benefits from DG might not be as positive. 

Rights-of-way costs may still be significant for electricity transmission firms. Data on per-acre ROW 
costs and total ROW costs are presented Table 6.5. 

Table 6.5. Range of Saved Rights-of-Way Acquisition Costs for a  
Single Distributed Generation Facility 

 Low-Limit Benefits Upper-Limit Benefit Median Benefit 

Per-Acre ROW Costs  $1,780  $60,000  $30,890  
Total ROW Costs (assuming 9.21 acres) $16,394  $552,600  $284,497  

Electric transmission right-of-way costs are shown to be between $1,780 and $60,000 per acre. The low-
end figure of $1,780 per acre is based on Energy Information Administration data on the construction of 
transmission lines from a single central power source in 2003 (Energy Information Administration 2003). 
The upper range is representative of the per-acre costs observed in the natural gas, vehicular 
transportation, and electric power industries.  
                                                      
51 The land use estimates for this column utilizes information from Table 6.3, specifically for the Philadelphian Condominium and Portland 

Oregon Wastewater Treatment Plant. The sq ft/kWh for a central power facility is assumed to be 233.18 which is derived from Spitzley and 
Keoleian (2004). The sq ft/kWh for the Santa Rosa Island example is 180 which is calculated from data presented in Spitzley and Keoleian 
(2004). 

52 Average sq ft/kW for a central power source estimated at 233.18. 
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In summary, then, estimated rights-of-way savings could result from the three DG case studies, ranging 
from $16,394 to $552,600, depending on the location of the rights-of-way and the amount of assets 
located on the land. If multiplied throughout the economy, such savings could be significant, providing 
positive impacts to state and local governments as well as the utilities themselves. 

6.7 Major Findings and Conclusions 

Energy generation, transmission, and distribution has an obvious impact on land use, regardless of 
whether it is central station or distributed generation. Under certain circumstances, DG can have positive 
land use benefits, including smaller land mass requirements, savings on acquisition costs, rights-of-way, 
and land retention for open space, agriculture, or public benefits purposes. Distributed generation systems 
have land use impacts of their own, however, especially when they are built and operated separately – or 
outside – of the host building or facility. DG systems that are incorporated into buildings, in an engine 
room, on a rooftop, or immediately adjacent, result in a smaller land use footprint. Where land prices are 
high, such as in industrial or urban communities, the resulting land use savings from distributed 
generation might, indeed, be significant. In summary, DG may provide public value to society through 
savings of both the amount of land required for construction, transmission, and distribution, and the value 
of land left available for other uses. 
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Section 7. The Potential Benefits of Distributed 
Generation in Reducing Vulnerability of 
the Electric System to Terrorism and 
Providing Infrastructure Resilience 

7.1 Summary and Overview 

The United States electric power system is vast and complex. Thousands of miles of high-voltage cable 
serve millions of customers around the clock, 365 days per year. While the ready supply of electricity is 
often taken for granted, incidents such as the terrorist attacks on September 11, 2001, the Northeast 
Blackout of August 2003, and Hurricanes Katrina and Rita remind us how dependent we are on electricity 
and how fragile the grid can be. Water systems, pipelines, communications systems, transportation 
networks, emergency operations centers, and nearly every other category of critical infrastructure defined 
by the U.S. Department of Homeland Security (DHS) is in some way dependent on electricity. In this 
sense, electricity is the critical enabler of homeland security. 

In addition to the vulnerability of critical infrastructure facilities resulting from their dependence on the 
primary electricity grid, these facilities most often rely on traditional backup technologies as their sole 
source of electricity in an emergency—primarily diesel generators with limited fuel storage and only 
average power quality. If these backup generators prove incapable of meeting emergency power needs—
as was the case during Hurricanes Katrina and Rita—the resilience of the entire network of critical 
infrastructure is in jeopardy at the very time when the infrastructure is most needed. Alternatively, if 
critical infrastructure facilities were to rely instead on primary and secondary power sources not exposed 
to these weaknesses, the entire system of critical infrastructure would be more resilient and thus more 
secure.  

The Energy Sector-Specific Plan of the U.S. Department of Homeland Security’s National Infrastructure 
Protection Plan (NIPP) notes that a healthy energy infrastructure is one of the defining characteristics of a 
modern global economy:  

It provides the lifeblood for commerce and is critical for our telecommunications, 
transportation, food and water supply, banking and finance, manufacturing, and public 
health systems. Any prolonged interruption of the supply of basic energy—be it 
electricity, natural gas, or petroleum products—would do considerable harm to the U.S. 
economy and the American people.53   

This section discusses 15 of 17 critical sectors of the U.S. economy, including an assessment of their 
vulnerability to terrorism and how DG can be a useful solution for reducing this vulnerability. 

                                                      
53  Interim Sector-Specific Plan, Energy Sector for Critical Infrastructure Protection, As Input to the National Infrastructure Protection Plan, 

Department of Energy, Redacted Draft, September 3, 2004. This is an Official Use Only plan that is currently not available to the public. 
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7.2 The Vulnerability of the Electric Grid and the Importance of Resilience 

Protecting the Nation’s electricity delivery system is a daunting task. The sheer size and extent of the 
system makes clear the difficulty of protecting it against both terrorism and natural disasters. Over 5,000 
power plants (882 gigawatts of capacity produce 4,055 gigawatt-hours of electricity each year54), and 
approximately 100,000 large transformers, 63,000 substations and 160,000 miles of high-voltage 
transmission lines continuously direct electricity to 138 million customers across the country. 

As stated in the NIPP (2006):  

The key energy assurance challenges facing DOE are directly related to the energy 
sector’s complexity, diversity of ownership, and importance to all other critical 
infrastructure sectors. . . . DOE as the coordinating energy sector organization is not 
resourced to oversee the infrastructure protection of an infrastructure resource base 
valued in the trillions of dollars and absolutely critical to the welfare of the Nation. 

Energy sector stakeholders—both public and private—realize that tough choices need to be made in 
deciding how best to invest scarce security dollars to manage risk in the sector. However, careful 
investments in the right protective and enabling technologies can secure the grid against destabilizing 
failure.      

The Homeland Security Advisory Council’s Critical Infrastructure Task Force recently recommended that 
the concept of “critical infrastructure resilience” (CIR) replace “critical infrastructure protection” (CIP) as 
the top-level strategic objective of the Nation’s critical infrastructure security efforts (Homeland Security 
Advisory Council 2006).55 The Council defines resiliency as “the capability of a system to maintain its 
functions and structure in the face of internal and external change and to degrade gracefully when it 
must.”  In other words, resilient infrastructure systems will be less likely to collapse in the face of natural 
or manmade disruptions and will limit damage when disruptions do manage to inhibit the full 
functionality of the system. 

With critical infrastructure security focused on the concept of system resilience, rather than protection, the 
task of ensuring the Nation’s infrastructure becomes more manageable and measurable:   

Critical Infrastructure Resilience is not a replacement for CIP, but rather an integrating objective 
designed to foster systems-level investment strategies. Adoption of CIR as the goal provides a 
readily quantifiable objective—identifying the time required to restore full functionality 
(Homeland Security Advisory Council 2006). 

7.3 The Benefits of Distributed Generation Technology and Systems in 
Supplying Emergency Power 

To address the vulnerabilities of the electric system to intentional disruptions, particularly those 
perpetrated by organized acts of terror, and to improve grid resilience, the National Research Council 

                                                      
54     Data for 2005 from the Energy Information Administration, accessed at http://www.eia.doe.gov/cneaf/electricity/epa/epates.html 
55 The Homeland Security Council is a high-level council comprising leaders from state and local government, first responder communities, 

the private sector, and academia, which advises the Secretary on Homeland Security issues.  
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(NRC) of the National Academy of Sciences (NAS) recently recommended that “technology should be 
developed for an intelligent, adaptive power grid that combines a threat warning system with a distributed 
intelligent-agent system (NRC 2002).”  Distributed generation can play an important role in such a 
system. In fact, the NRC points out: 

The trend over time has been to build large, remote generating plants, which require 
large, complex transmission systems. Today there is a growing interest in distributed 
generation – generators of a more modest size in close proximity to load centers. This 
trend may lead to a more flexible grid in which islanding to maintain key loads are easier 
to achieve. Improved security from distributed generation should be credited when 
planning the future of the grid (NRC 2002). 

DG can improve resilience through its reliance on larger numbers of smaller and more geographically 
dispersed power plants, rather than large, central-station power plants and bulk-power transmission 
facilities. Although larger numbers of smaller-scale power plants increases the number of targets for 
intentional attack, they reduce the number of customers who might potentially be affected. Electricity 
consumers are less vulnerable to supply disruptions when they have the ability to “island” themselves and 
thus to protect segments of the grid, particularly in critical infrastructure facilities such as fire and safety 
buildings, telecommunications systems, hospitals, and natural gas and oil delivery stations. 

A simulated terrorist attack on California’s electric grid, which included a 25% reduction in power 
supplies, showed that recovery time would be about two weeks, at a direct cost to California’s economy 
of almost $11 billion. Much of these costs would have resulted from lost manufacturing output and 
wholesale and retail trades. Greater DG by the electric utilities that serve these sectors, or by the sectors 
themselves, could lessen these economic impacts (ICF Consulting 2003). 

In fact, research has shown that larger numbers of DG systems result in “potentially significant reliability 
advantages to increasing the amount of distributed generation in the system (Zerriffi 2004).”  

7.4 Distributed Generation as a Means to Reduce Vulnerability and Improve 
Critical Infrastructure Resilience 

Opportunities for using DG vary in each sector, but most of the sectors are potentially appropriate for 
adopting on-site electricity generation, using one or more prime movers. 

Emergency Services 

The emergency services sector includes the following:   

• emergency management 
• emergency medical services 
• fire and hazardous materials 
• law enforcement 
• search and rescue   

Emergency operations centers, 911 call centers, police and fire stations, and their communications 
equipment all rely on electricity. Loss of power at these critical locations can lead to increased casualties 
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on the part of both the initial victims of the emergency situation, as well as the emergency responders 
themselves. 

Distributed generation could be indispensable in ensuring that emergency responders can communicate 
critical information when it is most needed. Microturbines, reciprocating engines, fuel cells, or 
photovoltaics can provide power to emergency operations centers, call centers, communications 
equipment, and police and fire stations. For example, during the Northeast Blackout of August 2003, 
millions of New Yorkers were left in the dark. However, the Central Park Police Station in New York 
City maintained crucial operations during a dangerous situation by virtue of a single 200 kW Phosphoric 
Acid Fuel Cell. This fuel cell provided full electricity and air conditioning to the building, allowing 
officers there to respond to quickly, safely, and effectively in the crisis situation.  

In 1995 and again in 2003, wildfires destroyed transmission lines that supply power to portions of Utah, 
leaving thousands of customers without power. However, Heber Light and Power (Heber, Utah) was able 
to supply power to all of its customers, including municipal and county fire, rescue, and police operations, 
through distributed generation (approximately 20 MW, provided by 14 dual-fuel reciprocating engines). 
In Heber, law enforcement, fire, and rescue services were able to maintain full functionality during a time 
when their services were most needed, and at least one hospital maintained normal operations.56  
Furthermore, clean water continued to flow to some 16,000 customers of a district water and sewer 
consortium. This was made possible by DG. 

Public Health and Healthcare 

The Public Health and Healthcare Sector encompasses all state and local health departments, hospitals, 
health clinics, mental health facilities, nursing homes, blood-supply facilities, laboratories, mortuaries, 
medical and pharmaceutical stockpiles, and supporting personnel. This includes such institutions as the 
Centers for Disease Control and Prevention, the National Institutes of Health, and the Strategic National 
Stockpile.  

This sector requires electricity to facilitate all services to hospitals, disease-testing centers, and other 
healthcare facilities, including power, lighting, heat, chilled water, and air conditioning.  

The storage of vaccines and donated blood requires refrigeration, and laboratories and disease-testing 
centers use electricity to carry out routine activities such as clinical tests and research. Electricity is also 
required by medical data networks.  

While a certain amount of on-site generation is required by law to maintain “critical” loads in specified 
healthcare facilities (especially hospitals), there is room for these facilities to make greater use of CHP 
capacities provided by large turbines and hybrid power systems in covering all the load, and thus ensuring 
the continuation of “normal” operations. Fuel cells and microturbines could also provide electricity for 
refrigeration that is required for vaccine storage.  

Mississippi Baptist Medical Center (MBMC) in Jackson, Mississippi, is a 624-bed facility and maintains 
a 3.2 MW gas turbine CHP system. The steam generated by the system is used for hot water, sterilization, 
and adsorption chillers. As a result of Hurricane Katrina, the grid was down for some 52 hours. During 
this time, the CHP system at Baptist Hospital ran islanded and provided power, hot water, and air 
conditioning. It was the only hospital in the region to continue at virtually 100% operation; the 
                                                      
56 Telephone conversation with Craig Broussard, Heber Light and Power, March 1, 2006. 
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independence provided by the CHP system allowed MBMC to proceed relatively unaffected. The staff at 
MBMC was able to assist in the disaster relief by taking in patients from the region, including a group 
from Biloxi Regional Medical Center. MBMC was also able to provide cancer treatments for 
approximately 46 cancer patients who were displaced by the disaster, and the dining rooms at the medical 
center were turned into child day care centers for children affected by the hurricane (Chamra and 
Weathers 2006). 

Similarly, Presbyterian Homes, an assisted living and nursing care facility in Evanston, Illinois, has 
installed a 2.4 MW combined heat and power (CHP) plant to avoid another situation like the one that 
occurred in 1998, when an ice storm knocked out both utility feeds to the facility, resulting in over 600 
elderly residents being left without heat (and power) for some nine hours (Midwest CHP Application 
Center 2006). 

Drinking Water and Wastewater Treatment 

The drinking water and wastewater treatment sector involves some 160,000 public water systems in the 
United States and over 16,000 publicly owned wastewater treatment works. Eighty-four percent of the 
national populace receives its water from a public water system. Electricity is necessary to automate 
wastewater treatment plants, and is also important for the pumping and filtration of water. More than any 
other resource in any sector discussed here, water is required by all humans for survival. A power outage 
could result in the inability to process wastewater, a loss of pressure in pumps that would result in unclean 
drinking water, as well as the potential inability to deliver potable water. The Britannia Water Treatment 
Plant in Ottawa, Canada, maintained normal operations with no interruptions in both the Northeast 
Blackout of August 2003 and the 1998 ice storm. Its capacity during the blackout consisted of one 
3.5 MW gas reciprocating engine, one 1.5 MW diesel reciprocating engine, one 500 kW “essential 
services” generator, and two 2.0MW direct drive diesel pumps.57 

Food and Agriculture 

The food and agriculture sector accounts for about 20% of the Nation’s economic activity. The assets in 
this sector are mostly privately owned, and cover agricultural production from pre-harvest through post-
production and national forest lands, the animal feed industry, and food facilities. The firms, farms, and 
facilities that are involved in agricultural production in all of its phases make extensive use of electricity 
to harvest, produce, and process these products. Some of the facilities that rely on electricity include grain 
storage and milling, aquaculture, food and beverage processing, refrigerated warehouses, distribution 
facilities, and grocery stores.  

Loss of power in this sector would prevent firms and facilities from processing agricultural products for 
consumption, with potentially large product loss. For example, a loss of power to the aquaculture industry 
could mean a catastrophic loss of fish intended for human consumption. The inability to produce, process, 
and deliver food would result in a scramble for resources, reliving instances in humanity’s past, where 
drought or political actions have resulted in starvation, chaos, and refugees.  

Distributed generation has distinct applications in this sector, especially in industrial applications that 
process agricultural products for consumption. Large factories and warehouses could make use of turbines 

                                                      
57 Telephone conversation with John Hamilton, Britannia Water, April 2, 2006. 
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and CHP, in addition to fuel cells and locally appropriate renewable resources to continue their operations 
even in the face of a regional blackout.  

Entenmann’s Bakery in Bayshore, New York, experienced no interruption in its operations during the 
Northeast Blackout of August 2003. Their 5.1 MW on-site CHP system consists of four reciprocating 
engines that run primarily on natural gas. No product was lost and no expensive cleanup and restarting 
was required (Energy and Environmental Analysis, Inc. 2004b). 

Telecommunications 

The telecommunications sector encompasses many electricity-dependent systems, including all wire 
communications (among them the public switched telephone network or PSTN), cable and enterprise 
networks, wireless communications (including cellular telephones and radio), satellite communications, 
Public Safety Answering Points, and 911 services.  

The high-tech facilities associated with this sector have high load factors, and concentrated electronics 
produce large cooling loads. Cellular telephone towers and radio services rely on electricity to provide 
wireless communications. Terrestrial satellite components use electricity to ensure internet data and video 
services, among others. Emergency services, specifically 911, need electricity in the interest of public 
safety and timely emergency response. A loss of electricity in this sector would have far-reaching effects. 
Perhaps most critically, the disabling of 911 and Public Safety Answering Points would mean that 
individuals in need of emergency services could not make those needs known and therefore, could not be 
rescued or treated.  

Communications could be especially important in mitigating the damage of a terrorist attack: Without the 
ability for emergency responders/law enforcement to communicate safety information, more damage 
could be done, and more disorder could ensue. Loss of terrestrial satellite and wireless capabilities would 
mean the crippling of cellular phone services, radio communications, and Internet. In short, a loss of 
power in this sector could limit or preclude the ability to communicate with others remotely.  

Distributed generation components and systems have already proven useful in this sector, but certainly 
there is room for expanded reliance. Cellular phone towers, terrestrial satellite equipment, PSTN and 
other networks, as well as radio services, all have the potential to make use of on-site generation, 
including photovoltaics, fuel cells and microturbines, to ensure that services are not interrupted. In both 
Kiln and Pearlington, Mississippi, DE equipment ensured the operation of critical telecommunications 
services in the aftermath of Hurricane Katrina. In these cases, generation took the form of solar 
photovoltaic that was provided on a portable trailer by the Florida Solar Energy Center. 

In Kiln, the solar unit provided power to a radio studio for three weeks. This studio was responsible for 
broadcasting critical announcements from an emergency operations center (EOC). Such announcements 
included critical guidance for local citizens on where and how to seek help, food, shelter, and in general 
how to proceed in the face of the disaster.  

In Pearlington, solar power ensured that the local point of distribution (POD) and shelter could 
communicate with the Kiln EOC via ham radio.58   

                                                      
58 Telephone conversation with Bill Young, Florida Solar Energy Center, February 7, 2006. 
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Additionally, Verizon Wireless maintains a central office in Garden City, New York, which requires 
significant electricity for cooling purposes. Most of its 2.7 MW load is now covered by a combination of 
a dual-fuel reciprocating engine, two diesel engines, and seven base-loaded fuel cells. The engines and 
fuel cells are the primary source of electricity for the computerized call-switching system. Absorption 
chillers are connected to existing chilled water and condensing systems and the heat recovery steam 
generator supplements two boilers in the boiler room for space heating purposes. This CHP system has 
been operational since June 2005 (U.S. Department of Energy, Office of Energy Efficiency and 
Renewable Energy, 2005). 

Information Technology   

The information technology (IT) sector encompasses all data centers and their hardware, including servers 
of all kinds, which store data and enable Internet services and enterprise computing, in addition to other 
applications. This sector requires uninterruptible power, especially to maintain large volumes of critical 
data that business and industry depend on. A loss of power to the IT sector could have profound effects, 
especially if it precludes the use of the Web during a disaster, or results in the loss of data or other 
computer services. Today’s society is so reliant on IT-related services, their loss would prevent a number 
of everyday business practices from taking place. “[For] Commercial, industrial, government and military 
buildings with computers and Internet – even power interruptions that last for a fraction of a second can 
be economically devastating (Hinrichs et al. 2005).”  

Distributed generation systems can serve as a power source for all industrial applications that produce 
hardware, software, and IT services, and for Internet service providers. Additionally, technology such as 
fuel cells can be used in data centers to power servers and other equipment that maintain data, networks, 
Web services, and more, with combined heat and power capabilities to provide for the cooling needed in 
data centers. Millions of dollars have already been invested by data center owners and application service 
providers to ensure that these resources and the information they house are redundant. One such provider, 
American Power Conversion Corporation, currently outfits data centers with proton exchange membrane 
(PEM) fuel cells, available in 10 kW modules. 

Transportation Systems   

The transportation systems sector ensures the movement of people and goods both within the country and 
to locations overseas. Its six sub-sectors (or modes) are aviation, highway, maritime, mass transit, 
pipeline systems, and rail. Perhaps most obviously, electricity is necessary to maintain the infrastructure 
that administers and facilitates the flow of traffic on highways and roadways (including stop lights, 
message boards, and other traffic signals). Fueling stations also require electricity to operate, and 
electricity is essential to many kinds of mass transit and rail operations, as well as air traffic and maritime 
control/tracking systems. Pipeline systems also use electricity to ensure the transport of some liquid or 
gaseous products (oil, propane, natural gas, and chemicals).  

One major danger associated with a loss of power in this sector is the potential inability to administer, 
govern, direct, or otherwise control the flow of traffic, whether on land, in the air, or on the ocean. The 
absence of infrastructure to facilitate automobile, rail, or air traffic, for example, could have a number of 
dire consequences, ranging from gridlock to chaos to catastrophic loss-of-life events. The disabling of 
main transportation hubs could have far-reaching effects in terms of air and rail travel. Critical nodes such 
as bridges, tunnels, and interstate access points would need to stay functioning in a disaster to allow 
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people to flee the affected area. Other effects of a loss of power would include the inability to operate 
refueling stations and power oil refineries.  

Distributed generation currently is an important element of reliable air traffic control operations, even 
during local or regional power outages. The supporting infrastructure (rail switching, traffic signals, etc.) 
for rail, highway, and roadway traffic could make greater use of on-site generation. More solar power 
capacity could be installed to ensure the continued operation of traffic signals and electronic road signs.  

During the Northeast Blackout of August 2003, the Rochester International Airport in Rochester, New 
York, relied on a 750 kW natural gas-fired synchronous generator with full engine and exhaust heat 
recovery to maintain all air traffic control capabilities and other critical loads. Waste heat generated by 
the engine was recovered and used for both building heat and operation of a 300-ton hot water absorption 
chiller.59  

Commercial Nuclear Reactors, Materials, and Waste 

The commercial nuclear reactors, materials, and waste sector includes the Nation’s 104 commercial 
nuclear reactors licensed to operate in 31 states—20% of the Nation’s electrical generating capacity. It 
also includes nuclear reactors used for research, testing, and training; nuclear materials used in medical, 
industrial, and academic settings; nuclear fuel fabrication facilities; the decommissioning of reactors; and 
the transportation, storage, and disposal of nuclear materials and waste.  

Nuclear plants use electricity for regulation and control of energy production, as well as for emergency 
warning systems. A loss of power in this sector could result in the complete shutdown of a nuclear power 
plant, which could in turn disrupt the production of significant amounts of electricity, potentially affecting 
a large number of households and businesses.  

The U.S. Nuclear Regulatory Commission reports that in the wake of the Northeast Blackout of August 
2003, “on-site power sources such as backup diesel generators provided power to operate essential safety 
systems” at the handful of nuclear power plants affected by the outage (U.S. Nuclear Regulatory 
Commission 2006). In July 2005, the Vermont Yankee Generating Station experienced a broken electrical 
insulator outside the reactor. This caused the plant to automatically shut down. While grid power was 
restored relatively quickly, the plant’s 4 KVA emergency diesel generators started automatically when 
incoming voltage degraded. According to Gonyeau (2005), “every nuclear power plant has at least 2 
diesel generators that provide emergency electrical power in the event that all offsite electrical power is 
lost. The diesel generators are typically tested 1-2 times per month; they are run for 1-4 hours at each test. 
Several times per year the diesels may be run for up to 24 hours to ensure that the equipment functions 
during a loss of offsite power.” 

Energy Production, Refining, Storage, and Distribution 

The energy production, refining, storage and distribution sector encompasses three key segments: 
electricity, petroleum, and natural gas. The electricity sector involves some 5,000 power plants with 905 
GW of generating capacity. The petroleum segment includes the exploration, production, storage, 
transport, and refinement of crude oil; in fact, there are 152 petroleum refineries in the United States. The 

                                                      
59 

 Scott Smith, New York State Energy Research and Development Authority, personal interview, April 2006. 
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natural gas segment encompasses production, piping, storage, and distribution, as well as the capacity to 
receive liquefied natural gas (LNG) from foreign vessels. Natural gas currently is processed at 726 
different plants. The production and refinement of crude oil, the production and distribution of natural 
gas, as well as the automation of power plants all require electricity.  

For example, in oil production, electricity is needed for oil-pumping units, for the pumps that inject steam 
into the wells, and for water-disposal pumps. A loss of power in this sector would mean, among other 
problems, the inability of energy carriers to reach their end users and an inability to process various 
energy sources for consumption. This could result in considerable chaos, as most of society is dependent 
on gasoline and diesel for automobiles, and there would certainly be a race among citizens to secure as 
much fuel as possible. Distributed generation systems could provide the power that is needed by 
refineries, in addition to facilities that store petroleum and natural gas.  

One oil production company has taken steps to assure supply. Plains Exploration & Production Company 
maintains a wellfield near San Luis Obispo, California. The company produces 1,700 barrels of oil per 
day. Recently it installed a natural gas turbine (cogeneration) that now provides nearly 70% of its load of 
1.8 MW. The system was built with earthquake preparedness in mind, and on December 22, 2003, this 
feature was tested:  A magnitude 6.4 earthquake occurred, with the epicenter located 30 miles from the oil 
field. Designed for Seismic Zone 4 (the most rigorous classification for protection from earthquakes 
under the 1994 Uniform Building Code and subsequent codes based on it), the gas turbine and supporting 
infrastructure ensured uninterrupted wellfield operations during this event (Leposky 2004).  

The city of Russell, Kansas, in partnership with U.S. Energy Partners, LLC (which maintains a 40-
million-gallon-per-year ethanol production facility) has installed a 15-MW CHP system (two natural gas 
turbines at 7.5MW each). The CHP system provides the total electric requirements of the ethanol plant (3 
MW), has the capability of providing up to 65% of the steam requirements of the ethanol production 
process, and provides 12 MW of electric power to service the citizens of Russell, Kansas, and 
surrounding area (Midwest CHP Application Center 2006). 

Chemical 

The chemical sector encompasses four main segments, based on the end product produced:   

• basic chemicals  
• specialty chemicals  
• life sciences  
• consumer products.  

There are several hundred thousand chemical facilities in the United States, ranging from production 
facilities to hardware stores. This sector makes use of electricity to process and store chemicals and 
hazardous materials.  

A loss of power in this sector not only would mean a shortage in the supply of chemicals that our society 
depends on, but a potentially increased vulnerability of toxic substances to tampering or release. These 
approximately 140 chemicals have the potential to pose great risk to human health and the environment if 
they are not secured. Many chemical and metallurgical facilities do not have adequate backup power 



 

 7-10 

resources, so processes that rely on electricity can be interrupted within minutes of grid loss (Hinrichs et 
al. 2005).  

On-site energy generation from large turbines with CHP could provide the total loads needed by the 
approximately 15,000 industrial facilities that produce, distribute, or store chemicals.  

During the Northeast Blackout of August 2003, Eastman Kodak in Rochester, New York, made use of its 
CHP system to ensure that no product was lost and no costly cleanup was needed as a result of the grid 
failure. Its CHP system consists of 12 steam turbines that use coal as a primary fuel and has a capacity of 
196 MW. Its thermal output is in the form of steam (Energy and Environmental Analysis, Inc. 2004b). 

Defense Industrial Base   

The defense industrial base sector provides defense-related products and services that are essential to 
mobilize, deploy, and sustain military operations. It includes over 100,000 companies and their 
subcontractors. This sector relies on a large industrial base that requires a significant electrical load to 
produce defense-related products and services. Loss of power in this sector would weaken the military 
capability of the United States, including the ability to defend its home soil and fight wars abroad. In 
short, a loss of power in this sector would leave the country particularly vulnerable to attack, and weaken 
its domestic and international military presence.  

The Portsmouth Naval Shipyard in New Hampshire is primarily responsible for the overhaul, repair, 
modernization, and refueling of Los Angeles Class nuclear-powered submarines. The facility maintains 
one 5.2 MW natural gas engine and one 5.5 MW dual fuel engine, both equipped with heat recovery 
boilers for cogeneration. Furthermore, the shipyard houses two diesel engines (2 MW each) for backup 
electricity, in addition to numerous smaller diesel generators. The shipyard can cover its entire load with 
this capacity, but may at times receive power from, or export power to, the grid (the latter takes place to 
“prop up” the grid during times of congestion or system stress). The shipyard can and on occasion has 
completely separated from the grid without affecting normal operations. These instances include 
September 11, 2001, as well as ice storms that have beset the region in the last several years.60 

Banking and Finance   

The banking and finance sector is a large and diverse sector that includes all banks, primarily Federal and 
State-chartered depository institutions. Through the offering of financial products, financial services firms 
do the following: 

• allow customers to deposit funds and make payments 
• provide credit and liquidity 
• allow customers to invest funds  
• transfer financial risks between customers 

A loss of electricity would have powerful implications for this sector, which is the backbone of the world 
economy. It could make customers unable to obtain cash, either from banks or from ATMs. It could also 
disable the stock market and disallow the sale and trade of investment products. The risk-transfer 

                                                      
60 Sharon Parshley, Energy Manager, Portsmouth Naval Shipyard, telephone conversation, April 25, 2006. 
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community could also be affected, meaning, for example, the inability of customers to file insurance 
claims and recoup costs.  

The longer financial markets and banking services are disabled, the worse the economic impact of any 
crisis situation would be; thus, DE would ensure that the economic cost — and general chaos, disruption, 
and dislocation of a disaster — would be lower than otherwise. Microturbines, fuel cells and photovoltaic 
systems can provide electricity to automated teller machines (ATMs), or to provide critical and 
emergency power to physical banks, financial trading networks, risk-transfer organizations, securities 
firms, and other financial institutions. Total loads could be provided by larger engines and turbines.  

In the wake of the 1998 ice storm that affected parts of Québec, Ontario, and the northeastern United 
States, Corporation de Chauffage Urbain de Montréal (CCUM) supplied 100% of the load for several 
large office buildings that included the National Bank of Canada and Sun Life Insurance. This was made 
possible with a 1 MW steam turbine, four boilers, and two 500 kW diesel reciprocating engines.61   

Commercial Facilities 

The commercial facilities sector is a broad sector that includes hotels, commercial office buildings, public 
institutions, convention centers and stadiums, theme parks, schools, colleges, apartment buildings, 
restaurants, and shopping centers. This sector makes extensive use of electricity to provide human 
comfort (heating, air conditioning, ventilation) in addition to powering the appliances that society uses on 
a daily basis. Furthermore, electricity is used extensively in this sector for the preparation and cooking of 
food.  

Loss of power in this sector would have immediate effects on a large number of people (including the 
probability of panic) and would be associated with the inability to provide human comfort, lighting, and 
operation of the appliances on which we depend. In such events, maintaining large office buildings or 
other facilities such as stadiums or shopping malls with power would mitigate chaos by maintaining a 
level of public confidence. Loss of electricity additionally results in the spoilage of refrigerated and 
frozen food.  

A number of technologies are appropriate to sustain this sector with heating, ventilation, air conditioning, 
refrigeration, lighting, and the operation of electrical appliances, including renewable energy of all types, 
large engines and microturbines, fuel cells, and hybrid systems. 

In 1998, an ice storm affected parts of Québec, Ontario, and the northeastern United States. In downtown 
Montréal, Corporation de Chauffage Urbain de Montréal (CCUM) supplied a group of high-rise office 
buildings with electricity and steam via its district energy system. CCUM operates a 1 MW steam turbine, 
four boilers, and two 500 kW diesel engines. This generation capacity was enough to support 100% of the 
load for all 20 office buildings that CCUM services, a total of 14 million square feet, and enabled these 
facilities to operate independent of the grid for 13 days, until utility service was restored.62   

                                                      
61 Mike Murphy, Corporation de Chauffage Urbain de Montréal, telephone conversation, January 25, 2006. 
62 Mike Murphy, Corporation de Chauffage Urbain de Montréal, telephone conversation, January 25, 2006. 
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Postal and Shipping 

The postal and shipping sector is responsible for the movement of hundreds of millions of messages, 
products, and financial transactions each day. This sector uses electricity to process millions of letters, as 
well as small- and medium-sized packages each day. In addition to distribution and sorting facilities, 
electricity is also needed at post offices throughout the country, in both rural and urban communities.  

Distributed generation systems can provide direct electric and thermal energy for postal and shipping 
facilities. In fact, two large postal facilities in northern California have recently installed distributed 
generation systems, the San Francisco Processing & Distribution Center (P&DC) and Embarcadero Postal 
Center. The P&DC maintains a hybrid solar/fuel cell power plant with a 250-kW fuel cell and 285 kW in 
solar panels (Renewable Energy Access, 2006). 

Government Facilities and Services 

The government facilities and services sector includes facilities that are typically built, leased, or 
otherwise acquired to perform a specific department or agency mission at the Federal, State, or local 
level. A facility can consist of one building or multiple buildings on the same site. Power is necessary in 
this sector to provide services normally required by buildings:  electricity, air conditioning, heating, 
chilled water, and ventilation. Power is also needed to facilitate government disbursement programs, 
including Social Security, Medicaid, and veterans’ benefits.  

A loss of power would render useless the facilities in which governmental departments and agencies 
operate. This would significantly affect the ability of all levels and areas of government to maintain order 
and provide administration. The ability of the government to disburse funds to recipients would be 
adversely affected, leaving many without money, and possibly result in desperation among those who are 
reliant on this money, including the elderly, the disabled, single mothers, and veterans. On-site generation 
such as that provided by natural gas turbines with CHP, in additional to fuel cells, geothermal energy, 
photovoltaics, and hybrid systems could be utilized to provide services normally required by buildings. 

The Los Angeles Department of Water and Power headquarters in downtown Los Angeles, California, is 
powered by a 250 kW fuel cell. The organization’s Main Street facility receives electricity from a second 
fuel cell with a capacity of 200 kW (University of Dayton Sustainability Club, 2006). 

7.5 Major Findings and Conclusions 

Recent examples from nearly every area of critical infrastructure as defined by DHS verify that DG is a 
viable means for reducing vulnerability to terrorism and could have the potential to improve the resilience 
of electrical infrastructure. This is based on actual cases in which DG continued to provide power to 
critical facilities during times of large-scale power disruptions and outages. These types of outages 
closely resemble the potential effects of a terrorist attack, one that could be directed at the grid and its 
components to maximize the loss of power delivery capability. A resilient grid can avert many types of 
losses, be they economic, material, or information, or losses of human life, health, safety, and 
communication. DG is one important tool that offers a solution for safeguarding against future losses, 
including those resulting from terrorist activity.   
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Section 8. Rate-Related Issues That May Impede  
the Expansion of Distributed Generation 

8.1 Summary and Overview 

In many states across the country grid-connected DG is subject to a variety of rate-related and other 
impediments that can ultimately hinder the installation of DG units. These impediments result from 
regulations and rate making practices that have been in place for many years. In the vast majority of 
instances these rate making practices are under the jurisdiction of the states. Recently, there have been 
activities in many states to address these impediments in order to make it easier for DG developers, 
customers, and interested utilities to install DG units. Subtitle E of the Energy Policy Act of 2005 
contains several provisions which require the states to consider net metering, time-based rates, and 
interconnection of DG units. These provisions are expected to increase the pace of activity in the states to 
address rate-related issues that affect DG. 

The most common rate-related impediments that affect DG owners and operators include the potential for 
lost revenue on the part of utilities, and practices such as standby charges, retail natural gas rates for 
wholesale applications, exit fees, and sell-back rates. There are several other rate-related issues which are 
somewhat less common; these include payments for locational marginal pricing, capacity payments, co-
generation deferral rates, and remittance for line losses. 

There are also several non-rate related impediments that affect the financial attractiveness of DG and 
these include interconnection charges, application and study fees, insurance and liability requirements, 
and untimely processing of interconnection requests.  

8.2 Introduction to Utility Rates 

Utility rates have the greatest impact on the practicality of DG because they affect the payback rate and 
time period for the DG investment. Unfortunately, a simple analysis of current utility rates and DG costs 
is not sufficient for payback analyses because utilities may have rates and charges specifically for DG that 
are not included in the customer’s current rate. The potential magnitude of these impacts can vary 
substantially depending on the technology chosen, the size of the generator, charges for utility system 
studies, interconnection application fees, and specifics of the serving utility’s rate structure.  

For example, an analysis of standby charges in New York State (Energy Nexus Group and Pace Energy 
Project 2002) showed their material impact on project payback terms. For an 800-kW engine with 
combined heat and power (CHP), the simple economic payback ranged from less than 2 years with no 
standby charges, to 6 years with the utility’s proposed standby charges. Other technologies showed 
similar impacts, with payback periods roughly doubling depending on standby charges alone. 

Consider the siting of a CHP plant at a hospital in San Diego, California. For this hypothetical example 
the optimized size for the CHP plant is 1000 kW. The operating cost is estimated at 8¢/kWh. Off-peak 
rates (weekends and nights) are 7¢/kWh, which will not support operation. On-peak rates (7 a.m. to 
9 p.m., Monday through Friday) are 18¢/kWh providing sufficient savings to support operation during 
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this period. Without any rate- related impediments, the customer could expect an approximately 6-year 
simple payback (See Table 8.1). Typical barriers shown in Table 8.2 would increase the simple payback 
to 11.5 years, which discourages private investment. If these barriers were not sufficient to stop the 
project, many utilities are allowed to offer a subsidized rate to induce customers to continue buying power 
from the utility, rather than generate their own. Table 8.3 shows the impact of lowering the rate from 18 
to 15¢/kWh, which, by itself, would increase the simple payback to 8.1 years. In many states customers 
may attempt to leave the utility system to avoid standby, interconnect, and non-coincidental peak demand 
charges; however, utilities then charge an exit fee, the impact of which can be found in the last item of 
Table 8.3. 

Table 8.1. No Direct Rate-Related Impediments 

Size 
(kW) 

Installed Equipment 
Cost $/kW First Cost 

Spark Spread 
($/kW) 

Operating 
Hours 

Annual 
Savings 

Simple 
Payback (yrs) 

1000 $2,000 $2,000,000 $0.1 3500 $350,000 5.7 

  Source:  Southern California Edison 2006. 
 

Table 8.2. Tariff Impediments 

Impediment Description Barrier Cost 
Change to Simple 

Payback Impact (yrs) 

Standby Charge ($6/kW/mo) -$72,000 annually +1.5 
Non-Coincidental Off Peak Demand Charge ($12.5/kw/mo) -$127,000 annually +3.3 
Interconnect Charges $300,000 upfront +1.0 
Total Impact  +5.8 

 Source:  Southern California Edison 2006. 
 

Table 8.3. Impact of Lowering Rate 

Indirect Tariff Impediment Project Financial Impact Impact on Payback 

Load Retention Rate $245,000 annually 2.4 
Exit Fee $1,000,000 upfront 2.9 

                 Source:  Southern California Edison 2006. 

Energy user and technical associations, and State and Federal entities have attempted to address such 
impediments through user information, new technical standards, policy development, and outreach. A 
recent report by Johnson et al. (2005) consisted of a survey of state activities on DG including regulatory 
proceedings, tariffs, publications and interviews. This section provides an analysis of many of the issues 
raised in that report. 

Investor-Owned Utilities, Public Utilities, and Restructured Markets 

The electric utility industry consists of a large number and variety of entities. In general, there are 
generation companies (including utilities) that produce power, which is sold in wholesale power markets 
and delivered through high-voltage power lines to retail utilities. Retail utilities may own their own 
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generation and transmission lines, but they always own local distribution lines to serve their retail 
customers. Most utilities purchase at least some power from wholesale power markets and many sell 
power through these markets. A small number of large power users (typically industry and Federal 
agencies) purchase power directly from the wholesale power market, bypassing local utilities. 

Retail utilities are organized following one of two models. The first is the typical corporation that is 
owned by stockholders and earns a profit on power sales, called “investor-owned” utilities (IOUs). The 
second is one of several forms of “publicly owned” utilities (POUs), including rural electric cooperatives 
and municipal utilities. IOUs are subject to rate regulation by State and Federal regulators. POUs are 
mostly exempt from state and Federal regulation. Despite the wave of market restructuring legislation that 
dominated the electric utility industry in the 1990s, the majority of utility customers in the United States 
today are still served by traditional state-regulated IOUs, municipal utilities, or rural cooperatives.  

For states that have restructured from traditional state regulation, this section will address those tariff 
issues that remain under the control of regulators that can impact CHP and small power production (DG) 
facilities. In restructured states, generation prices are theoretically set by market competition. However, 
several restructured states have also developed interconnection procedures and pro forma agreements to 
reduce barriers to distributed generation systems. This includes states such as California, Michigan, New 
Jersey, New York, and Texas.  

Principles of Rate Regulation 

Rate classes—or groupings of customers—and the concept of ratemaking in general, developed as 
utilities and regulators recognized that various customer groups had similar load and service 
characteristics. As such, the utility could develop a cost of service (COS) allocation for each class and 
have a single rate or a few rates to cover each class. The cost of service for each class would cover 
expenses, overheads, and a fair rate of return (ROR) on equity to the utility. The revenue from rates in 
each class are expected to cover the costs of service for the class. If revenue from one class exceeds its 
COS, its use by another class would be called cross-subsidization of that class.  

In general, rates, rules and requirements for customers within a customer class should be comparable. 
“Comparability” is a ratemaking term that means possessing the same characteristics or similar 
characteristics. If rates, rules, and procedures within a customer class are not comparable to all customers 
served under that class, either with or without DG, then rate-related issues may provide barriers or 
impediments to development and expansion of DG facilities. 

In a typical ratemaking case, utility service is often divided into various COS components: 

• Customer. The metering, billing, and other fixed costs associated with serving each type or class 
of customer. 

• Transmission. Typically identified as costs for high-voltage lines and facilities and is handled as 
interstate commerce and regulated by the Federal Energy Regulatory Commission (FERC). 

• Distribution. The costs of local delivery from network transmission substations to the customer 
location, typically at a lower voltage than the transmission network. 
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• Generation. The fixed costs of generators or capacity purchases that are pledged to make up 
overall supply of power and energy to the customer and the energy associated with the generation 
or purchase. 

State regulation, by an elected or appointed board, sets allowable rates and other rules of utility service. In 
return, the utility can recover its cost of service—including prudently incurred business expenses—and a 
fair return allowed on equity. Caywood (1972) provides terminology often used for rate-related matters 
and regulation. Rate-related issues are bundled under the term “tariffs.”  Tariffs and parts of tariffs 
include the following: 

• Rates. The prices for electricity. 

• Terms and Conditions of Service. Rates plus provisions for billing and load conditions. 

• Rules and regulations. The general practices the utility must observe. 

• Tariffs. The term that encompasses all the schedules, rules, and regulation of the utility. 

8.3 Rate Design 

James Bonbright’s 1961 text on the principles of utility regulation remains the comprehensive synthesis 
upon which regulators and courts rely when setting utility rates. They emerged from more than 60 years 
of regulatory case law at both the State and Federal levels.63  Paraphrased, Bonbright’s principles are: 

• Revenue-Related Objectives 
− Rates should yield the total revenue requirement. 
− Rates should provide predictable and stable revenues. 
− Rates themselves should be stable and predictable. 

• Cost-Related Objectives 
− Rates should be set so as to promote economically efficient consumption (static efficiency). 
− Rates should reflect the present and future private and social costs and benefits of providing 

service (i.e., all internalities and externalities). 
− Rates should be apportioned fairly among customers and customer classes. 
− Undue discrimination should be avoided. 
− Rates should promote innovation in supply and demand (dynamic efficiency). 

• Practical Considerations 
− Rates should be simple, certain, payable conveniently, understandable, acceptable to the 

public, and easily administered. 
− Rates should be, to the extent possible, free from controversies as to proper interpretation. 

These principles are so well-understood and widely accepted that parties often advance them in support of 
their positions and regulatory agencies cite them as criteria to be met by their decisions.64 

                                                      
63  Some of the major court decisions on the principles of rate-setting are: Smith v. Ames, 169 U.S. 466 (1898); Bluefield Waterworks & 

Improvement Co. v. Public Service Commission, 262 U.S. 679 (1923); federal Power Commission v. Hope Natural Gas Co., 320 U.S. 591 
(1944); Market Street R.R. Co. v. R.R. Commission of California, 324 U.S. 548 (1945), and Duquense Light Company v. Barasch, 488 U.S. 
299 (1989). 

64  See, for example, Fuels Research Council, Inc. v. Federal Power Commission, 374 F.2d 842 (7th Cir. 1967) [invoking Bonbright in support 
of the proposition that capacity is built to meet peak demand] and VT Public Service Board Docket No. 5426, Order of July 22, 1992 [in 
which the Board accepts Bonbright’s principles as guidelines in designing electric rates].. And even where not directly cited, the influence 



 

 8-5 

Rate Elements and the Rationale Behind Them 

To serve loads on demand, the electric system must have the capacity—generation, transmission, and 
distribution facilities—to serve peak loads, measured in kilowatts (kW) or megawatts (MW) in the instant 
of greatest demand for electricity. Power (and transport capability) must be on hand if peak is to be met. It 
follows too that, if capable of meeting peak, the system is also capable of meeting lower-than-peak loads 
and that, at such times, some portion of its capacity will be idle. There are, of course, a variety of peak 
demands—a customer’s individual peak, that of customers served by a particular distribution radial, 
substation, or transmission line, and that of a system in the aggregate—and these peaks do not necessarily 
occur at the same times (i.e., coincide).  

Although planners design the system to meet peak, consumers are interested in the actual energy, i.e. kWh 
delivered to their premises, rather than capacity. Kilowatt-hours are created and delivered via operating 
capacity; they measure the output of capacity over time.65  

Regulatory economists desire rates that reveal the economics of system planning and operations and they 
will argue that such rates achieve several objectives, especially the recovery of (and no more than) the 
legitimate costs of serving load from those whose loads cause those costs. This is a principle of both 
fairness and economic efficiency and, like most principles, it is more easily expressed in abstract than 
satisfied in practice. To the uninitiated, retail electric tariffs often appear quite complicated. While that 
judgment is not altogether unfair, it’s nevertheless true that the essential price structures that they contain 
are fairly straightforward. There are three basic components of electricity rates: (1) periodic, fixed 
recurring fees, called customer charges, usually to recover the billing and metering costs that are not 
thought to vary with usage; (2) charges for units of capacity used or reserved to serve a customer’s 
highest periodic demand; and (3) charges for units of energy delivered and consumed. 

Demand charges are a means of allocating and recovering the costs of the capacity, measured in kilowatts, 
to serve the various peaks (system, individual, local network, etc.) to which a customer’s usage 
contributes. They are often differentiated by type of capacity: generation, transmission, or distribution. 
They are intended to give the larger users strong incentives to manage their peak demand most efficiently, 
thus minimizing the investment in facilities that the utility must make on their behalf. Given that such 
facilities are typically long-lived and, in the short run, unvarying with demand for energy, capacity 
charges are often “ratcheted” by some multiplier (fraction) of customer peak demand for a specified 
number of months after the incurrence of that peak.66  For example, in an annual demand ratchet rate 

                                                                                                                                                                           
of Bonbright’s synthesis (and those of other regulatory economists such as Alfred Kahn, whose two-volume The Economics of Regulation 
[John Wiley & Sons, Inc.: New York, 197o and 1971] has acquired a similar status) can be seen: see, for instance, Re Central Maine Power 
Company, 150 P.U.R. 4th 229 (Mine PUC 1994). 

65 That the system must not only meet peak loads but also serve energy needs at all times has profound implications for the kinds of capacity 
that planners choose. Although this point is not immediately à propos to this paper, it is nevertheless appropriate to acknowledge it. If 
serving peak load were the system planner’s only concern, he or she would rightly choose the least expensive capacity that could reliably do 
the job. However, it happens that there is a trade-off in generation between the costs of capacity and the costs of operation: low-cost 
capacity is marked by high operational cost and, conversely, high-cost capacity by low-cost energy. This is a general proposition and the 
plotted relationships aren’t always neat and clean, but it explains why single-cycle gas turbines are among the most cost-effective of 
peaking resources, used very few hours in a year, and why hydro-electric, nuclear, coal, and gas combined-cycle units are built to serve base 
and intermediate loads. Thus, that portion of the capacity costs of units that exceeds the cost of the least-expensive (peaking) capacity can 
rightly be regarded as an energy cost, and treated as such for ratemaking purposes. See Edward Kahn, Electric Utility Planning and 
Regulation, American Council for an Energy Efficient Economy, Washington, DC, 1991. 

66 A typical ratchet calls for the customer to be billed, in each of the eleven months following its peak demand, for either 80% of that peak 
demand or the peak in that month, whichever is greater. If a higher peak occurs, that new demand forms the basis of a new ratchet, which 
then extends for the following 11 months. 
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design, a customer with a peak load 10 MW in August will be charged for 10 MW of demand for the 
subsequent 12 months. If the demand exceeds 10 MW during that period, the ratchet is “reset” at the 
higher level and extended for another 12 months.  

Ratchets are useful in rate design because they make revenues from demand charges more stable from 
month to month. Typically, the monthly demand charge with a ratchet rate design is lower than it would 
be otherwise as well. Therefore, ratchets have the effect of turning a fee that would otherwise vary with 
changes in demand into something more of a fixed charge that locks a customer into a minimum periodic 
payment for the duration of the ratchet. While there’s certain logic behind ratchets—they link customer 
charges to the longer-term nature of the capacity obligations that they, the customers, cause—the logic is 
not absolute. Ratchets can constitute financial barriers for customers seeking alternative and more 
efficient means of meeting their energy needs. 

Not all customers take service under tariffs that make use of demand charges. Rate designs depend on the 
levels and patterns of usage. For instance, the energy and capacity costs to serve lower-volume residential 
and commercial users are typically combined (through algebraic means) in unit energy charges ($/per 
kWh), as the expected benefits of customer response to differentiated demand and energy charges are 
generally not found to justify the costs of requisite metering and billing infrastructure (Kahn 1970; 
NARUC 1992).67 

8.4 Rate-Related Impediments 
The principles of ratemaking noted previously include allocation of costs to the customer or customer 
class that causes them. The installation of DG reduces utility power sales revenues, may cause the utility 
to incur costs for power purchases or losses on power sales for power expected to be used by the DG 
customer, reduces rate revenue from non-power related charges in rates (such as “wires” charges and 
general and administrative expenses included in a kWh rate), and so on. These costs would shift to other, 
non-DG customers if the utility did not recover them specifically from DG customers. This constitutes a 
subsidy of DG customers by other rate payers. By the same token, DG systems provide potential benefits 
to the utility and, by extension, other ratepayers, as noted elsewhere in this report. Accordingly, DG 
customers feel they are subsidizing the utility and other ratepayers. The primary rate-related impediments 
to DG noted by its developers include: 

• lost utility sales revenue 
• standby charges 
• retail natural gas rates for wholesale applications 
• exit fees and stranded costs 
• sell back rates, including net metering, retail power prices/rate credits, and wholesale prices 
• locational marginal price payments/credits 
• capacity payments/credits 
• co-generation deferral rates 
• payments/credits for line losses. 

                                                      
67  Pilot projects in Florida and California have recent found that other rate designs for lower-volume customers, such as critical peak time-of-

use pricing, can produce benefits from customer demand response that significantly outweigh the added infrastructure costs. See materials 
available on the website of the Mid-Atlantic Distributed Resources Initiative (MADRI) at http://www.energetics.com/MADRI/. 
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Loss of Utility Sales Revenue 

Nature of the Impediment 

Regulators establish rates based on specific load growth projections. If the load does not increase as 
projected, utilities may not recover sufficient revenue to cover the costs of capital investments. Demand 
side management tools such as energy efficiency (EE), CHP, and renewable energy (RE) can reduce 
demand such that utility load growth projections are not met. The problem can be made worse when 
coupled with certain rate design features. This loss of revenue is the basis for the utility argument that 
installation of EE, RE, DG technologies by customers can be unfavorable to the utility’s overall financial 
health.  

The question of net lost utility revenues is generally associated with programmatic delivery of end-use 
energy efficiency measures, but it is relevant to customer-sited generation too. Both energy efficiency and 
customer DG have the potential to cause net revenue loss for the host utility (Moskovitz 2000).68 The 
disincentives to energy efficiency have been well understood for two decades, but have recently attracted 
new regulatory interest. The importance of revenue loss is a more potent disincentive to regulated utilities 
than it sounds for two reasons.  

First, lost sales at some times are greater than at others. Lost sales during high-price, on-peak periods can 
be more damaging than sales lost during other hours, when lower revenues from demand charges might 
cause an inflated net revenue reduction. In other words, the gap between the marginal cost of generating a 
kWh and the marginal revenue from its sale can be larger at some times than others, and larger than the 
gap between the overall average and marginal costs derived in ratemaking from the estimated revenue 
requirement. Since energy efficiency programs and DG installations will typically be designed to lower 
the customer bill as much as possible, they will inevitably be targeted to such high-cost periods.  

Second, because of the capital intensive nature of electricity generation, lost revenues have an 
exaggerated effect on shareholder earnings. Note that in the short-run only the fuel cost is saved if a kWh 
is not generated. Capital and other fixed customer costs are still incurred. In other words, the cost of debt 
service is large and unchanging in the short-run, so lost revenues come largely directly from the 
company’s bottom line. And of course, the converse is true. If sales exceed the expectations on which 
tariffs have been set, shareholders can benefit handsomely at the ratepayers’ expense, particularly in 
jurisdictions where tariffs are not routinely revisited by regulators and any additional fuel costs are 
automatically recovered. 

This problem was initially addressed by some states with the intention of making utilities indifferent to 
their level of sales, (i.e. not harmed by sales lost due to energy efficiency programs, a process generally 
known as “decoupling”) (Moskovitz et al. 2002; Eto et al. 1994). These efforts were inspired by fuel cost 
adjustment mechanisms that are widespread in the industry as a means of preventing significant costs or 
benefits accruing to utilities as a result of unforeseen fuel price fluctuations. For example, the Electric 
Revenue Adjustment Mechanism was introduced in California in 1981, and in various forms has been in 

                                                      
68 Moskovitz states “potential to cause” rather than “will cause” because the loss of net revenues is an empirical question. Its answer depends 

on a host of factors, including marginal power and delivery costs, customer growth, and overall revenue levels. In fact, in many instances, 
the savings to the utility that result from customer-sited resources result in net revenue gains. At its core, the question is not about revenues, 
but rather profits, and regulatory attention should be directed to methods by which utilities can be rewarded (or at least not penalized) for 
promoting societal-efficient outcomes.  
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effect ever since. California is unusual in that rate cases follow a regular cycle, and are not just initiated 
by circumstances. Between rate cases, any revenue collections that deviate from projections used when 
tariffs were last set accrue in a balancing account. At the next rate case, the balance in this account is 
considered along with all other costs in setting rates for the next period. In other words, the utility is made 
whole and neither loses from sales below expectations or collects windfalls from high sales affecting its 
earnings, while it can still benefit from efficiency improvements (Marnay and Comnes 1990). 

A recent publication entitled, Regulatory Reform:  Removing Disincentives to Utility Investment in 
Energy Efficiency, points out that traditional ratemaking processes result in a number of disincentives to 
energy efficiency, among them (1) the loss of net revenues from sales, (2) the foregoing of other profit-
making activities, and (3) regulatory restrictions on how utilities can recover program expense dollars. 
The first, loss of net sales revenue, clearly applies to the situation of customer-owned DG where local 
generation displaces customer purchases (Regulatory Assistance Project Newsletter, 2005). The second 
and third also appear to not apply to customer-owned DG, but could apply in the case of utility-sponsored 
programs in DG, where a utility might try to use small generation for system support and other benefits.  

Relationship to Regulation, Tariffs, and Markets 

State regulators have historically used price regulation for electric utility regulation. A cost-of-service 
investigation is the basis for setting prices. If the growth projections employed in setting rates are not met, 
utilities are not able to service the debt for capital improvements. Distributed generation and energy 
efficiency programs will reduce sales and may cause revenue projections to not be met. Since a loss in 
sales always causes a reduction in revenues, regulators and utilities need to look beyond revenues. In such 
situations, profits—the difference between revenues and costs—need to be examined. Distributed 
generation proponents argue that DG can be deployed in a way that reduces the new infrastructure costs 
to offset the reduced sales revenue, producing profits even while reducing total revenues. 

Standby Charges 

Nature of the Impediment 

Standby charges (also referred to as a backup charge and often including maintenance and supplemental 
services) are charges that guarantee grid availability to DG or CHP customers during a forced outage of 
the DG or CHP facility. In these standby rates, the utility continues to charge for generation and 
distribution services that the utility is ready to provide by “standing by.” One typical approach to standby 
rates is to simply charge the rates to customers with DG (referred to as “partial requirements” customers) 
as are charged to like customers that do not have DG or CHP facilities (“full requirements” customers). 
Whether rates so designed and applied encourage or discourage the development of DG depends on the 
degree to which they impose disproportionate costs on the customer for facilities that are only rarely used. 
As a practical matter, this goes to the question of whether and how ratchets and non-usage-sensitive 
prices are imposed. 

Utilities strongly argue that standby rates are needed to recover (1) the costs of grid investments 
(transmission and distribution) dedicated both wholly and in part to delivering power to customers with 
on-site generation, and (2) the costs of generation reserved to serve backup loads, in those jurisdictions 
where utilities still retain the obligation to the commodity electric service. Without standby charges of one 
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sort or another, utilities argue that DG customers would pay less than their fair share of the costs incurred 
to serve them and other customers would be required to pay more than their fair share.  

Distributed generation proponents offer several arguments in response. One is that, with respect to the 
generation capacity component, it is very unlikely that all of the local generation will be out of service at 
the same time, and that charges for standby service should be adjusted to reflect the diversity of DG on 
the system (that is, the very low probability that a significant share of the DG capacity will be inoperable 
at times of system peak). If no such adjustment is made, they argue, the utility will over-collect generation 
charges from DG facilities. In addition, DG proponents say that such standby charges are often 
discriminatory in that they impose charges on on-site facilities that are not applied to other equivalent 
load-reduction measures. Applying similar reasoning, DG proponents also argue that charges for delivery 
services should be based on the expected burden that demand for stand-by service will impose on the 
local facilities at times of local peak. This burden is not necessarily related to the size of the on-site 
generator, but rather to the probability of a certain amount of load occurring at particular times. 
Proponents also argue that standby rates should be adjusted to reflect the system benefits that distributed 
generation bestows—that is, improved reliability, deferred or avoided capital costs, and reduced 
environmental impacts. Lastly, all agree that the costs of facilities that are dedicated solely to a particular 
customer, whether partial requirements or full, should be recovered from that customer. 

Relationship to Regulation, Tariffs and Markets 

FERC has jurisdiction over the interconnection of generating facilities to transmission facilities covered 
by an open-access tariff on file at FERC and has provided guidance (described below) for development of 
standby rates for them. For interconnection to state-regulated facilities, decisions on standby charges and 
rules for rates and tariffs are made in rate proceedings, where, in the resolution of specific issues, general 
policies often get hammered out. Approaches taken by several states are illustrative of the wide range of 
policies options available: 

California. In 2001, the California Public Utilities Commission (CPUC) determined that rates for standby 
service should reflect the general nature of the service’s costs, both usage- and non-usage-sensitive 
depending on cost element under consideration. Thus, California utilities charge DG customers a 
combination of monthly, ratcheted, per-kW capacity (or demand) charges and per-kWh fees for standby 
delivery and generation services, with provisions for supplemental and scheduled maintenance services as 
well. Standby customers are charged only for the capacity that they will need in the event of an outage of 
their on-site generation. The amount of that capacity can be designated by the customer and, though 
technical and contractual means (“physical assurance”), can be fixed as a maximum. In this way the 
customer is assured of paying no more for capacity than expected, and the utility is assured that it will not 
have to reserve additional capacity to serve an unexpected load. Distributed generation technologies that 
provide system or environmental benefits are, in recognition of those benefits, exempt from certain of the 
standby charges.  
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New York. Through a series of proceedings beginning in 1999, the New York Public Service 
Commission (NYPSC) developed rate and other regulatory policies for distributed resources. Out of the 
several processes emerged an approach to standby rates that has several intriguing aspects. First, standby 
rates are structured as a combination of fixed contract demand and as-used daily demand charges, and 
supplemental and maintenance services are not separately offered. Second, there are exemptions from, or 
phase-ins of, standby rates for specified technologies. Finally, there is special ratemaking treatment of 
revenue losses and gains associated with DG installations.  

The NYPSC-issued guidelines state that standby rates “must reflect the cost of serving the standby 
customer,” and “should provide neither a barrier nor an unwarranted incentive” to DG customers 
(New York Public Service Commission, Opinion No. 01-4, p. 11). While several stakeholders argued that 
benefits of DG, such as low emission and reduced line congestion should be considered in the standby 
rates, the NYPSC determined that public policy values or benefits to utilities from DG were extraneous to 
the development of standby delivery rates, and should be considered and applied, if appropriate, in the 
context of a utility’s distribution planning process (New York Public Service Commission, Opinion No. 
01-4, p. 27). Nevertheless, the NYPSC approved exemption and phase-in policies for small DG as well as 
renewable-energy-based DG, recognizing the benefits of those DG units (see description below). Further, 
the NYPSC later argued that “the economic ‘benefits’ of reduced or avoided utility delivery system costs 
are reflected in the standby rates” in the form of on-peak, as-used demand charges that reflect “the lower 
cost responsibility of standby customers for service classification coincident peak loads (New York 
Public Service Commission, Opinion No. 01-4, p. 11).”  

New York’s standby rates consist of a customer charge; a fixed, contract demand charge; and a variable, 
daily as-used (non-ratcheted) demand charge. The standby costs of delivery are recovered through two 
types of per-kW charges that are applied to the standby customer’s demand “because the local costs of 
providing delivery service correlate with the size of the facilities needed to meet the generating 
customer’s maximum demand for delivery service (New York Public Service Commission, Opinion No. 
01-4, p. 12).”  The first is the monthly, ratcheted contract demand charge, which recovers costs of local 
facilities that are “attributed exclusively or nearly exclusively to the customer involved (New York Public 
Service Commission, Opinion No. 01-4, p. 13).” The second is the daily as-used demand charge, for costs 
associated with “shared” facilities. It is applied to the customer’s daily maximum metered demand that 
occurs during the utility’s system peak periods. 

The NYPSC does not differentiate, as others do, among types of standby service for partial requirements 
customers. The NYPSC denied a proposal for a split rate containing a “supplemental charge” and a 
“back-up charge” on the ground that “[t]he Guidelines provide cost-based delivery service rates that apply 
to the entire delivery service taken by a customer with an OSG [on-site generator] regardless of whether 
the OSG serves all or only a portion of that customer’s load (New York Public Service Commission, 
Opinion No. 01-4, p. 21-22).”69 The NYPSC also approved exemption and phase-in provisions for small 
customers (less than 50 kW) and for certain clean DG technologies. 

 

                                                      
69  New York Public Service Commission, Opinion No. 01-4, October 26, 2001, p. 21-22; New York Public Service Commission, Case 02-E-

0780 et al., Order Establishing Electric Standby Rates, July 29, 2003, p. 11; Attachment A, Joint Proposal by Orange & Rockland Utilities, 
Inc. and Consolidated Edison Company of New York, Inc. pp. 21-22. 
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Oregon. In 2004, the Oregon Public Utilities Commission approved a settlement on Portland General 
Electric Company’s (PGE) tariffs for partial requirements customers.  In the wake of the state’s industry 
restructuring, Oregon’s electric rates have been fully unbundled. Generation, transmission, and 
distribution services are all priced separately, and each generates revenues to cover its full embedded 
costs of service. 

Under the settlement, partial requirements customers, like all others, pay the full charges for distribution 
investments dedicated solely to them. These are recovered in a monthly per-kW demand charge assessed 
against what is called “facility capacity,” which is the average of the two greatest non-zero monthly 
demands established during the 12-month period which includes and ends with the current billing month 
(the minimum amount of facility capacity is the customer’s demand for grid—i.e., supplemental—power 
when the on-site generator is operating). The costs of shared distribution and transmission facilities are 
paid according to the probability of the average customer in the large non-residential class causing new 
investment. These too are recovered in monthly per-kW demand charges, but they differ in that they are 
assessed against the customer’s on-peak monthly demand (which may or may not equal facility capacity). 
Peak hours are between 6:00 a.m. and 10:00 p.m. Monday through Saturday. The several transmission 
and distribution fees are essentially the same for partial as for full requirements customers (a one-penny 
difference in one rate element). 

The PGE settlement is innovative in its treatment of stand-by generation capacity. The load served by the 
on-site generation is treated in the same manner as any other load on the system, which, under Oregon 
rules, is obligated to have (or contract for) its share of contingency reserves. The on-site generation is, in 
effect, both contributing to, and deriving benefits from, the system’s overall reserve margin. The PGE 
tariff differentiates between two types of contingency reserves: the spinning reserves needed to 
instantaneously serve the load that is exposed when the on-site generation fails and the supplemental (or 
10-minute) reserves that will come online shortly thereafter. 

Under the new rates, the partial requirements customer pays or contracts for contingency reserves equal to 
7.0% (3.5% each for spinning and supplemental reserves) of the “reserve capacity,” i.e., either the 
nameplate capacity of the on-site unit or, in the alternative, of the amount of load it does not want to lose 
in case of an unscheduled outage (if the customer is able to shed load at the time its unit goes down, then 
it will be able to reduce the amount of contingency reserves it must carry). 

To simplify the billing, the monthly demand fees for the two reserves are equal to 3.5% of their full cost. 
There are separate charges for the two types of reserves, but the charges are the same. All but the first 
1,000 kW of reserved capacity required for customers with on-site generation is subject to the 
contingency reserve charges. The charges for the contingency reserves are multiplied by the reserve 
capacity. Mathematically the effect of this approach is the same as multiplying the full charges for the 
reserves by 3.5% of the needed capacity. If the customer so chooses, it may forego purchasing 
contingency reserves from PGE and, instead, purchase them from other providers in the market. 
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Actual energy received under unscheduled service is priced at an indexed hourly wholesale price, 
adjusted for wheeling, risk (to compensate PGE for any differences between the actual and indexed  

 

prices), and losses. Electric needs in excess of the demand served by the on-site generator are provided 
under the applicable full requirements tariff. Maintenance service is also available, for a maximum of 744 
hours per year. It must be scheduled at least thirty days in advance; the timing and amount of the demand 
will determine whether incremental monthly as-used transmission and distribution charges will be 
incurred. 

The effect of the PGE rate design is to give the partial requirements customer a strong financial incentive 
to operate its on-site generation, particularly during on-peak times. The energy charges and the charges 
for shared transmission and distribution facilities—significant portions of the cost of stand-by service—
are avoidable through the reliable operation of the on-site generation. The costs of dedicated distribution 
facilities and contingency reserves are, in effect, access fees that cannot be avoided by either the full 
requirements or partial customer.70  

The Oregon Public Utilities Commission recently approved a partial requirements tariff for PacifiCorp, 
the state’s largest investor-owned utility. In its essential features, it mirrors that of PGE. 

                                                      
70  Note that the method by which revenues to cover the costs of contingency reserves are collected from partial requirements customers differs 

from that for full. Whereas partial requirements customers pay monthly demand charges for contingency reserves, the cost of contingency 
reserves for full requirements customers is included in their energy prices. 
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Minnesota. In 2004, the Minnesota Public Utility Commission (MNPUC) issued an order71 on DG tariffs 
and policy. In an attachment to the order, the MNPUC set out guidelines for the regulatory treatment of 
customers with on-site generation. About the design of standby rates, it established the following policies:  

Table 8.4. Minnesota General Electric Standby Rate Structure 

Minnesota Energy Electric Schedule 75, Partial Requirements Service 
Delivery Voltage  

Secondary Primary 
Sub 

Transmission 

Basic Monthly Charge    
Single-Phase Service $20.00    
Three-Phase Service $25.00 $150.00 $500.00 
     

Transmission & Related Services    
Per kW of monthly Demand $0.78 $0.78 $0.78 
     
Distribution Charges    
The sum of the following, per month:    
Per kW of Facility Capacity $2.27 $1.65 $0.32 
Per kW of monthly Demand    
First 30 kW $0.56 $1.90 $1.06 
Over 30 kW $1.90 $1.90 $1.06 
     

Generation Contingency Reserves    
Spinning Reserves    
Per kW of Reserved Capacity > 1,000 kW $0.234 $0.234 $0.234 
Supplemental Reserves    
Per kW of Reserved Capacity > 1,000 kW $0.234 $0.234 $0.234 
    
System Usage Charge    
Per kWh $0.00485 $0.00354 $0.00257 
     

Energy Charge    
Baseline Energy Per Schedule 83 
Scheduled Maintenance, max 744 hrs/ calendar year Daily or Monthly Fixed, per Schedule 83 
Unscheduled Dow Jones Mid-Columbia Hourly Firm Electricity 

Price Index, wheeling charges, a $0.003/kWh 
recovery charge, and a loss adjustment 

 

                                                      
71  Minnesota Public Utility Commission. In the Matter of Establishing Generic Standards for Utility Tariffs for Interconnection and Operation 

of Distributed Generation Facilities Under Minnesota Laws 2001, Chapter 212. Docket no. E-999/CI-01-1023. St. Paul, 2001. 
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For Firm Service:72 

Generation (capacity): The monthly reservation fees are equal to the percentage of the 
planned reserve margin of the utility times the applicable capacity rates. [The approach 
discounts the generation portion of the capacity charge by over 80% based on typical 
planning reserve margins.] 

Transmission: Terms conditions and charges for transmission service are subject to the 
individual utilities’ or MISO’s Open Access Transmission Tariffs or their successors as 
approved by FERC. 

Local Distribution: The monthly charges equal the monthly charge under the 
applicable distribution charge. There is no discount on the local distribution charge. 

Several state commissions have used exemption of standby rates as a policy tool to encourage certain DG 
facilities.73  These are a function of either size, where the small size of the generator renders non-cost-
effective the administration of a separate standby tariff, or of technology, in an effort to promote 
environmentally friendly systems (Johnson et al. 2005).  

Exit Fees and Stranded Costs 

Nature of the Impediment 

Exit fees came to prominence during utility restructuring as competition and loss of customers became 
more common. Exit fees are paid by customers who, for whatever reason (the use of on-site generation or 
taking of service from a competitive provider), reduce or cease taking service from their local utilities. 
The rationale for these fees is to recover the costs of facilities (distribution, transmission, and generation) 
and contracts that utilities have incurred on behalf of these customers under their legal “obligation to 
serve.” If the customer generates rather than purchases much of its energy, the utility is burdened with 
costs that it can no longer recover. Utilities argue that this puts a burden on the remaining customers (as a 
whole or in the particular rate class) who will have to pay a greater share of costs as a consequence.74 
Distributed generation advocates argue against the application of exit fees, asserting that it is by no means 
clear that the decrease in revenues associated with one customer (or group of customers) won’t be made 
up for by new sales to others,75  and they say that such fees unfairly and negatively impact the economic 
viability of a project.  

A number of states—including California, New York, and Pennsylvania—allow exit fees to be charged, 
but these are primarily associated with the recovery of stranded costs caused by the introduction of retail 
competition (see the following paragraph). In some cases, they are calculated on a case-by-case basis 
(Midwest Combined Heat and Power Application Center 2006). Opponents have argued persuasively that 
it would, in most instances, be unjust to levy them against customers who remain in the service territory 

                                                      
72  Minnesota Public Utility Commission Docket No. E-999/CI-01-1023, Attachment 6, page 4. 
73  Massachusetts and New York, for example.  
74  Note that this is true whenever a customer leaves the system and no other customer or sales replace the net lost revenues. 
75  The issue is, strictly speaking, not one of gross revenue losses, but rather of net revenue losses and reductions in earnings. Reductions in 

sales are accompanied by a reduction in costs that must be accounted for in any calculation of financial impact on the utility. 
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when such fees are not, and have never been, charged against customers who simply depart the service 
territory.76 

While exit fees are promoted on the grounds that they recover costs that would otherwise be stranded or, 
more likely, collected from other ratepayers, they are a different “stranded” cost than that which was the 
focus of much attention during the restructuring debate. In restructuring, “stranded cost” was the alleged 
difference (generally assumed to be negative) between the book and market values of regulated utilities’ 
generation assets, i.e., those assets that were now going to be subject to competitive forces and whose 
costs were no longer to be recovered in regulated rates (which would now consist primarily of 
transmission and distribution costs).  

As part of the overall settlement on restructuring in various states, the estimated book value of utilities’ 
assets that were lost in market valuation and sale was typically recovered through a “competitive 
transition fee” paid by all consumers. As such fees are paid by all consumers in a state, they should not, 
by themselves, pose a barrier to DG deployment (except to the extent that their existence encourages 
customers to locate in jurisdictions that do not have such charges). Indeed, if the installation of on-site 
generation enables a customer to avoid stranded cost charges, they act more as an incentive than a 
hindrance. 

Relationship to Regulation, Tariffs, and Markets 

Exit fees and stranded costs recovery generally came under scrutiny with the utility restructuring that 
occurred in the late 1990s and early 2000s. In 1996, the FERC issued a ruling that utilities could recover 
100% of their stranded costs if FERC’s open transmission access rule allowed wholesale requirements 
customers to leave the system. States adopted their own approaches to the issue. Typically, rules were 
enacted to cover the loss of customers to alternative suppliers, usually for a specific period of time. In 
several states, this loss of load was extended to the addition of customer generation where the customer 
provided much of his own supply. California, Illinois, Massachusetts, New York, Pennsylvania, and 
Texas all have or have had exit fees for local generation. Actual fees vary by state. Fees are often an 
assessed fee multiplied by the customer’s historical usage in kWh. Some are set up to be one-time 
payments, while other states require payments over time. Fees are sometimes included as a competitive 
transition charge (CTC). 

Natural Gas Rates 

Nature of the Impediment 

Natural gas-fired DG systems installed on a customer’s premises are generally charged for gas use under 
residential or commercial retail rates. These rates are often based on usage patterns and volumes 
associated with space and water heating, or cooking. Distributed generation systems use considerably 
more fuel than a home or office furnace, and these higher volumes and load factors justify lower unit 
costs for natural gas than comparable non-DG customers. As such, DG systems are the only “power 

                                                      
76  Massachusetts, for instance, allows exit fees to be charged against DG applications that are greater than 60 kW. Renewable energy 

technologies and fuel cells are exempt regardless of their power rating. Also, cogeneration equipment with a combined heat and power 
system efficiency of at least 50 percent and customers who operate or buy from an on-site generation or cogeneration facility of 60 kW or 
less that is eligible for net metering will not be subject to an exit charge. Http://www.eea-inc.com/rrdb/DGRegProject/States/MA.html 
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plants” required to pay retail rates for fuel; all other plants, regardless of ownership, are supplied via 
wholesale fuel contracts.  

In many instances, the difference between wholesale and retail rates are sufficient to eliminate any 
financial savings the project may have generated, despite its significantly enhanced Btu utilization. The 
national fuel efficiency benefits of co-generation and combined heat and power systems are thus 
inadvertently masked by the financial impact of retail fuel costs. 

Relationship to Regulation, Tariffs, and Markets 

Because DG systems are located at or near the point of use, they typically receive low-pressure natural 
gas from the local distribution (LDC) service provider. The LDC thus argues that, absent retail markup, 
they cannot recover their own capital costs. Natural gas LDCs and retail gas prices are regulated by state 
public utility commissions. 

In New York, the NYPSC issued orders in 2003 for LDCs to develop special gas-delivery rates for gas-
fired generation at customer locations. As Figure 8-1 illustrates, the new DG tariffs submitted by New 
York regulated utilities and made permanent by NYPSC in June, 2004, effectively cut delivery charges in 
half, compared to non-DG retail gas customers, and provide 8-37% total savings over non-DG customers. 

Figure 8-1. Monthly Delivery Charges for a 700-kW Customer Using 23,000 Therms 
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In 2001, New Jersey Natural Gas Company (NJNG) petitioned the New Jersey Board of Public Utilities 
(NJBPU) to approve a DG tariff. In its rate filing, NJNG concluded the deployment of DG would improve 
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its seasonal system load factor, make better use of existing assets, and offset potential price increases for 
existing customers. NJBPU found that the filing was reasonable and approved the rates in a January, 2003 
decision.77 

Compensation for Output 

The primary benefit of DG to the customer is that it displaces power purchased from the utility when it is 
cost effective to do so. The current utility rate is the most natural basis for comparing cost effectiveness, 
but this is not always the appropriate metric. The buy-back rate or credit for displaced use varies from 
state to state and utility to utility, as does the mechanism for measuring and “counting” production. In 
general, the rates and mechanisms vary based on generator size and occasionally, power source (i.e., solar 
versus natural gas).  

The operation of some DG devices is independent of customer power use. For example, a solar 
photovoltaic system on a vacation home may produce more power than is needed when the house is 
unoccupied. As a result, some states and utilities also restrict the total amount of power that can be “sold 
back” to the utility on the basis of customer use/bill. In other words, a customer may not be allowed to 
sell back to the utility more power than it uses on a monthly or annual basis. Any generation over that 
threshold is essentially “free” to the utility. Another way of restricting DG is to limit the total amount of 
DG installed or purchased to some fraction or amount of utility load.  For example the utility may be 
required to purchase DG output up to the point that aggregate output exceeds 2% of total utility load.   

Some DG generation facilities can provide surplus power and energy that can be sold into the market. For 
CHP facilities, the local thermal load can be satisfied and matching electrical output can provide surplus 
electrical output for sales. For DG facilities in a retail setting, a project could easily have seasonal or daily 
surpluses that would be available for sales. For DG facilities that are focused on the wholesale market, the 
entire amount of output could be directed to the market. In all of these situations, the price paid for output 
will impact the viability of a project, and lack of a fair price will be an impediment or barrier to economic 
DG or CHP facility development.  

Various mechanisms can be used for paying for surplus DG output. For smaller generators, some states 
have embraced a concept called “net metering.” In concept, net metering allows customer generation of 
certain sizes and types to get full retail rate credit for their output by “running the meter backwards.”  In 
practice, each state has its own rules for net metering. Some allow for full credit at the retail rate and 
others establish other, typically lower, credit values based on avoided cost or some other metric, over a 
known time period, typically monthly or annually. Prices paid for surplus output can also be established 
through separate Power Purchase Agreements (PPAs) negotiated between the utility and the distributed 
generator under regulator-approved rules or through regional competitive mechanisms conducted by 
ISOs. Avoided-cost-based rates, developed in a number of states pursuant to PURPA, have generally been 
replaced with these kinds of market-based mechanisms, anticipating or in response to the 2005 Energy 
Policy Act. Larger DG systems and systems on non-residential loads typically require additional metering 
at additional cost to the customer. This enables a greater variety of mechanisms for compensating DG 
owners for power they produce. It should also be noted that the 2005 Energy Policy Act includes a 
requirement that state regulatory authorities and nonregulated utilities consider net metering; however, it 

                                                      
77  State of New Jersey Board of Public Utilities. In the Matter of New Jersey Natural Gas Company Distributed Generation Tariff Filing. 

Docket no. GT01070450. New Jersey, January 8, 2003. 
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does not specify a metering mechanism or buy-back rate or credit. A summary of compensation 
mechanisms includes the following: 

• Net metering where the meter “runs backwards” and the customer is compensated at its retail rate 

• Net metering for compensation by the retail utility at prevailing wholesale rates (avoided costs) 

• Sales into the wholesale power market in deregulated areas 

• Compensation for capacity (reduction of demand charges) 

• Compensation for reduction of transmission constraints under locational marginal cost pricing 
(LMP) 

• Compensation for transmission and distribution system loss reduction 

It will become evident in the following discussion of each of these compensatory mechanisms that all are 
not offered by all utilities nor available to all DG customers. Increased availability of each would 
significantly improve the economic environment for installation of DG systems. Further, utilities and 
regulators have historically allowed co-generation deferral rates to actively discourage DG. This 
disincentive rate is discussed at the end of this section. 

Net Metering 

Net metering78 is a policy option available to the states to promote certain types of customer-located DG 
(solar and small wind, for example). While its absence does not prevent the installation of any 
economically justifiable DG, its presence often helps to make the case for it. There are several approaches 
to net metering. A simple method is to install the generation on the customer side of the meter and allow 
the meter to run backwards when the generator produces more energy than the customer needs. In a given 
month, the customer can bank energy and is only billed for net consumption. A customer who generates 
does not receive any payment for generation, but receives a reduced bill and generation is valued at full 
retail rates. A second method of net metering, often called net billing, charges the customer retail rates for 
use and pays the customer a special rate for energy production. This type of net metering requires a meter 
enhancement to make it work. This approach provides payments to customers based on predetermined 
buy-back rates, typically the utility’s avoided costs.  

Utilities often argue that net metering is a form of cross-subsidy, since the retail rate credit invariably 
exceeds the utility’s avoided costs. Technology proponents argue that net metering allows capture of 
benefits with a simple approach and that the cross-subsidy, if there is one at all, is exceeded by the overall 
benefits provided to the system by the on-site generation. Policymakers typically target the net metering 
program to small solar, wind, and other technologies that are deemed to be environmentally benign and 
also cap the amount of total net-metered generation allowed on a utility system. 

                                                      
78  - Map of net metering by state: http://www.dsireusa.org/documents/SummaryMaps/NetMetering_Map.ppt 
 - Interconnection tables by state: http://irecusa.org/connect/state-by-state.pdf 
 - Progress of states in considering net metering and interconnection under EPAct: www.irecusa.org/articles/static/1/binaries/ 
 <http://www.irecusa.org/articles/static/1/binaries/EPAct.doc> EPAct.doc 
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Relationship to Regulation, Tariffs, and Markets 

Net metering at the retail level is under the control of state regulators. It is often viewed by states as a 
policy implementation procedure that encourages addition of beneficial technology with a minimum of 
programmatic cost. State legislators often target technologies to certain renewable technologies such as 
solar and wind. For example, the Arkansas Renewable Energy Resources Act, which is emblematic of the 
laws in the many other net-metering states, states that, “Net energy metering encourages the use of 
renewable energy resources and renewable energy technologies by reducing utility interconnection and 
administrative costs for small consumers of electricity (Arkansas Renewable Energy Development Act, 
Act 1781 of 2001. HB 2325. Attachment 1, Section 2).” States also often cap the amount of net-metered 
capacity to ensure that it does not have a substantial or deleterious impact on utility operational and 
financial performance. [The first website listed below doesn’t work.] 

California has the Nation’s largest net metering program. The policy promotes renewable technologies to 
reduce environmental impacts, diversify fuel sources, stimulate economic development, and improve 
distribution system performance. Technologies include wind, solar, and biogas digesters. Net metering in 
California is currently capped at 0.5% of a utility peak demand.79  

Utilities in the states listed in Table 8.5 offer net metering for certain classes of customers and 
technologies. (Interstate Renewable Energy Council 2006). 

Retail Buy-back Rates 

Nature of the Impediment 

Distributed generation facilities that serve local load may see beneficial economics by selling surplus 
capacity and energy to the interconnecting utility or to the wholesale marketplace. Further, some DG 
facility installations have no or very small loads and are intended to sell output into available markets. If 
the means of selling output to the utility or into wholesale markets are not available, or if the prices 
offered for DG output are below market rates, DG facilities will be economically disadvantaged.  

Table 8.5. Net Metering Offered by States 

State Size and Technology State Size and Technology 

Arizona 10 kW wind and PV New Hampshire 25 kW PV, wind, hydro 
Arkansas 25-100 kW renewables, fuel cells, 

and micro-turbines 
New Jersey 2 MW renewables 

California 1-10 MW PV, bio-gas, fuel cells New York 10-400 kW PV, biomass, wind 
Colorado 2-10 kW wind, PV, small hydro North Dakota 100 kW renewables, CHP 
Connecticut 100 kW renewables 

50 kW fossil fuels 
Ohio 25-100 kW renewables 

Delaware 25 kW renewables Oklahoma 100 kW renewables, CHP 
Florida 10 kW PV, wind Oregon 25 kW+ renewables, fuel cells 
Georgia 10-100 kW PV, wind, fuel cells Pennsylvania Varies. renewables 

                                                      
79 North Carolina State University, “Database of State Incentive for Renewable Energy (DSIRE),” Accessed September 15, 2006 at 

http://www.dsireusa.org/ last updated September 15, 2006. 
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Hawaii 50 kW PV, wind, biomass, hydro Rhode Island 25 kW renewables, CHP 
Idaho 25-100 kW renewables, fuel cells Texas 20-50 kW renewables, fuel 

cells, micro-turbines 
Illinois 40 kW PV, wind Utah 25 kW renewables, fuel cells 
Indiana 10 kW PV, wind, small hydro Vermont 15-150 kW PV, wind, biomass, 

fuel cells 
Iowa 500 kW renewables Virginia 10-500 kW solar thermal, PV, 

wind, hydro 
Kentucky 15 kW PV Washington 25 kW renewables, fuel cells 
Maine 100 kW renewables, fuel cells, CHP Wisconsin 20 kW renewables, CHP 
Maryland 200 kW wind, PV, biomass Wyoming 25 kW renewables 
Massachusetts 60 kW renewables, fuel cells, CHP   
Michigan 30 kW renewables   
Minnesota 40 kW renewables, CHP   
Montana 50 kW PV, wind, hydro   
Nevada 150 kW renewables   

CHP= combined heat and power 
PV= photovoltaic 

Relationship to Regulation, Tariffs, and Markets  

FERC has a long history of involvement in framing markets for certain renewable and CHP technologies. 
PURPA mandated purchase of output from qualifying facilities (QFs) by utilities. The basis of the price 
of purchase was “avoided cost” in which the state determined the avoided cost of its regulated utilities.  

EPACT 2005 requires FERC to modify its rules requiring purchase of output of QFs. The Act terminates 
PURPA’s mandatory purchase and sale requirements if FERC determines that the facility has access to 
independent day-ahead and real-time markets and other non-discriminatory services.  

One approach to this issue is net metering, described above. Some states have gone beyond net metering 
to require regulated utilities to directly purchase DG electric output. 

California. A recent proceeding80 in California addressed the issue of whether distribution costs should 
be “de-averaged” to reflect geographic differences, not in rates, but in credits or buy-back prices to be 
paid distributed resources. Such credits or prices would reflect the actual distribution savings that a 
distributed resource would provide. There was some support for this procedure because it would allow 
cost-based buy-back rates for DG that provided benefits by deferring new facilities in the areas that 
needed support. The California Public Utility Commission concluded that its rules permit utilities to enter 
into contracts with customers that install DG, thus allowing a utility to encourage DG site location. 

Minnesota. In the Matter of Establishing Generic Standards for Utility Tariffs for Interconnection and 
Operation of Distributed Generation Facilities Under Minnesota Laws 2001, Chapter 212,81 the 
Minnesota Public Utility Commission provided guidance to utilities for the design of buy-back rates for 
                                                      
80 California Public Utility Commission Proposed Decision of Commissioner Lynch January 10, 2003.8.3.2 Discussion: Contracting for 

Distributed Generation Obviates Need for Deaveraged Tariffs or Incentive Programs at This Time. 
81  Minnesota Public Utility Commission, Docket No. E-999/CI-01-1023 
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purchase of DG output. These provisions include a must-buy provision by utilities and also require that 
rates should reflect the value of the generation to the utility and the costs that the utility expects to avoid. 
Capacity payments would be appropriate if the utility shows a deficit in any year of a five-year planning 
period. 

Wisconsin. For all generators below 20 kW, net metering provisions apply. Generators larger than 20 kW 
will receive buy-back rates that are either negotiated or based on avoided costs as determined for that 
utility. 

Wholesale Buy-back Rates 

PURPA mandated utilities to purchase the output of certain small power production facilities, renewable 
energy systems, and CHP facilities, which qualified for designation as PURPA generators (QFs), at state-
determined avoided costs. Section 210(m) of PURPA, which was added to PURPA by EPAct 2005, 
relieves utilities of the obligation to enter into new contracts or obligations with QFs if the QFs have 
nondiscriminatory access to wholesale markets described in Section 210(m)(1) of PURPA. 

Policymakers and operators of regional grids are now beginning to address the issues surrounding the 
participation of customer-sited resources in wholesale markets. Grids and markets that were originally 
designed to optimize the operations of large, central generating stations are ill-equipped to capture the 
value of distributed resources and deal with their peculiar needs. Modifying the market rules, operational 
requirements, and, perhaps most important, the means of purchase and sale (“settlement” in the system 
operator’s lexicon) is a resource-intensive and, in many instances, contentious undertaking. Still, progress 
has been and is being made.82  The following are issues specific to wholesale markets. For each, the role 
DG can play in addressing the issue is discussed (EPRI 2003).  

Lack of Locational Marginal Price 

Nature of the Impediment 

Wholesale markets in the Midwest, the East, California, and in Texas make use of LMP, to varying 
degrees, to manage congestion on the grid. LMP-based, day-ahead and real-time markets can encourage 
deployment of DG facilities in areas of the system where their output will be most highly valued. Whether 
the absence of LMP can be viewed as an impediment or barrier to DG development depends, in large 
measure, on overall prices in the market and on the market rules generally. 

Locational marginal price calculations (from price bids) produce the top incremental cost to anyone that 
can deliver energy to specific locations on the grid. Having this locational component can be valuable to 
DG facilities if they are located in regions with high costs and where surplus output can be sold. 
Historically, these prices at peak and other times of congestion can be substantially higher than average. 
Where dispatch output can be controlled and matched to expected daily patterns, LMP pricing can support 

                                                      
82  Two examples of successful multi-stakeholder processes are the New England Demand Response Initiative (NEDRI, 

http://nedri.raabassociates.org/) and the Mid-Atlantic Distributed Resources Initiative (MADRI, http://www.energetics.com/MADRI/). 
NEDRI contributed to, among other things, the adoption of output-based emissions standards for distributed generation in Connecticut, 
Massachusetts, and Maine (and shortly in Rhode Island); the development of rules that allow demand resources, including end-use energy 
efficiency, to participate in the regional capacity market (see http://www.iso-ne.com/committees/comm_wkgrps/othr/drg/index.html); and 
the consideration by regulators of more dynamic retail pricing structures. The MADRI work is ongoing. 
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DG installations by offering them market prices for energy. The overall market benefits when local power 
is able to reduce system costs.  

Relationship to Regulation, Tariffs, and Markets 

Locational marginal pricing is an element of most wholesale energy markets operated by RTOs or ISOs, 
subject to regulation by FERC.  The operation of those markets is detailed in lengthy, complex tariffs. 

Lack of Regional Capacity Markets 

Nature of the Impediment 

On the grounds that the short-run energy markets are, by themselves, too volatile and risky to encourage 
and reward investment in new capacity, some ISOs have created (or are in the process of creating) 
capacity markets (installed capacity, or ICAP) aimed at providing suppliers a steady stream of revenues to 
cover some portion of their investment costs. In this way, longer-run system reliability can be assured. As 
alternative resources such as DG and end-use efficiency can satisfy reliability needs, the absence of a 
capacity market can be viewed as an impediment to their development.  

For example, the New York ISO has a bidding system with prices for capacity at three geographic 
locations. Practically speaking, this means that the capacity price in New York City is usually higher than 
the rest of the state. The market administered by the NYISO makes it substantially easier for DG facilities 
to market and obtain a revenue stream from surplus capacity. The mere existence of a capacity market, 
however, does not necessarily mean that the problem is solved. The short-term (1-year) payment streams 
that the early ICAP markets provided have generally failed to provide the kinds of incentives that new 
investment requires. For this reason, both ISO-NE and PJM are currently in the process of redesigning 
their ICAP markets to compensate capacity providers not only for capacity today but also for the future 
(e.g., two, three, five years hence) delivery of capacity. 

Relationship to Regulation, Tariffs, and Markets 

Regional wholesale capacity markets are under FERC jurisdiction. Both PJM and NYISO have had 
success in programs for distributed generators that provide emergency system support, bid capacity or bid 
energy or demand response into the day-ahead market. 

Credit for Loss Reduction 

Nature of the Impediment 

One of the benefits of DG is that transmission and distribution capacity and energy losses are eliminated 
or reduced by local generation sited close to the load. This means that the purchases of excess supply 
from the DG or CHP facility at or near a load site is worth more than the same amount of capacity and 
energy purchased from a remote site.83 For example, a utility purchase of capacity and energy could be 
delivered to other nearby loads with losses that are negligible when compared to delivery from central 

                                                      
83  In fact, savings from reduced losses flow not only from the sale of excess DG power to the grid, but also (and primarily) from that portion 

of DG output that serves the customer on site. The existence of the DG avoids the need for grid-supplied power to the customer and, 
therefore, also the losses associated with it. 
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plants located miles away. A lack of price recognition for these loss reductions can be an impediment to 
the expansion of DG facilities. 

Relationship to Regulation, Tariffs, and Markets 

FERC’s Pro Forma Open Access Tariff84 requires transmission providers to specify the method for 
handling losses. 

Relationship to Regulation, Tariffs, and Markets 

Most transmission tariffs generally call for the application of average system loss factors when calculating 
capacity and energy needs for delivery from network resources to network loads (without running local 
generation). This generally means that a municipal utility with local generation taking Network Integrated 
Transmission Service (NITS) would continue to pay for average losses even when generating and 
providing load with local supply generation. In many instances of NITS service, no credit is given for 
reduced losses provided by DG or CHP. 

However, for certain ISO and RTOs, including MISO and the NYISO, FERC has approved another 
method of handling losses. This is an incremental-losses method that is based on calculating the cost for 
the ISO or RTO to provide the last MWh of loss supply. The loss calculation is used within the LMP 
process to give both this incremental value and the locational value of where the losses are supplied and 
used. In these instances, the ISO or RTO dispatches generation to provide the losses, load nodes pay 
incremental costs for losses, and generator nodes are paid for these incremental losses. This approach is 
favorable to DG because it allows local generation to capture incremental value, which is generally higher 
than average value, and takes into account the location of the generation. 

At retail, state regulators determine utility buy-back rates for customer DG facilities. How these rules and 
retail buy-back rates can play in DG development has been discussed earlier. Buy-back rates are 
developed under regulatory rules and the treatment of losses is covered under this rule-making authority. 

Co-Generation Deferral Rates 

Nature of the Impediment 

Prior to investing in an DG or CHP facility, commercial and industrial utility customers investigate the 
economics and feasibility of the new local generation by, among other things, comparing its total costs 
and benefits to continuation of service under the existing rates or contract. Customers for whom such 
analyses show on-site generation to be cost-effective pose a unique challenge to utilities. As utility profits 
are linked, under traditional price regulation, to sales (i.e., throughput), utilities naturally worry about the 
loss of energy and capacity sales to customers and often seek regulatory approval to offer special reduced 
rates (often called “co-generation deferral” or “competitive” rates) to retain the customer. Such rates 
reduce the value of the on-site facilities and often render them uneconomic. Utilities argue that loss of 
sales to key customers leaves a burden on the remaining customers and that it makes sense to retain a 
customer at a reduced rate (thus securing at least some revenue contribution to cover the utility’s 
investment costs) rather than lose it altogether. DG developers and others argue that the utilities’ offering 

                                                      
84 Pro Forma Open Access Transmission Tariff sec. 15.7, Order No. 888, 61 FR 21,540 (May 10, 1996). 
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of below-tariff rates to retain customers is an impediment to and barrier to adoption of valuable DG 
technologies and may constitute, in certain cases, illegal preferential treatment of particular customers.85 

Relationship to Regulation, Tariffs, and Markets 

Under state retail regulation, utilities typically request approval from state commissions to offer deferral 
rates to customers that would otherwise generate locally for some portion of supply. Approval is needed 
because offering a price break to an individual customer means that the customer would be paying rates 
that are less than those paid by other, like customers; the state regulatory commission determines whether 
the legal criteria that would justify a deviation from tariffs have been met. Any reduction in sales means 
that, all else being equal, the remaining customers in the rate class will be asked to pay a larger share of 
class-related costs to cover the portion no longer paid by the selected customer. It is up to regulators to 
determine whether there are any, or a sufficient level of, net system benefits to justify the discounted 
rates. 

Table 8.6 provides a summary of some of the activities being used or discussed in states across the 
country to address the rate-related impediments to DG. 

Table 8.6. Summary of Potential Solutions to Rate-related Impediments 

Impediment Solutions 

Loss of Utility Revenue • Performance Based Regulation (PBR) 
• Sharing of savings between utility and customer DG 
• De-averaging of buy back rates for DG 

Standby Charges • Waiving of standby charges in constrained areas or in cases where 
customer will guarantee load reduction 

Exit Fees and Stranded Costs • Requirement of proof that an asset is actually being stranded 
• Sunset provisions 

Natural Gas Rates • Rebates for customer-located DG, covered by Federally mandated 
congestion charges (recovery of costs to administer rebate program) 

• Non-restriction of firm or interruptible service under which DG 
customer can receive service 

• Dual meters (gas and electrical output) 
• Riders from gas LDCs that guarantee DG customers are treated in the 

same manner as any other firm or interruptible customer 
• Legislation that insures a long duration of gas rebate 
• No performance standards with regard to gas 

Lack of Net Metering • Most states have a net metering program, but interconnection must be 
straightforward and not costly 

Retail Buy-Back Rates • States can direct resources to their most highly valued uses to more 
fairly compensate DG for the system benefits it can provide 

• Geographically de-averaged retail distribution credits 
• DG as less costly means of providing service where marginal costs of 

distribution are high 
Lack of Locational Marginal Pricing • Ability for DG to participate in wholesale market 

                                                      
85  State regulatory law prohibits the granting of preferential rates or other treatment to favored customers. Typically, rates are considered 

preferential (or, for that matter, discriminatory) when they lack a basis in cost for their difference from the rates charged to customers of 
similar size and usage patterns. 
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Impediment Solutions 
Credit for Loss Reduction • For retail situations, regulators could incorporate savings in line losses 

provided by DG into the regulated prices to be paid for surplus output 
• For wholesale situations and regional markets, expansion to 

incremental loss calculations would provide the correct price signal to 
distributed generators with surplus output to sell 

Co-Generation Deferral Rates • Deployment of DG should be considered in the context of least-cost 
provision of service and the revenue question dealt with separately 

• Regulators allow pricing flexibility in low-cost areas of the distribution 
system only if the utility increases rates in high-cost areas 

 

8.5 Other Impediments 

Distributed generators may be subject to siting rules and regulations similar to those that apply to utility 
generation, depending on size. Regardless, any generator that is directly connected to the local utility grid 
will also be subject to rules adopted by that utility, usually with the concurrence of local regulators. These 
rules and regulations are primarily designed to ensure the integrity of the local utilities’ service quality per 
State and Federal regulations and to protect the safety of both utility staff and other individuals using the 
electric grid. The utility is also liable for certain impairments of service quality and for accidents and 
injuries associated with its power lines and other facilities. Accordingly, utilities and regulators have 
adopted a variety of rules, procedures, and fees to ensure anyone connecting electrical generating 
equipment to the utility’s lines will not affect utility service quality or expose the utility to potential 
liability claims. Although these rules and procedures are essential, they are not uniform across utilities. As 
a result, some utility rules and procedures may present impediments to DG and some utility fees may be 
unjustified or extreme. The areas most often cited as potential impediments include the following: 

• Unnecessarily expensive interconnection requirements86 

• Excessive or unnecessary application and study fees 

• Liability, insurance, indemnification, and dispute resolution requirements 

• Untimely processing of interconnection requests 

Interconnection Requirements 

Nature of the Impediment 

When interconnecting a DG system to a utility distribution grid, the interconnection best meets both the 
utility’s and energy customer’s needs when it is done in a way that 

• Ensures the safety and integrity of the grid  

• Identifies and employs the most cost-effective design available 

                                                      
86   - Interconnection tables by state: http://irecusa.org/connect/state-by-state.pdf 
         - Progress of states in considering net metering and interconnection under EPAct: www.irecusa.org/articles/static/1/binaries/ 
 <http://www.irecusa.org/articles/static/1/binaries/EPAct.doc> EPAct.doc 
 



 

 8-26 

The impediment and/or barrier that presents itself to DG installations is the potential for discriminatory 
requirements being placed on the interconnection by the local utility that exceed the physical attributes of 
the DG system proposed. When these added requirements are placed on an installation (usually under the 
analytic umbrella of “safety”), the cost effectiveness of the installation can be greatly compromised and 
projects are oftentimes abandoned. 

Operation of a DG system that is interconnected to the distribution grid must not present any system 
protection concerns for other assets on the utility power system. Also, operation or failure of local 
generation must not threaten the safety of line workers or the safety of the public in general. For DG 
facilities, the issues of system protection and safety of workers and other people are typically addressed in 
a set of rules or requirements that are historically proposed by the local utility and approved by state 
commission. These rules put in place a process that has several phases including application, review, 
studies, design hardware requirements, and testing.  

Although these documents attempt to provide standard interconnect requirements, they all specify that the 
local utility has final approval on what needs to be done and, therefore, determines the cost of  the 
interconnections. There is little to no recourse to settle any technical disputes in utility decisions and 
provisions regarding interconnection to their grid. This leaves the procedures vulnerable to discriminatory 
requirements that exceed the physical attributes of the system under consideration, and can negatively 
influence the decision to invest in a DG or CHP system. 

Common industry practices related to interconnection rules and requirements that are identified as 
barriers to DG are the burdensome technical interconnection requirements (including expensive 
hardware) and the related costs of studies for interconnecting and other specific contractual requirements. 
These other contract requirements include mandated provisions for liability, insurance, indemnification, 
timeliness and dispute resolution, and are addressed in other sections. Since there has been no common 
standard and states vary considerably, DG manufacturers and vendors have had difficulty in addressing 
the different standards with common hardware and approaches.  

Utilities maintain that the technical requirements are needed to ensure the safety of utility workers, ensure 
the quality of electric service, protect valuable system equipment, and ensure that other customers are not 
subsidizing the DG facilities.  

Distributed generation proponents state that, in some cases, these rules and requirements are excessive, 
arbitrary, time consuming, and add unnecessary costs to the projects. They also argue to regulators that 
overly burdensome provisions by utilities can be used to shelter the utility, show preference for the 
utility’s own generation, and fail to take advantage of DG benefits.  

Relationship to Regulation, Tariffs, and Markets 

The published rules and requirements for the interconnection of DG systems to the local distribution grids 
normally come under the oversight of the state commerce and/or utility commissions. To assist the states, 
several Federal and national entities have developed “model interconnect standards.” Some 13 states 
including California and Texas have worked extensively to standardize DG interconnection requirements 
and rules to minimize barriers to interconnection of new generation supply (U.S. Environmental 
Protection Agency Combined Heat and Power Partnership 2006). Overall, various parties have developed 
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interconnection rules that tend to vary across the United States. While many rules are similar, there is no 
basic document that sets threshold levels, impact levels, study, requirements or other matters.  

Industry Response to Technical Interconnection Impediments 

To assist in overcoming the barriers related to small generation technical interconnection procedures, the 
Institute of Electrical and Electronics Engineers (IEEE), through industry Standards Coordinating 
Committee 21, has developed and published two standards (1547 and 1547.1) related to interconnecting 
distributed resources with the electric power grid (IEEE Std. 1547-2003; IEEE Std. 1547.1-2005). These 
standards documents were developed through a broad stakeholder consensus process approved by the 
American National Standards Institute (ANSI) and now provide the basis upon which most (if not all) 
utilities and states develop their specific set of rules and requirements. At the present time, many of the 
design and study issues that are the basis for the impediments and barriers are only identified in the IEEE 
standards, and their implementation is left up to individual states. The overall success of the IEEE 
standards in providing uniform approaches has yet to be fulfilled. While the IEEE work has provided a 
framework, rules and requirements are still being developed on a state-by-state basis. 

Standard 1547.1 is a complementary standard that provides tests and procedures for verifying 
conformance to Standard 1547. The standard recognizes that the interconnecting equipment can be a 
single device providing all required functions or an assembly of components providing various functions. 
Standards 1547 and 1547.1 are the first two of a series of standards and guides under development to 
address interconnection of DG. Other standards are under development to address conformance test 
procedures, an application guide, and a guide for monitoring and control of resources. The intent of these 
standards and guides is to provide a single set of documents for technical requirements that can be used as 
a model on national, regional, and state levels. Thus, the authors’ goal is that the standards and guides will 
be used by utilities and State and Federal regulators in deliberations that formulate and streamline 
technical requirements for interconnection of generating technologies of up to approximately 10 MVA 
that would be installed on the utility distribution system.  

The National Association of Regulatory Utility Commissioners (NARUC) developed a proposed 
interconnection rule and published a report entitled Model Distributed Generation Interconnection 
Procedures and Agreement in 2002 that addresses many issues related to the barriers that interconnection 
rules pose for the deployment of distributed resources (NARUC 2002). Whereas IEEE 1547 focuses on 
technical matters, the NARUC rule and others (such as the model developed by MADRI [Energetics, Inc., 
2005]) also deal with a number of regulatory policy issues. 

At least two other DG interconnection models have been developed. The Interstate Renewable Energy 
Council (IREC) combined many of the IEEE and FERC provisions in 2005 and produced a set of model 
provisions (IREC 2005). In addition, the National Rural Electric Cooperative Association (NRECA) 
group has developed a toolkit to help electric cooperatives with legal, economic, and technical issues of 
customer-owned generation. The toolkit is available online to interested parties (National Rural Electric 
Cooperative Association 2006). 

For the wholesale marketplace, FERC has ordered transmission providers to standardize interconnection 
procedure requirements for small generators 20 MW and under that interconnect to FERC-jurisdictional 
transmission facilities and that plan to market output into wholesale markets that are regulated by FERC. 
Standardized process procedures and agreements are required. The policy drivers for these procedures are 
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to limit opportunities for utilities to favor their own generation, to reduce unfair impediments to market 
entry for small generation, and to encourage investment in generation and transmission infrastructure.  

FERC Order 2000 requires public utilities (investor-owned, as defined by FERC) that operate interstate 
transmission to amend their open-access tariffs to include standard interconnection procedures in a form 
similar to the Small Generator Interconnection Procedures (SGIP) adopted by FERC 
(70 FR 71760-71772). The SGIP standardizes many procedures and contract terms such as what 
constitutes a small generator and who pays for studies, testing, and any network upgrades. The standard 
procedures provide three ways for a utility to evaluate a request for interconnection. First, a default study 
process is proposed that could be used for any small generator request. Second, a fast track and simpler 
process is proposed for generators no larger than 2 MW that have been certified (and tested) by a 
nationally recognized certification laboratory. Third, a process developed for certified inverter-based 
generators no larger than 10 kW can be used. All three processes are designed to ensure that the 
generation interconnection does not endanger the safety or system protection of the transmission system. 
They are also designed to remove any potential undue burdens placed on DG owners or installers by 
utility transmission owners. 

While municipal utilities and cooperative utilities that have not paid off their Rural Utility Service debt 
are not subject to the full range of FERC regulation, FERC has obtained their involvement and 
cooperation in transmission rules and requirements—such as for interconnection—by using a 
“reciprocity” provision: municipal and cooperative utilities are not allowed to take advantage of open 
access transmission or regional markets unless they offer their own systems to others on comparable 
terms.  

Application Fees and Study Costs 

Nature of the Impediment 

On the retail level, application fees and study costs by utilities can be a barrier to effective interconnection 
of DG facilities. High application fees that are not cost-based can deter development by adding an 
expensive front-end cost to development. In addition, expensive technical studies can be a front-end cost 
burden, depending on the situation. The situation where studies are required but technically not needed, 
adds an unneeded financial burden to DG or CHP developments.  

Relationship to Regulation, Tariffs, and Markets 

Several state regulators have moved to standardize many application fees and study charges. On the 
wholesale level, FERC has proposed a fast-track screening process for situations in which detailed 
interconnection studies are not needed. 

State regulators have worked to develop procedures and processes that address the concerns of both 
project developers and utilities. Fees are often set as a function of facility size and screens are often used 
to determine those facilities that require added study, and a final fee can typically be imposed to cover 
any needed utility system modification. Usually, states develop an all-encompassing process that covers 
application, contract or agreement, commissioning, and testing. Table 8.7 details some typical values for 
the various fees. 
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Based on the theory that those who cause a cost should pay that cost, state rules generally make the 
generator pay for any upgrades or distribution system improvements required for proper interconnection 
of the generation.  

Table 8.7. Distributed Generation Application or Study Costs by State 

Jurisdiction Application/Study Fees More Detail 

California $0 Net metering  
$800 All Other under 10 kW 
+$600 Added Review  
$1400 Min. if customer elects bypass 

Utilities to track but not charge customers for costs 
to study interconnection 

Massachusetts $3/kW with $300 minimum and $2,500 
maximum 

Interconnection study fees may apply at actual cost 

New York $350 Non-refundable 
$0 DG < 15 kW 

Applied to cost of interconnection. 

Texas Expedited: 
<500 kW radial system 
<20 kW network system 

Study fees could apply 

Wisconsin $0 <20 kW 
$250 >20 to 200 kW  
 
$500 >200 kW to 1 MW 
$1000 >1 MW-15 MW 

No engineering review or distribution study fee 
Max $500 ea. engineering review & distribution 
fee 
Cost-based engineering review & distribution fee 
Cost-based engineering review & distribution fee 

The NARUC model does not include suggested fees; they are under state jurisdiction. The FERC small 
generation agreement has a suggested fee of 50% of the good faith cost estimate for the feasibility study 
with a minimum of $1,000 (70 FR 71760-71772). 

Liability, Insurance, Indemnification, and Dispute Resolution 

Nature of the Impediment 

Certain contract provisions for interconnecting a generator, such as high liability and related insurance 
coverage, and onerous indemnification provisions, can be barriers to DG development. Such requirements 
are likely based on the installation of much larger generators; in such cases, the scale of the insurance 
required can substantially exceed typical coverage either for homeowners or for commercial 
establishments. Some utility-proposed insurance requirements may not be available to a certain class of 
customers, such as residential.  

Efficient settlement of disputes between a DG developer and a utility is critical to the proliferation of 
clean DG. State and Federal regulators have mandated certain dispute resolution processes to assist in 
facilitating beneficial DG. Texas, New York, and California have established processes with (1) initial 
informal/good faith processes, (2) specific time limits and (3) final resolution with the commission. For 
wholesale applications, FERC employs an alternative dispute resolution process. 
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Relationship to Regulation, Tariffs, and Markets 

State commissions can and have determined insurance and other liability requirements for interconnected 
DG. Some typical liability insurance requirements are shown in Table 8.8. At the wholesale level, FERC 
frames the issues of liability, insurance, and indemnification, but leaves the quantities of liability up to 
contract negotiation.  

Artice 8 of FERC’s SGIA provides: 

The Interconnection Customer shall, at its own expense, maintain in force general liability 
insurance without any exclusion for liabilities related to the interconnection undertaken pursuant 
to the Agreement. The amount of such insurance shall be sufficient to insure against all 
reasonably foreseen direct liabilities given the size and nature of generating equipment being 
interconnected, the interconnection itself, and the characteristics of the system to which the 
interconnection is made (70 FR 71760-71772). 

Table 8.8. Liability Insurance Requirements for Certain Jurisdictions 

Jurisdiction Minimum Liability Insurance Coverage More Detail 

Minnesota <40 kW $300,000 
>40 kW to 250 kW $1,000,000 
>250 kW $2,000,000 

 

New York No coverage required of the customer  
Vermont <15 kW $100,000 

>15 kW to <150 kW $300,000 
Net metering program 
Net metering program 

Washington $200,000  
Wisconsin <20 kW $300,000 

>20 to <200 kW $1,000,000 
>200 to <1 MW $2,000,000 
>1 MW to <15 MW Negotiated 

The applicant shall name the utility as an 
additional insured party. Each party shall 
indemnify, hold harmless and defend the 
other party. 

FERC rules also limit liability of one party to the other for the amount of direct damage actually incurred. 
Neither party is liable to the other for indirect or consequential damages. The parties also agree to 
indemnify, defend, and hold the other party harmless from any damages or claims made by third parties. 

Industry Response to Contract and Related Barriers and Impediments 

Beyond the technical interconnection issues, there have been several industry-wide efforts comparable to 
the IEEE interconnection work but covering contractual barriers and impediments other than technical 
interconnection topics. These typically contractual topics can be rates paid for surplus sales, rates and 
charges, liability, insurance, indemnification, or related provisions. Progress in addressing these issues 
has been made in State, regional, and Rederal venues. The primary focus of this report is an analysis of 
DG development barriers with respect to proposals, approaches, and positions taken in State, regional, 
and Federal regulatory venues.  

The NARUC model rule also addresses contract terms (NARUC 2002). This effort is parallel to the 
proceedings at IEEE and FERC and has been designed to harmonize state approaches to distributed 
generation interconnection. The model procedures and agreements are intended to be resource documents 



 

 8-31 

for state commissions and industry stakeholders and to serve as a catalyst for state proceedings on DG 
interconnection developments.  

The documents have been developed through a working group of experts in the topic area. NARUC has 
drawn on the experience of those who have worked on these issues in various state proceedings. The 
resulting procedures and the agreement address various issues typically identified as barriers including 
timelines, fast-track processes, dispute resolution, construction responsibility, pre-certification testing, 
limitations of liability, indemnification, and insurance. The procedures and proposed agreement are 
designed for flexibility, allowing various parts to be modified by state regulatory decisions.  

FERC’s SGIA lays out the responsibilities and obligations of the parties for operation, metering, reactive 
power, testing, liability, insurance, dispute resolution, and other contract topics. 

Several Regional Transmission Organization (RTO) or Independent System Operator (ISO) transmission 
organizations have made efforts to lower barriers for market entry of small generation facilities into 
wholesale markets. These particular RTOs and ISOs follow FERC rules for SGIP and SGIA, but they 
have also worked to encourage market access for these generators. For example, the New York ISO and 
Pennsylvania/New Jersey/Maryland Interconnection (PJM) RTO both have implemented FERC 
compatible interconnection and agreement procedures. In addition, they allow small generation facilities 
to participate in various locational energy, capacity, and demand response markets, thus, receiving market 
prices for delivered power and energy.  

Timeliness 

Nature of the Impediment 

A prolonged period for evaluation of an interconnection request causes a burden for DG facility 
development when such studies and tests delay a timely decision by generation owners. The IEEE 1547 
standard recognized this; part of the development effort for 1547 was to standardize tests and procedures, 
thereby enabling their quick completion.  

In addition, the experience of many developers of DG sites is that the utility has multiple points of contact 
that make the developers unsure of who sets the rules. Some developers have experienced delays caused 
by the necessity to repeat the application process for multiple organizations within the utility. 

Relationship to Regulation, Tariffs, and Markets 

Several states have established rules to ensure timeliness of response to DG developers who request 
distribution service. Texas, California, and New York, among other states, have addressed this issue by 
establishing slightly different approaches. Texas Rule 25.11(1) requires that each transmission and 
distribution utility designate a person or persons who will serve as the single contact for all matters 
related to the interconnection request. Texas also specifies utility time periods for processing and studying 
user requests for service. New York has approached this differently and directs all applications for units 
under 300 kVA to be made to a state agency to ensure uniform treatment. The California Energy 
Commission (CEC) along with the Public Interest Energy Research (PIER) Group has developed a 
program to streamline the interconnection process (Overdomain, LLC, and Reflective Energies, 2005a). 
Under this coordinated approach, the average time from application to interconnection has dropped 
substantially. Table 8.9 describes the procedural steps and timelines for interconnection in New York, 
California, and Texas. 
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Table 8.9. Interconnection Procedures for New York, California, and Texas87 

 New York California Texas 

Step 1:  Initial communication Utility sends application and 
requirements within 3 business 
days of contact by applicant. 

Applicant completes application. 

Step 2:   Inquiry review by utility to 
determine nature of project and 
applicant’s information needs. 
Review and info sent to applicant 
by Utility w/in 3 business days of 
initial communication. 

Applicant completes application. 
Normally, Utility shall 
acknowledge receipt of application 
and state whether it is complete 
within 10 business days of receipt 
of application and fee.  

Upon receipt of completed 
application, Utility has 4 weeks 
(pre-certified equipment) to 6 
weeks (non-pre-certified) to 
process application and sign inter-
connection agreement. 

Step 3:  Application filed. 
Within 5 business days of receipt 
of application, Utility notifies 
applicant if application is 
complete.  

Utility shall complete initial review 
for simplified interconnection 
within 10 days of determination 
that application is complete.  

Pre-interconnection studies may 
extend deadline. E.g., Utility has 
up to 6 weeks additional study time 
for applicants in Network 
secondaries where aggregate DG is 
>25% of feeder loads. 

Step 4: Utility conducts preliminary 
review and cost estimate for 
completing the CESIR 
(Coordinated Electrical System 
Interconnection Review). 
Utility sends outcome of review to 
applicant w/in 5 or 15 days of 
completion of Step 3. (15 days for 
300kW<DG<2 MW 

Utility notifies applicant if 
application doesn’t pass initial 
review. Applicant pays fee and 
Utility performs supplemental 
review. Shall be completed w/in 20 
business days of receipt of 
completed application and fees. 

If substantial capital upgrades are 
necessary. 
Utility gives applicant estimate of 
cost and schedule. 
If applicant desires to proceed, 
Utility and applicant enter contract 
for upgrade.  
 
Commissioning test allowed within 
2 weeks of upgrade completion. 

Step 5: Applicant commits to completion 
of CESIR and applicable fees. 

If significant modifications 
deemed necessary, both parties 
commit to additional study at 
applicant’s expense. 

Interconnection Agreement 

Step 6:   Utility completes CESIR w/in 20 
business day of receipt of info 
required in step 5; within 60 
business days for DG>300 kW. 

Parties enter into applicable 
agreement. 

Connection, testing and operation 

Step 7:  Applicant commits to construction 
of utility system modifications. 

Construction, testing  

Step 8:   Project Construction 
Schedule as discussed with 
applicant in Step 6. 

Interconnection  

Step 9:   Facility Testing 
< 15kW – test 2hrs  

Reconciliation of costs within a 
“reasonable amount of time after 
interconnection.” 

 

Step 10:   Interconnection   
Step 11:   Final Acceptance & Cost 

Reconciliation 
within 60 days after 
interconnection 

“Absent any extraordinary 
circumstances” qualifies many 
deadlines in rule. 

 

CESIR= Coordinated Electrical System Interconnection Review 
DG= distributed generation 
87 Sources: 
 New York Public Service Commission 2005. “New York State Standardized Interconnection Requirements and Application Process for 

New Distributed Generators 2 MW or Less Connected in Parallel with Utility Distribution Systems.”  
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 California Energy Commission 2005. California Distributed Energy Resource Guide – Rule 21. 
Public Utility Commission of Texas 2002. “Distribution Generation Interconnection Manual.” 
Public Utility Commission of Texas. Substantive Rules Applicable to Electric Service Providers. Rule 25.211, available at 
http://www.puc.state.tx.us/rules/subrules/electric/25.211/25.211.pdf  

 
Note that the rule and manual differ slightly. For example, the rule says “For a facility with pre-certified 
equipment, interconnection shall take place within four weeks of the utility's receipt of a completed 
interconnection application,” whereas the manual, referencing the rule says, “Allowable Time from 
receipt of completed application to a signed interconnection agreement: 1) Systems using pre-certified 
equipment, 4 weeks (Texas PUC Rule §25.211(m)(1)).” 

Under wholesale regulation at FERC, the proposed small-generator procedures document puts into place 
fast-track procedures for interconnection requests, with approval periods of less than 30 days, should an 
installation meet these fast-track criteria (70 FR 71760-71772). The fast-track procedures are based on 
generator size, technology, and size in relation to feeder and substation load. Only certain sites and 
technologies need in-depth network studies and the customer owning the generation pays the utility for 
these studies. 

Table 8.10 offers potential solutions to other impediments. 

Table 8.10. Potential Solutions to Other Impediments 

Impediment Solutions 

Interconnection Requirements • Stakeholders should work with states to continue developing 
interconnection standards that utilize IEEE 1547 as their technical basis, 
and the development of the set of IEEE standards should be completed. 

• Dispute resolution clauses within the state interconnect standards are 
needed such that technical differences that have major impact on 
implementation cost and safety can be resolved in an open and equitable 
manner. 

Application Fees and Study Costs • FERC-proposed procedures present a model that has been used by some 
states and might be paralleled by other states. 

Liability, Insurance, 
Indemnification, and Dispute 
Resolution 

• Scaling insurance requirements based on the relative size of the 
generator, the nature of electrical interconnection, and physical potential 
for impact will provide the greatest balance between real financial 
liability and added project costs. 

Timeliness • Texas, New York, and California, among other states, have recognized 
the issue of timeliness and have instituted rules, requirements, and 
procedures to deal with the issues. These states have seen an improved 
process of DG through means such as a single point of contact, specified 
maximum study periods, and a facilitation project involving 
stakeholders to improve responsiveness. 

 

8.6 Major Findings and Conclusions 
Many states are beginning to address the rate-related and other impediments to the installation of DG 
systems. A number of rules, regulations, and rate-making practices discourage DG because they impose 
costs or burdens that reduce financial attractiveness. In the vast majority of cases these rules and 
regulations are under the jurisdiction of the states, which means that they can vary by state and utility 
service territory, which in itself can be an impediment for DG developers who cannot use the same 
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approach nationwide, thus raising DG project costs beyond what they might otherwise be. Subtitle E – 
Amendments to PURPA of the Energy Policy Act of 2005 contains provisions for state public utility 
commissions to consider adopting time-based electricity rates, net metering, smart metering, uniform 
interconnection standards, and demand response programs, all of which help address some of the rate-
related impediments to DG. The DG interconnection provision builds on the ongoing work of the Institute 
of Electrical and Electronic Engineers (IEEE) to develop uniform DG interconnection standards. It is 
expected that the DG-related provisions of the Energy Policy Act of 2005 will increase the level of 
activity in states across the country to address rate-related and other impediments to DG. 
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Appendix A. DG Benefits Methodology – An Example 

This Appendix presents an example of a methodology that has been applied to estimate potential DG 
benefits to utilities, customers, and the general public. As discussed in this report, some of the benefits 
from DG are related to avoided or deferred capital investments; some are related to market pricing effects; 
and others are related to system efficiency enhancements. Given the scope of the potential, no single 
method can be used to estimate all of the benefits DG provides to a utility and/or the customers served by 
that utility. In this example methodology, therefore, separate approaches are used for each major 
component of DG benefits, including the following: 

• deferred generation capacity 
• deferred transmission and distribution (T&D) capacity 
• provision of reactive power 
• energy substitution, congestion relief, and losses 

This methodology is presented as an example of how the benefits of DG can be measured, but it should 
not be construed to disparage the use of other methodologies. A number of states and utilities have made 
significant efforts to assess DG, and there are a variety of valid approaches that are designed to meet the 
specific needs of particular regions, service territories, or localities.  

Regional variations in regulation, market rules, energy supply, and population density are responsible for 
much of the variation between the approaches most often used today. Yet there are other reasons why no 
standard methodology has emerged for estimating the benefits of DG, including the difficulty of obtaining 
accurate and applicable data. Given rising levels of competition in the electric power industry, 
information regarding location-specific infrastructure costs and location-specific loads and load 
projections is usually considered to be proprietary. This limits the ability of anyone without access to this 
type of specific data to make accurate assessments of DG benefits to the utility, customers, and the 
general public. 

A.1 Example Approach to Estimating Deferred Generation Capacity 

Utilities use the loss-of-load probability (LOLP) or loss-of-load expectation (LOLE) approach to 
determine the level of generation reserves that are required to maintain a given level of system reliability. 
This is often considered to be a rigid reliability requirement for capacity in an area.  

Many restructured markets have organized capacity markets to ensure that they have enough capacity 
available.88 Thus, the marginal capacity price reflects the supply and demand equilibrium for power 
supplies; in other words, the capacity clearing price is the marginal offer at which existing power plant 
capacity is equal to the level of peak demand plus reserve requirements. If the market is working 
properly, and the price for capacity is adequate to encourage new investment, there should be sufficient 
capacity to meet the planning reserve margin over the system peak. 
                                                      
88  Note that a capacity market is different from a market for energy, where suppliers actually produce something; in capacity markets, 

suppliers are being paid to have capacity available to offer into the energy market. The need for capacity markets stems partly from the 
existence of price caps in the energy market, which prevents plants that run only a few hours out of the year from covering all their fixed 
costs through energy sales. 
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Figure A-1. Equilibrium in the Capacity Market 
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Figure A.1 shows the dynamic changes between capacity and supply that form the basis for the organized 
wholesale markets for electric capacity. This graph shows the peak demand growing over time and the 
existing capacity decreasing due to the retirement of aging power plants. The combination of growing 
peak demand and power plant retirements leads to the need for new capacity. These changes lead to 
adjustments in the observed equilibrium price where the equilibrium price is the net cost of capacity for 
the marginal generation unit (i.e., net of any revenue from energy sales). When there is sufficient 
capacity, the marginal unit already exists and the marginal cost of capacity is close to zero (as shown at 
the “equilibrium” time in Figure A.1); when there is not sufficient capacity, the marginal unit is a new 
unit with a potentially high cost of capacity. 

The value of the deferred generation investment to the utility is the change in the marginal capacity price 
with and without the installed DG minus any capacity payments from the utility to the DG owner. For 
example, if the capacity price without a DG installation is $75/kW per year and the additional installation 
of DG capacity reduces capacity prices to $60/kW per year, then the value of the DG capacity is $15/kW 
per year. All units up to the last unit that provide capacity to meet demand and reserves in the market earn 
the capacity price. Thus, the total savings provided by the DG owner is the $15/kW per year capacity 
price reduction multiplied by the peak plus reserve demand. The utility should be willing to pay the DG 
owner up to $15/kW per year for the new DG capacity after accounting for any utility administrative costs 
in managing that DG facility. Any additional savings in generation investment deferral that accrue to the 
utility is expected to be passed through directly to consumers or through reduced rates. 

The value of deferred generation capacity (capacity price net of energy margin) depends on the existing 
supply-demand balance. As shown in Figure A.2, the value of deferred generation capacity is lowest in a 
market where generation units economically retire due to excess capacity and highest in a capacity-
deficient market. Note that the netback price is the price less any payments to deliver the capacity, such as 
the payment for transmission and losses. 
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Figure A-2. Competitive Market Capacity Price-Setting Mechanisms – Illustrative 
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Least-cost production cost-simulation models are used to determine the capacity price of a power system. 
Generally the capacity price of a system is mathematically expressed as 

Capacity Price ($/kW-year) = Capital Cost ($/KW) x Capital Charge Rate (%) + Fixed  Cost ($/kW-yr) - 
Net Energy Margin89 

where the Capital Charge Rate is a combined rate that covers debt payments, property taxes, insurance, 
and return on equity. 

The savings to consumers would be the capacity price differential multiplied by all the installed capacity 
up to the established reserve levels minus any payments made to the owners of the cogeneration and small 
power production facilities. This capacity-price-setting approach is an industry standard used in many  
production cost models, such as the Integrated Planning Model (IPM®) used by ICF International for the 
U.S. Environmental Protection Agency’s power sector emission policy analyses.  

A.2 Example Approach to Estimating the Value of Transmission and 
Distribution Deferral 

It is more complicated to determine the deferred investment in T&D capacity than it is to determine the 
deferred investment in generation capacity. The complexities come from the following issues: One can 
examine the benefit of cogeneration and small power production on a single T&D feeder or for a 
geographically defined T&D network. The approach used to determine the benefit of deferred investment 
in a single T&D feeder is different from the approach used to determine the benefit for a defined T&D 
network. 

While the capacity (in megawatts) of all generation facilities connected to an alternating current power 
system is usually known with reasonable certainty, the capacity of a single feeder or a bundle of 

                                                      
89  This is the energy margin realized by the marginal unit in the market. 
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transmission facilities in an interconnected alternating current power system is not known with certainty, 
as discussed in Section 3.5. 

Transmission and distribution loading relief that can be provided by DG helps defer utility T&D 
investments either for reliability or for commercial energy transfers. Transmission and distribution 
loading relief may come from all three major services provided by DG resources, i.e., reduction in peak 
power requirements, provision of ancillary services including reactive power, and emergency supply of 
power.  

Unlike deferred real power generation investments, estimating deferred T&D investment does not readily 
lend itself to linear programming production cost model-based analytic techniques. This example 
methodology includes estimating deferred T&D capacity for a defined T&D system. (An example for a 
single transmission feeder can be found in EPRI 2005). 

Example Approach for a Defined Transmission and Distribution System 

The approach described below may be used to determine the T&D investment deferral benefit of 
cogeneration and small power production facilities on the entire utility T&D system as a whole rather 
than on a specific feeder. This approach was used by ICF Consulting to estimate the avoided cost of T&D 
capacity for the Avoided-Energy-Supply-Component Study Group of the New England region (ICF 
Consulting 2005).  

This approach comprises four major steps: 

1. Develop data that provide the benefits in $/kW per year of deferred transmission capacity 
from the analysis. 

2. Develop data that catalogue investments in transmission and distribution over a historical 
and/or forecast period of years. 

3. Develop data that catalogue peak-demand growth over the same historical period of years. 

4. Develop data that calculate the annual carrying charge of those investments based on 
assumptions on taxes, financing costs, operational expenses, and other recurring costs. 

Data on Deferred Investment 

The deferred investment in $/kW per year (similar to the deferred generation investment) are here defined 
as the incremental investment that occurs over a period of time that can be attributed to load growth 
divided by the actual load growth in that period. This approach is a reasonable approximation for the 
incremental costs of investment associated with T&D.  

The time period for which data are available and the quality of those data are very important to this 
calculation. A period of about 25 years is recommended (preferably 15 historical years and 10 forecast 
years), given the lumpiness in the T&D investment cycle. Depending on the accuracy of the data, 
appropriate weighting factors may be applied to the historical and the forecast data.  
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Data on Historical or Projected Transmission Investment  

The time period requires a duration over which a reasonable amount of investment occurred or is 
projected to occur. The recommended period of time is 25 years in length, (i.e., 15 historical years and 
10 forecast years). The data on investment costs specified each year in nominal dollars are summed to 
determine the incremental investment which has occurred over the base year to the final year in the series. 
The share (in a percentage) of the total investment which is believed to be related to load growth is 
specified. The default for this is set to 50% of the T&D investment. This share is particularly important 
because even without the benefit of installed cogeneration and small power production or other demand-
side management activity, some reliability upgrades may become necessary. The data are entered in 
nominal dollars but are converted to real dollars using the Handy-Whitman index for utility T&D costs 
trends for a long-term historical period. T&D investment costs have increased at a rate above general 
inflation, which is reflected in the Handy-Whitman derived escalation factor. Note, the historical 
relationship of transmission costs to general inflation is assumed to continue at the historical rate going 
forward.  

Data on Carrying Charge Rate 

The annual carrying charge for T&D includes insurance, taxes, depreciation, interest, and operations and 
maintenance (O&M). These line items should reflect the costs associated with new investment which can 
be deferred or avoided. In several cases, such as insurance and property tax expense, the full value 
associated with that item would be avoidable and it is appropriate to apply the share of the costs 
associated with that line item calculated as a percent of the total existing costs as the avoidable amount. 
However, in the case of O&M cost, new investment projects benefit substantially through economies of 
scale gained from existing investment. Given these economies, the O&M for new investments would be a 
much smaller share of the total project costs than the existing O&M expenses are of the current existing 
plant.  

The standard data for the carrying charge calculation largely rely on Federal Energy Regulatory 
Commission (FERC) Form 1. As with all other inputs in this analysis, the carrying charge is required to 
be in real dollars. Values entered in nominal dollars should be converted to real dollars using an inflation 
rate input. A schedule for distribution capacity having identical formulation and format may be used for 
distribution investments. 

Data on Peak-Load Growth 

The peak-demand growth over a specific historical and/or future time period consistent with the 
investment data is used to determine the incremental load growth for which T&D investments are 
planned. Special consideration should be given to the following factors:  

1. Since peak demand can vary widely from year to year, as seasonal temperatures affect 
consumption during peak periods, it is important to consider the effect weather may have had on 
historical information used in this analysis. 

2. If peak is measured at the generation point, transmission and distribution losses will need to be 
added to the values to capture the $/kW per year incremental costs savings at the load level. 

3. When using historical and forecast demand data, users should verify that the point of 
measurement (load versus generator) is consistent. 
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4. The peak load for the forecast period should reflect the driver of the forecast investment data. For 
example, if planning is done to an extreme peak load condition rather than a normal peak load 
condition, the forecast demand data should be entered for the extreme case that is consistent with 
the investment dollars.  

A.3 Example Approach to Estimating Reactive Power Benefits 

In both organized wholesale power markets and traditional, vertically integrated power markets, reactive 
power resources that receive payments are usually reimbursed their annual reactive power revenue 
requirement. For generators, this revenue requirement is derived using the AEP Methodology,90 which 
ensures recovery of only the investment costs associated with the installed reactive-power-producing 
facilities. There are two main groups of reactive-power-producing equipment that are compensated under 
the AEP Methodology: (1) the generator/exciter and (2) the generator step-up transformers. The 
investment cost of the generator, exciter, and generator step-up (GSU) are determined from the net book 
value of these assets.  

The portion of this investment used for reactive power production is determined by applying an allocation 
factor referred to as a “reactive allocator.”  The reactive allocator is determined from the technical 
relationship between real power measured in megawatts and reactive power measured in mega volt-
amperes-reactive (MVAr). The sum of the square of these two components gives the square of the total 
power capability, which is measured in mega volt-amperes (MVA). This is shown in the equation below: 
  

MW2 + MVAr2 = MVA2. 
This equation may also be written as: 

(MW2/MVA2) + (MVAr2/MVA2) = 100% 

In this form, this equation shows that the sum of the real power and reactive power components compose 
the total generating capacity. Thus, the reactive power component is (MVAr2/MVA2). 

A portion of the investment in the real power production facilities is used to energize the “exciter.”  This 
component is determined by first determining the total investment in facilities used exclusively for the 
production of real power. The proportion of this real power investment that is used to energize the 
exciters is determined from the ratio of the real power consumption of the exciters to the maximum real 
power capability of the generators. This ratio is the real power contribution to reactive power production 
allocator. This ratio is applied to the real power plant base to obtain the proportion of real power 
investment used for the exciters. 

Thus, the total investment in reactive power production facilities is the sum of the three components, 
i.e., the reactive portion of investment in the generator and exciters, the reactive portion of investment in 
the generator step-up (GSU), and the reactive portion of real power investment used to excite the exciter. 

After determining all the investment costs in facilities associated with reactive power production, an 
annual carrying charge (also referred to as a fixed capital charge rate) is applied to the total cost of 
investments in reactive power facilities to determine the annual revenue requirement. The fixed capital 
charge rate is the percent of the overall investment in the reactive power production facilities required to 
cover fixed operations and maintenance costs, fixed general and administrative expenses, taxes and 
                                                      
90 AEP Methodology is derived from American Electric Power Service Corp., Opinion No. 440, 88 FERC 61141 (1999).  
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insurance costs, principal and interest payments on capital and return on capital for equity investors for 
the investment in the reactive power production facilities over the life of the equipment. See Figure A-3 
for a Summary Schedule of Reactive Power Revenue Requirement of a typical generating unit. Note that 
for some markets a service factor may be applied to the revenue requirements to capture the percent of 
hours that the plant is in operation.  

See Figure A-4 for a summary schedule of reactive power revenue requirement of a typical generating 
unit. Note that for some markets a service factor may be applied to the revenue requirements to capture 
the percent of hours that the plant is in operation. (The numbers in the following figure are from an actual 
FERC filing, and they have been altered slightly to hide their source.) 

Figure A-3  Illustrative Summary Reactive Power Schedule 
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Schedule 1

Line Description Units

Unit Name Centralia 1-2

1 Reactive Power Portion of Generator/Exciter Costs
a Cost of Generator US$ 40,000,000
b Cost of Exciter US$ 2,000,000
c Total Generator and Exciter Costs US$ 42,000,000
d Reactive Allocator 12.00%
e Cost of Reactive Power Producing Portion of Generator/Exciter US$ 5,040,000

2 Reactive Portion of GSU Costs
a GSU Cost US$ 7,000,000
b Reactive Allocator 12.00%
c Cost of Reactive Power Producing Portion of GSU US$ 840,000

3 Associated Plant Allocated to Reactive Power Production
a Total Plant Assets US$ 720,000,000
b Ancillary Electrical Equipment US$ 20,000,000
c Cost of Reactive Power Portion of GSU US$ 840,000
d Cost of Reactive Power Portion of Generator and Exciter US$ 5,040,000
e Other Production Facilities US$ 650,000,000
f Plant Real Power Base US$ 44,120,000
g Plant Real Power Contribution to Reactive Power Production Allocator 0.50%
h Reactive Allocator 12.00%
i Cost of Associated Plant allocated to Reactive Power Production US$ 26,472

4 Cost of Reactive Power Producing Facility
a Cost of Reactive Power Producing Portion of Turbo Generator US$ 5,040,000
b Cost of Reactive Power Producing Portion of GSU US$ 840,000
c Cost of Associated Plant allocated to Reactive Power Production US$ 26,472
d Subtotal US$ 5,906,472
e Total Fixed Charge Rate 19.31%
f Annual Cost US$ 1,140,778
g Monthly Cost US$ 95,065

Reactive Power Revenue Requirement
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Figure A-4  Illustrative Schedule for Determining the Annual Carrying Charge 
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Line Description Unit Source
1 Operation and Maintenance Demand Expense
a Total Annual O&M Production Demand Expense US$ 40,000,000     
b Total Associated Production Plant in Service US$ 800,000,000   
c Average O&M Demand Expense 0.0500     Line 1a/Line 1b

2 General and Administrative Demand Expense
a Total Annual G&A Production Demand Expense US$ 9,000,000       
b Total Associated Production Plant in Service US$ 800,000,000   
c Average G&A Production Demand Expense 0.0113     Line 2a/Line 2b

3 Property Tax Expense
a Total Annual Property Tax Expense US$ 6,000,000       
b Total Associated Production Plant in Service US$ 800,000,000   
c Annual Average Property Tax Expense 0.0075     Line 3a/Line 3b

4 Insurance Expense
a Total Annual Insurance Expense US$ 3,000,000       
b Total Associated Production Plant in Service US$ 800,000,000   
c Annual Average Insurance Expense 0.0038         Line 4a/Line 4b

5 Depreciation Expense
a Book Depreciation Expense US$ 50,000,000     
b Total Associated Production Plant in Service US$ 800,000,000   
c SLDp 0.06250          Line 5a/Line 5b
d Depreciable Years "n" 16.0                Depreciable years "n" = 1/SLDp
e SFDp = [(RoR/(1+RoR)^n-1] 0.0250     

6 Income Tax Expense
a Federal Income Tax Rate % 35
b State Income Tax Rate % 0
c Gross Income Tax "GIT" % 35 Line 6a + Line 6b
d Gross-up Tax Factor ("GTF") % 65 100% - Line 6c
e Composite Income Tax Factor 0.0160     (GIT/GTF)*(RoR+SFDp-SLDp)*(1-WtdLTD/RoR)

7 Financing Expense

a Rate of Return (RoR)
Percent of 

Total
Cost Rate 

(%)

Weighted 
Average 

(Wtd)
b Equity Common Stock % 40 11.00 0.0440

c Preferred Stock % 12 7.50 0.0090

d Long Term Debt (Ltd) % 48 6.75 0.0324

e Total % 100 25.25 0.0854 0.0854       
8 Total Fixed Charge Rate 0.1989     Line 1c+Line 2c+Line 3c+Line 4c+Line 5e+Line 6e+Lin

ANNUAL CARRYING CHARGE SCHEDULE
Amount

 

A.4 Example Approach for Estimating Energy, Transmission Congestion 
and Transmission Loss Benefits 

When DG facilities such as combined heat and power (CHP)91 provide energy, they substitute a portion of 
the system load and lower the marginal price of power for all consumers. Therefore, customers pay a 
lower electricity cost than would have been the case without the operation of the DG facilities. The 
reduction in power prices is directly passed through from the load-serving entities to their consumers. 
Similarly, by supplying load at the end-use location DG facilities help reduce transmission congestion and 
losses. The benefits from energy substitution, transmission congestion, and loss savings is analytically 
captured through production cost modeling of a reference case and a change case with and without the 
DG facility. The saving in production cost in the two cases captures the combined benefit of all three 
factors—energy savings, congestion, and losses—as illustrated in Figure A-5 below. 

There are many commercially available production cost models that may be used to capture the combined 
savings from energy substitution, transmission congestion, and losses. Many of these models are based on 
linear programming optimization techniques. A schematic of one of these models in provided in Figure 
A-6. 

                                                      
91  CHP units tend to have higher generating efficiencies, therefore they often substitute power from conventional sources. 



 

 A-9 

Figure A-5  Combined Production Costs Savings from Energy Substitution and Congestion and Losses 

 

 

Figure A-6  Combined Production Costs Savings from Energy Substitution and Congestion and Losses 
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A.5 Summary and Conclusions 

In summary, this Appendix provides example approaches to estimate the benefits of installed DG capacity 
to utilities and to customers served by utilities for each of the different benefit categories. Example 
approaches have been presented for estimating benefits from deferred generation capacity, deferred T&D 
capacity, reactive power ancillary services and energy, congestion, and losses. In conclusion, there are no 
uniform, or standardized methods or models for estimating the potential benefits of DG. There are several 
approaches in the literature that could be used. The methodologies presented in this Appendix are for 
illustrative purposes in an effort to outline the types of approaches that have been applied successfully and 
to identify potential pitfalls to avoid. 
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Appendix B.  Calculations to Establish Land Use for 
Typical Central Power Source and Distributed 
Generation Facilities 

The variables and land-use values that are used to estimate the total amount of land required for central 
power sources are presented in Table B.1. 

Table B.1.  Typical Acreage for a Central Power Source 

Fuel Type 

National 
Percentag
e (2004) 

Adjusted 
National 

Percentage 

Area Required 
For Utility Site 

Operation 

Acreage Associated 
with Central Power 

Source 

Coal  49.8% 51.82% 129 ha 165.19 
Natural Gas 17.9% 19.92% 40.5 ha 19.94 
Nuclear  19.9% 21.92% 1814 ha 982.54 
Other Renewables - Wind 1.15% 3.17% 520 ha 40.72 
Other Renewables - Hybrid Popular 1.15% 3.17% 121 ha 9.49 

Total 89.9% 100%   1217.86 Acres 
Difference in Total Percentage 10.1%    
Addition to Adjust Percentage 2.02%    

To derive the assumed acreage required for a central power source, the national percentage for electricity 
generation is combined with the land required for a utility site operation. However, the national 
percentage is first adjusted given that there is no land-use data on petroleum-based utility sites, and hydro 
sites are land-use intensive, the land-use estimates assumed for a typical central power source would be 
skewed. Secondly, the national percentage is adjusted based on the difference from the fuel types that are 
not included in the typical central power source land-use estimate. Lastly, the weighted average area 
required for a central power source is estimated by multiplying the area required for a utility site 
operation and the associated national percentage based on the fuel type of the central power source. 
Spitzley and Keoleian (2004) present their land-use data in hectares and these estimates are converted to 
acres given that most information in this appendix is presented on a per-acre basis.  

The variables and land-use values that are utilized to estimate the amount of space used for a typical DE 
facility was derived from previous research presented by RDC. This publication provided information on 
the size of the typical DE facility and the footprint (sq ft/kW), which is provided in Table B.2. 

Table B.2.  Land-Use Estimates for Various Distributed Generation Facilities 

Technology Engine: Diesel Engine: Natural Gas Microturbine Fuel Cell 

Size 30kW - 10 + MW 50kW - 6 + MW 30 – 200 kW 100 – 300 kW
Footprint (sq ft/kw) .22-.31 .28-.37 .15-.35 0.9 
Average Footprint (sq ft/kW) 0.265 0.325 0.25 0.9 
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Technology Engine: Diesel Engine: Natural Gas Microturbine Fuel Cell 
Average kW 5015 3025 115 1550 
Total Footprint (sq ft) 1328.98 983.13 28.75 1395.00 

The average footprint (sq ft/kW), average kW, and total footprint variables in the above table were 
calculated from the two rows, Size and Footprint. First the average footprint is estimated given the range 
of estimates provided by RDC (1999).  Secondly the average kW is estimated from the size values. These 
two estimates can be used to calculate the total square footage that could be expected from these forms of 
DG facilities. 

To assess the total land area that could be saved from expanding DG resources, the difference between the 
area typically used for a central power source and the DG facilities used for case studies is estimated. This 
estimate is the maximum available land resources that could be saved due to establishing the specific case 
studies reviewed in this analysis. The estimates for each case study are presented in Table B.3. 

Table B.3.  Open-Space Estimates for Case Studies 

Case Study  
Surface Area- 

Square Footage 
Surface 

Area-Acreage 
Open-Space 

Estimates (acres) 

The Philadelphian Condominium  503 0.01 1217.85 
Columbia Boulevard Wastewater Treatment Plant 200 0.004 1217.83 
Santa Rosa Island Housing Facility 2,304 0.05 1217.85  

To estimate the column in Table 7A.3, the difference between the typical acreage required for a central 
power source (1217.86 acres) and the land use used by each case study is utilized. The assumed surface 
area required for each case study varies based on information presented by the DOE in regards to the case 
study and information published by the RDC and presented in Table 7A.2. For example, the land-use 
information for the Philadelphian Condominium case study was derived from information on the total 
land utilized by the facility and the CHP unit. The land-use information for the Columbia Boulevard 
Wastewater Treatment Plant was extracted from RDC (1999). On the other hand, the Santa Rosa Island 
land-use amounts are based on data presented by Spitzley and Keoleian (2004), land-use values for 
various solar facilities, which is equal to 365.97 sq ft, which is equivalent to 0.01 acres. 
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Appendix C.  Further Justification for Land-Use 
Benefits Values 

The land-use values used for the quantitative analysis for this appendix were not established through a 
rigorous statistical assessment but instead through a basic review of land-value estimates from previous 
research publications. A literary justification for the land-use values is presented in this appendix. 
Information on the value of agriculture-based open space is presented below. Following this appendix, the 
ROW acquisition cost estimates are further discussed. 

The open-space dollar-value estimates observed in this appendix are assumed to range between $171.72 
and $4,687.00 per acre. The information used to choose this range of values is presented in Table C.1. 

Table C.1.  Price-Per-Acre Open-Space Estimates from Previous Research 

Author Low Range (Price Per Acre) High Range (Price Per Acre) 

Irwin $4,687.00 $23,437.00 
Lynch and Lovell $1,165.00 $4,685.00 
Conservation Reserve Program (CRP) $121.00 $145.40 
USDA (Commercial Land Value) $290.00 $11,200.00 

Irwin (2002) and Lynch and Lovell (2002) reviewed the value of preserved lands near the 
Washington D.C. – Baltimore metropolitan area. These estimates would be considered the upper limit of 
price per acre given the proximity to urban area and the influence of the Chesapeake Watershed 
conservation efforts. Irwin’s high-range estimate is excessive in comparison to the rest of the literature 
reviewed. However, the low-range estimate from Irwin is within the range presented by Lynch and 
Lovell. The upper range presented by Irwin was chosen for the upper-range estimate in this analysis. In 
addition, the high range presented by Irwin is excessive in comparison to the reviewed literature. In terms 
of the lower value, the Conservation Reserve Program (CRP) estimates were used given the previous 
research from the United States Department of Agriculture (USDA), Economic Research Service (ERS) 
and the similar values between the CRP and the lower value of USDA commercial agriculture land 
estimates (Feather et al. 1999). 

On the other hand, the ROW acquisition cost dollar-value estimates presented in this section range 
between $1,780 and $60,000. The information used to choose these range of values is presented in 
Table C.2. 

Table C.2.  Price-Per-Acre ROW Acquisition Cost Estimates 

Author Low Range (Price Per Acre) High Range (Price Per Acre) 

DOE EIA (2002 and 2003) $1,314.96 $1,780.55  
AEP (average) $39,075.00 
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Author Low Range (Price Per Acre) High Range (Price Per Acre) 
Parker (natural gas pipeline)  $13,000  $60,000.00  

Indiana Highway92 $45,000.00  $70,000.00  

Arizona Highway93 $45,000.00  $187,000.00  

The land purchase for ROWs used for electricity transmission lines in 2003 was equivalent to 
$1,314.96 per acre.  This estimate did not include legal fees or the required services to alter assets located 
on the land resources used for ROWs. There is no additional research that has validated this level except 
for the data in 2002.  Additionally, the low-range value presented by the Energy Information 
Administration seemed excessively low in comparison to the literature on electric transmission ROW 
acquisition costs. In turn, the 2002 estimate that is greater than the 2003 estimate was chosen as the lower 
limit estimate for this analysis. 

The upper-limit value of $60,000 falls between the estimates observed in the two highway publications 
reviewed in this research effort. The vehicular transportation industry typically incurs the greatest level 
ROW acquisition costs.  In addition, this upper-limit value is observed in Parker (2004) for 20-inch 
natural gas pipelines. Therefore, this value is chosen as an upper-range estimate for per-acre electric 
transmission ROW acquisition costs. The average estimates between the range of values concluded for 
this research effort, $1,780 and $60,000, present a median estimate of roughly $30,000, which is similar 
to the average per-acre ROW costs observed by a proposed transmission line presented by the AEP, 
$39,075 (AEP 2006). 
 

                                                      
92 This information was derived from Indiana Department of Transportation and the Federal Highway Administration, 2003.  “US 31 

Improvement Project, Interstate 465 to State Road 38; Draft Environmental Impact Statement” (DEIS)” Data developed by Parsons 
Transportation Group, Inc. June. 

93 This information was derived from Arizona Department of Transportation, 2006. “Williams Gateway Corridor Definitions Study Final 
Report,” Phoenix, Arizona.  Accessed September 22, 2006 at 
http://tpd.azdot.gov/planning/Files/cds/williams/FR1_Williams%20Gateway%20Final%20Report.pdf 


